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Preface 

The eighth edition of the International Acid Gas Injection Symposium 
(AGIS VIII) was held at the end of September 2019 in Calgary, Canada. 
Presentations and posters covered various topics related to (1) acid gas 
injection [AGI], (2) carbon capture and storage [CCS], and (3) the use of 
CO2 for enhanced oil recovery [EOR]. This volume contains select papers 
presented at the Symposium. These included primary research such as the 
solubility of CO2 and the ionic speciation of CO2 in amine solutions. It 
also includes safety considerations such as pipeline leak detection and the 
dealing with a blowout from an acid gas well. And through to applications, 
including field projects. It is worth noting that Chap 1 is the paper that was 
presented by Mitch Stashick and was awarded the Best Student Paper at the 
Symposium. 

YW, JJC, MH & WZ
October 2019 
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Modifying Effects of Hydrogen Sulfide  
When Contemplating Subsurface 

Injection of Sulfur
Mitchell J. Stashick, Gabriel O. Sofekun and Robert A. Marriott*

Department of Chemistry, University of Calgary, Calgary, Alberta, Canada

Abstract
Transportation and handling of molten sulfur is inevitably challenging due to the 
anomalous rheological behaviour of sulfur with changing temperature. After melt-
ing at 115 °C, sulfur’s viscosity remains close to 10 cP. The onset of the λ-transition 
region is observed at T ≈ 160 °C. The viscosity drastically rises in this region, 
increasing to a maximum of about 93000 cP at 187 °C. This anomaly is due to the 
cleavage of sulfur rings and production of reactive diradical sulfur species that 
concatenate to create sulfur polymers. The entanglement of these sulfur chains 
causes the dramatic rise in viscosity. Within this work, new data is reported that 
examines the modifying effects of hydrogen sulfide (H2S) within liquid sulfur. 
This may be used when considering the potential injection of liquid sulfur into 
depleted reservoirs for safe long-term storage. H2S, when present in liquid sul-
fur, can either physically dissolve or chemically react to generate polysulfane. The 
chemical reaction causes significant changes in the sulfur chain distribution and 
consequently changes the viscosity curve of liquid sulfur as a function of tempera-
ture. This study reports viscosity measurements performed from 120 < T < 280 °C 
with concentrations of H2S in sulfur ranging from 0 ppmw to 284 ppmw.

Keywords:  Rheology, viscosity, λ-transition, sulfur, polymers, hydrogen sulfide

*Corresponding author: rob.marriott@ucalgary.ca
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1.1	 Introduction

Sulfur requires transportation and handling on an industrial scale. After 
acknowledging that there were approximately eighty million metric tons of 
elemental sulfur produced globally in 2018, this becomes abundantly clear 
[1]. Sulfur recovery from oil refineries and sour gas treatment plants (sour 
gas is natural gas with hydrogen sulfide (H2S) > 5.7 mg∙m-3) has contin-
ued to increase, bringing about more deliberation on the utilization and/
or storage of sulfur product. When the value of sulfur is not high enough 
to economically justify transportation and sale of the material, it is often 
common to block pour for long-term storage. Block pouring sulfur is a 
relatively inexpensive method where sulfur is solidified within retaining 
walls on large plots of land. However, there are some disadvantages to 
this technique. The land on which the blocks are poured must be leased 
or owned and this can cause some financial strain. Also, bacteria classi-
fied as Thiobacilli are known to metabolize sulfur by oxidizing the mate-
rial to sulfate SO4

2−( ) and in doing so produce sulfuric acid (H2SO4). This 
along with rain and further weathering results in the need for water treat-
ment of the acid runoff, incurring additional cost. Lastly, large amounts of 
weathering sustained by sulfur blocks can yield high content of materials 
such as dirt, sand and moisture. This can create issues of purity if the price 
of sulfur rises and it makes economic sense to sell the product again [2]. 
Alternatively, producers have chosen to inject H2S (acid gas injection) to 
mitigate stranded sulfur. With acid gas injection, one needs to consider the 
energy required for compression of gas, storage under pressure and the loss 
of energy due to eliminating the Claus plant.

In future operations, an alternative to block pouring or acid gas injec-
tion could include the potential injection of liquid elemental sulfur into 
depleted reservoirs for safe long-term storage. This method would dimin-
ish some of the issues experienced with block pouring, but would likely 
sustain other costs needed for infrastructure and operation. Also, other 
fundamental understanding is currently lacking in order to pursue this 
approach. The conditions under which an injection such as this would take 
place must be known and understood in how they will impact the rheolog-
ical behavior of sulfur.

One of several conditions to consider is that all sulfur produced in 
Sulfur Recovery Units at refineries and gas processing facilities will con-
tain some residual H2S. This is because sulfur is recovered before complete 
conversion from H2S. Generally, recovered sulfur from a plant process can 
have up to 380 ppmw of dissolved H2S depending on the facility set up [3]. 
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Another condition to consider is the temperature of the depleted under-
ground reservoir. For this, the range of interest for potential injection was 
found to be around 120 < T < 280 °C. It should be recognized that this tem-
perature range includes the λ-transition region of liquid sulfur. Also, high 
shear must be considered as this will be encountered in sulfur pumps and 
the near-wellbore region. Studying sulfur’s shear flow with and without 
H2S over the specified temperature range could therefore greatly improve 
the fundamental understanding needed for injection of molten sulfur.

The viscosity temperature dependence of sulfur within the λ-transition 
region can be explained by a scission-recombination equilibrium for poly-
mers and the term reptation. In this occurrence, reptation is defined as the 
thermal motion of entangled macromolecular sulfur chains. At T > 160 °C,  
cleavage of sulfur S8 rings results in the generation of reactive diradical 
sulfur species that combine to create sulfur polymers [4]. The average poly-
mer chain lengths increases as a function of temperature leading to more 
entanglement and higher viscosity values. At 187°C, the maximum poly-
mer chain length is reached, along with the maximum viscosity. Beyond 
this temperature, the viscosity decreases due to the thermal scission of 
polymer chains; however, if H2S is present, the viscosity profile of sulfur 
changes depending on concentration. H2S is known to chemically react 
with diradical sulfur species during the λ-transition to produce polysul-
fane, as shown in Eq. (1-1). This reaction terminates the polymerization, 
which reduces the average sulfur polymer chain length. Therefore, a reduc-
tion in the viscosity of the liquid is observed [5-7]. 

	 H S S H S2 2 1+ ⋅ ⋅ +x x 	 (1.1)

1.2	 Experimental

1.2.1	 Materials

Oxygen-free, nitrogen gas (N2; 99.998% as per certificate of analysis) was 
purchased from Praxair Technology, Inc. Hydrogen sulfide gas (H2S; 99.6% 
containing N2, Ar and trace CO2 as per certificate of analysis and in-house 
gas chromatography analysis) was purchased from Praxair Technology, Inc. 

Sulfur used for this study was air prilled and supplied by Keyera Energy 
from their Strachan, Alberta, gas plant in 2017. Analyses of the air prills 
were performed and reported in Table 1.1. Moisture (volatiles) content, 
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total nonpolymer sulfur content/overall purity, and ash content were 
determined by methods used at ASRL, reported by Sofekun et al. [4]. Total 
carbon content and H2S content were also performed on the sulfur prills. 
Additionally, it was necessary to perform analyses of H2S content before 
and after rheometric measurements. Total carbon content was measured 
using an analysis method established by Dowling et al. [8]. H2S content was 
measured using an analysis method detailed by Sofekun et al., Marriott 
et al., and Tuoro and Wiewioroski [3, 4, 9, 10]. Large sulfur samples that 
had been equilibrated with H2S were partially used to record infrared spec-
tra (six total measurements) prior to each set of rheometric measurements. 
All samples were analyzed using a Nicolet 380 FT-IR (Thermo Electron 
Corp.) spectrometer.

1.2.2	 Rheometer

The experimental system was composed of an Anton-Paar MCR 302 rhe-
ometer with a custom built gravity-fed charging rig, a high-pressure N2 
cylinder and a thermostated Fourier Transform Infrared (FT-IR) cell used 
from previous studies [4, 9, 10]. A head pressure tee for inducing H2S partial 
pressures along with a purging setup connected to KOH traps for removal 
of H2S before venting was added. This permitted the safe introduction of 
differing concentrations of H2S in liquid sulfur samples. All valves and tub-
ing used for both the pressure tee and gravity-fed charging rig were made 
of 316L stainless steel. The system was housed inside a negative-pressure 
bay equipped with automatic toxic gas detectors.

Geometry and measuring limitations for the Anton-Paar MCR 302 
were detailed by Sofekun et al. [4]. Air checks and motor adjustments were 
performed at a rotational speed of 0.3 min-1 at set time intervals as rec-
ommended by the instrument manufacturer. This confirmed on a regular 
basis that the rheometer was in good working condition.

The procurement of viscosity data sets corresponding to each differing 
H2S concentration in sulfur were carried out using the following exper-
imental procedure: Two hundred grams of high purity sulfur prills were 

Table 1.1  Analytical results of the Keyera air prilled sulfur.

Moisture 
Content 
(wt. %)

Purity (wt. 
%)

Ash Content 
(ppmw)

Total Carbon 
Content 
(ppmw)

Total H2S 
Content 
(ppmw)

0.14 99.995 8 34 < 0.2
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placed in an oven overnight at 135 °C. The experimental system was pre-
pared for rheometric measurements of liquid elemental sulfur by inputting 
set points for the temperature controllers on the gravity-fed charging rig 
and rheometer cylinder jacket of 135 °C. After being held at the set tem-
perature for 2 hrs, the pressure tee was removed from the top of the res-
ervoir. The reservoir was then filled with 80 mL of liquid elemental sulfur. 
Following this, the pressure tee was reconnected to the top of the reservoir, 
purged and pressurized with pure H2S or a H2S/N2 mixture. The gases in 
the headspace of the reservoir were then allowed to equilibrate with the 
sulfur for at least 24 hrs. Following equilibration, the H2S dissolved in sul-
fur was extremely stable. This allowed the pressure tee to be purged with N2 
and subsequently, the safe loading of the rheometer cell.

To load the rheometer cell, a plug on the sample cell was removed and 
the pressure tee was disconnected. This allowed for liquid sulfur to be 
transported through the charging rig by gravity after opening a valve on 
the sulfur reservoir. This valve was metered until sulfur filled the rheome-
ter cell. Analyses by FT-IR to determine the concentration of dissolved H2S 
in sulfur were performed by sampling twice through a drain valve below 
the rheometer before filling the rheometer cell once more with a final sam-
ple used for viscosity measurements. The plug on the sample cell was then 
retightened, all valves were confirmed closed, and the sulfur reservoir was 
capped.

For measurement and recording of data, the desired T and shear rate, γ, 
were programmed using the Rheoplus software interface. Heating of the 
sample was done at 5 °C intervals from 120 to 280 °C. The measurements 
at each temperature were made after specified equilibration times. Average 
Newtonian viscosities were obtained at each temperature using a data pro-
cessing code written in Microsoft Visual Basic for Applications in Excel. 
The code yields uncertainty in each viscosity value at a 95% confidence 
interval.

1.3	 Results and Discussion

Four charges of liquid sulfur without H2S were measured to compare the 
maximum viscosity value, ηmax, with the previous study [4] and values 
reported by Bacon and Fanelli, Doi, and Ruiz-Garcia et al. [11-13]. At 187 °C,  
the values were in agreement with past studies, ηmax ≈ 93000 cP. When 
comparing the ηmax of Sofekun et al. to the average viscosity value of the 
four charges in this study, there was a relative change of 2.10%. This indi-
cated that no hydrocarbon impurities were present in the rheometer cell 
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during this study [4]. Average Newtonian viscosities were then measured 
at every 5 °C across the λ-transition of sulfur containing differing concen-
trations of H2S. The average Newtonian viscosity data for each specified 
H2S concentration in this study, was plotted as a function of temperature 
(Figure 1.1). The data plotted for sulfur with approximately no H2S present 
was reported by Sofekun et al. [4].

Some general trends were gathered from Figure 1.1. One clear deduc-
tion was that as H2S concentration increases, the viscosity of liquid sulfur 
decreases. Another definitive trend was that the viscosity curve or peak 
maximum shifted to higher temperatures with larger concentrations of 
dissolved H2S. Although measured viscosity values by Fanelli and Rubero 
were much lower due to high concentrations of H2S, the trends reported 
were in accordance with trends found in these studies [5, 7]. This study 
reports reliable data with more industrially-relevant concentrations of H2S 
in sulfur. The concentrations from this study would be more commonly 
found in recovered sulfur from natural gas processing plants or oil refin-
eries and therefore would be more relevant in consideration of storage by 
subsurface injection.

To speculate on the trends or changes in viscosity observed upon the 
addition of H2S in sulfur, Eq. (1-1) must once again be contemplated. The 
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Figure 1.1  Average Newtonian viscosity versus temperature for liquid sulfur containing 
different concentrations of H2S. ●, heating run of 0 ppmw H2S in sulfur; +, heating run 
of 15.9 ppmw H2S in sulfur; ▲, heating run of 35 ppmw H2S in sulfur; ×, heating run of 
79 ppmw H2S in sulfur; ■, heating run of 159 ppmw H2S in sulfur; ♦, heating run of 284 
ppmw H2S in sulfur [4].
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H2S present in sulfur acts as another reaction pathway where polymeriza-
tion is terminated to form a shorter polysulfane chain. Normally, with-
out H2S, the sulfur chain length distribution at each temperature would 
be determined by the chemical equilibrium established by scission and 
recombination of polymers. However, due to the new reaction pathway, 
the kinetic rate of termination interferes with the rate of recombination 
and/or polymerization resulting in a shift of the viscosity-temperature 
profile. Besides the profile shape change, there was a reduction in viscos-
ity. As mentioned before, this can be attributed to shorter polymer chain 
lengths. Shorter polymers results in less entanglement which influences 
the reptative behavior. With fewer entangled macromolecular chains, 
there are less intermolecular interactions to break allowing for an ease of 
thermal motion. Chain relaxation is faster and fluid deformation requires 
less force.

1.4	 Conclusions

The rheometric properties of liquid sulfur with varying concentrations of 
dissolved H2S were measured. This was accomplished by using an Anton-
Paar MCR 302 rheometer with a custom built gravity-fed charging rig and 
a head pressure tee for inducing H2S partial pressures. Sulfur with H2S con-
centrations ranging from 0 ppmw to 284 ppmw were measured at 5 °C 
intervals over temperatures of 120 °C to 280 °C. This permitted investiga-
tion of the impact of H2S on the λ-transition region of sulfur. Introduction 
of H2S led to overall reductions in viscosity, as well as a peak shift to higher 
temperatures for the entire viscosity profile of sulfur. This was presumed 
to be due to H2S terminating the polymerization of sulfur, which gave 
shorter polymer chain lengths and altered each temperature’s chemical 
equilibrium.

The rheometric data presented within this study for liquid sulfur with 
industrially relevant concentrations of H2S should help in understand-
ing the feasibility of operations contemplating this materials subsurface 
injection into depleted reservoirs. Currently, more efforts are being made 
to produce a semi-empirical correlation model based on the reptation 
model of Cates to estimate the properties discussed in this study [4, 14]. A 
semi-empirical model could aid in the simulation of subsurface injection 
or assist operators in the use of sulfur pumps. Future research could also 
include investigating the impact of other impurities on liquid sulfur’s rhe-
ometric properties. If experimental data were available, these properties 
could be estimated using a similar model.
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Abstract 
In this study, a high pressure and high temperature apparatus has been used to 
reproduce the subsoil conditions. CO2 solubility data have been determined by 
conductimetric titration in Na-Ca-(K)-Cl brines at 323, 373 and 423 K up to 20 
MPa. Obtained results have shown good agreements with scarce ones available 
in the literature. Then, a new device has been developed to conduct corrosion 
tests on a carbon steel DC01 in geothermal environments. Surface analyses, using 
X-Ray Photoelectron Spectroscopy (XPS) and Scanning Electron Microscopy 
(SEM), allowed the identification of corrosion product on the steel surface at the 
end of the corrosion test. This deposit consists of a mixture of calcium carbonate 
CaCO3 and iron carbonate FeCO3.

Keywords:  CO2, brine, solubility, corrosion, experimental

2.1	 Introduction

Global warming has been observed for many years and has brought about 
important climate change. A major cause of global warming is the steady 
increase of greenhouse gases emissions and particularly CO2. One of the 
objectives of the Paris agreement, whose purpose is to fight against global 
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warming, is to keep the increase of the general temperature below 2°C by 
2100 [1]. 

To lessen the emissions of this greenhouse gas and thus reduce global 
warming, the capture, recovery and storage of carbon dioxide is an incre-
asingly studied option. Carbon dioxide can be stored in deep saline for-
mations which have a large capacity. Nevertherless, the amount of carbon 
dioxide dissolved in the water depends on the pressure, temperature and 
composition of the water.

Another studied option to reduce global warming is to develop renewable 
energy. The use of geothermal energy in the world is still in development, 
both for the production of electricity and heat. In 2015, the total energy pro-
duced by geothermal power throughout the world was around 74,000 GWh 
[2]. The deep geothermal energy to produce electricity or heat for large com-
plexes is under development. In France, more precisely in the Upper Rhine 
Graben region, several projects have been carried out, in Soultz-sous-Forêts, 
for instance. The aim is to recover a hot fluid from deep subsoil. This fluid 
passes through a heat exchanger where the energy is released to a secondary 
fluid. The cooled geothermal fluid is then reinjected into a second well [3]. It 
is very important to have a good knowledge of the fluid behaviour to better 
design equipment and reduce the cost of the installations. Another crucial 
point is to prevent installations from corrosion. Material choice remains dif-
ficult due to the fluid composition, the operating temperatures and pressures 
and the presence of acid gas dissolved.

A good knowledge of the liquid-vapour equilibrium, particularly gas 
solubility, for these two different applications is essential. Models allow-
ing the prediction of carbon dioxide solubility in brines have been previ-
ously developed [4–8]. However, they are fitted from experimental data. 
Experimental measurements of carbon dioxide in brines are therefore 
needed. The determination of gas solubility at high temperatures and pres-
sures is quite complex. Although many data are available in the literature 
for the CO2 solubility in pure water [9–13] or single salt solutions [10–18], 
data for carbon dioxide solubility in mixed-salt solutions remain scarce  
[7, 19, 20]. The aim of the first part of this study was to use a simple method 
previously developed [13, 15, 18] to determine the carbon dioxide solubil-
ity in brines at high temperatures and high pressures. The results of this 
study are available in a previous paper [21] and are summarized here. 

The second part of this work consists of studying the material corro-
sion in these particular environments (high temperature, high pressure, 
brines). The goal of this study is to better understand the corrosion phe-
nomena induced by geothermal fluid on a carbon steel. Previous studies 
conducted at the Soultz-sous-Forêts geothermal power plant have allowed 
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a first step towards the understanding of corrosion processes and mecha-
nisms [22–24]. In this study, a new device has been developed to conduct 
investigations on materials. 

Usually, weight loss measurements and electrochemical analysis are 
used to determine the corrosion rate. In this work, surface analysis is car-
ried out to identify corrosion products and their composition. This method 
allows a better comprehension of the corrosion mechanism and process. 
This leads to the determination of the most appropriate material from a 
technico-economic point of view: resistance to corrosive medium vs. cost 
of material. 

2.2	 Experimental Section

2.2.1	 Chemicals

Carbon dioxide is provided by Air Liquide with a certified purity of 99.7%. 
Water is purified by a Smart2Pure system with a resistivity of 18.2 MΩ.cm. 
Sodium chloride (NaCl, 99%), calcium chloride (CaCl2, 96%) and potas-
sium chloride (KCl, 99%) salts are provided by Acros Organics. Sodium 
hydroxide is prepared from a 46/51 %wt solution of NaOH provided by 
ThermoFisher. Hydrochloric acid (0.1 mol/L ± 0.2%) for the titration is 
provided by VWR.

2.2.2	 Test Solutions

The composition of the brines was based on the Soultz-sous-Forêts (Upper 
Rhine Graben) water. The fluid of Soultz is classified as Na-Ca-Cl type 
with a TDS (Total Dissolved Solids) around 90 g.L-1 [25]. The first syn-
thetic brine consists in a mixture of NaCl and CaCl2 salts, respectively at 
concentration of 1.2 mol.kg-1 and 0.2 mol.kg-1. The second brine is made 
of 1.2 mol.kg-1 of NaCl, 0.2 mol.kg-1 of CaCl2 and 0.1 mol.kg-1 of KCl. The 
conditions of experiments are given in the Table 2.1. Solubility measure-
ments have been carried out on a wide range of temperature and pressure 
to characterize the fluid behaviour during its rising. Corrosion tests have 
been realized on surface condition at low temperature and low pressure.

2.2.3	 Metals

In this study, a carbon steel DC01 was tested in geothermal brine envi-
ronment. Chemical composition of the metal is given in Table 2.2.  
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The dimensions of the specimens were 1.9 cm x 1.9 cm x 2 mm. The sam-
ples were prepared according the ASTM G1-03 standard [26]. They were 
polished with abrasive paper (500, 800, 1000 grit), degreased in acetone, 
washed with pure water, dried in a desiccator and weighed before exposure.

2.2.4	 CO2 Solubility Measurements 

A high pressure and high temperature apparatus has been used to repro-
duce the subsoil conditions and obtain the thermodynamic equilibrium. 
The experimental device (provided by Top Industrie) used for carbon diox-
ide solubility determination in brine at high pressure and high tempera-
ture has been previously described in detail in several studies [13, 15, 18].  
It is based on a cell of 1000 cm3 made in Hastelloy C-276. This device can 
be used from 293 to 423 K and pressure up to 20 MPa. A thermostated vol-
umetric pump (PMHP 200-200) is used to load the carbon dioxide in the  

Table 2.1  Conditions of experiments for solubility measurements and corrosion 
tests.

Solubility measurements

CO2-NaCl-CaCl2 323 K 373 K 423 K

1-20 MPa 1-20 MPa 1-20 MPa

CO2-NaCl-CaCl2-KCl 323 K 373 K 423 K

1-20 MPa 1-20 MPa 1-20 MPa

Corrosion tests

CO2-NaCl-CaCl2 323 K

2 MPa

Table 2.2  Chemical composition (in %wt) of the carbon steel DC01 obtained by 
Spark Atomic Emission Spectroscopy.

Fe C Si Mn P S Cr

99.6 0.039 0.022 0.210 0.0078 0.0028 0.0127

Mo Ni Al Co Cu Nb Ti

0.0017 0.0035 0.0371 0.0032 0.0110 0.0033 0.0020
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equilibrium cell and allows the pressure compensation during the sam-
pling phase. 

After the establishment of the vacuum in the autoclave and the lines, the 
synthetic brine is introduced into the cell. Then, the temperature is fixed 
and the carbon dioxide is added. A heavy stirring (800 rpm) is applied 
to reach the equilibrium faster. Once, the thermodynamic equilibrium is 
reached, a sample of liquid phase is withdrawn. The sampling process is 
based on the trapping method: the sample is taken in a syringe containing 
a solution of NaOH. The carbon dioxide dissolved reacts with hydroxide 
ions to form carbonate ions CO3

2  (Eqn. 2.1). In presence of calcium ions in 
the aqueous solution, a precipitate of calcium carbonate appears (Eqn. 2.2). 
Conductimetric titration coupled with pH-measurements was realized to 
determine carbon dioxide solubility in brine. A 0.1 mol.L-1 of hydrochloric 
acid solution is used as a titrant. This method has been used in previous 
studies [15, 18].

	 CO OH CO H O2 3
2

22+ ↔ +− −
	 (2.1)

	 CO Ca CaCO s3
2 2

3
− ++ ↔ ( ) 	 (2.2)

2.2.5	 Material Corrosion Study 

In this study, a pilot (provided by Armines), presented in Figure 2.1, has 
been developed to conduct investigations on material corrosion. Four 
autoclaves made of titanium are divided two by two in ovens. An auto-
clave can operate until 473 K and 20 MPa. Temperature probes and pres-
sure sensor enable the monitoring of experimental conditions. An inert 
insert is placed in the cell to avoid the contact between the titanium and 
the fluid or the exposed coupons. Test specimens are placed in a PTFE 
support.

The operating procedure for corrosion study is similar to the proce-
dure for solubility measurement. It consists of making the vacuum, intro-
ducing the brine, fixing the temperature and adding the carbon dioxide. 
A stirring of 200 rpm is applied. The equilibrium is kept constant during 
the time of the experiment. In this study, the material has been exposed 
for 500 hours. At the end of the experiment, the specimen is removed 
from the reactor, rinsed with water, dried in a desiccator and finally 
weighed.
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The material surface was analysed by X-Ray Photoelectron Spectroscopy 
(XPS) and Scanning Electron Microscopy (SEM).

XPS analyses were conducted with a Thermo K-alpha spectrometer 
(ThermoFisher Scientific) using monochromatized Al-Kα radiation 
(1485,6 eV) and operating under a residual pressure of 10-9 mbar. The 
radiation is microfocused on the sample (400µm diameter microspot). 
A charge compensation system using low energy electrons has been 
used. Survey spectra were recorded from 0 to 1350 eV with a pass 
energy (PE) of 200 eV and core ionization peaks were recorded at PE 
of 40 eV. CasaXPS software © was used to fit spectra. Peaks were fitting 
with a non-linear Shirley type background. Mathematical components 
were optimized by a weighted least-squares fitting method using 70% 
Gaussian and 30% Lorentzian GL(30) line shapes. For metallic core line 
Fe(0), assymmetry was defined in the form LA(1.2,4.8,3). The other 
representative components of iron were fitting with an asymetry A(0.15, 
0.65, 0)GL(0).

SEM analyses were performed with a JEOL JEAMP 9500F Auger spec-
trometer (JEAOL Ltd, Tokyo, Japan) working under UHV conditions (P < 
2.10-7 Pa). SEM images were recorded at several magnifications using the 
following probe conditions : 15 kV acceleration woltage and a low current 
of 1 nA.

(1)

(2)

(3)

(6)

(5)

(4)

Figure 2.1  Photograph of the corrosion device. (1) Pressure sensor Keller PAA 35 XHTC; 
(2) Oven ‘France Etuves’; (3) Temperature controller Fuji model PXF4; (4) Fluids charging 
circuit; (5) RIGOL Data acquisition; (6) Vacuum pump controller.
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2.3	 Results and Discussion

2.3.1	 CO2 Solubility Measurements

CO2 solubility has been measured in two synthetic brines. Both CO2-H2O-
NaCl-CaCl2 and CO2-H2O-NaCl-CaCl2-KCl systems have been studied at 
three temperatures: 323, 373 and 423 K and up to 20 MPa. 48 experimental 
solubility data have been obtained and are presented in a previous paper 
[21]. Obtained results are summarized in the Figure 2.2.  

The results have been compared to the data obtained by Li et al. [19] 
and Zhao et al. [7]. Their data have been acquired in brines whose com-
position were close to our study. Observed trends show a good agreement. 
For instance, our values are higher than those of Li et al. [19]. This could 
be explained because their study has been carried out at 332 K in a brine 
containing other salts. In their work, Zhao et al. [7] have also measured 
carbon dioxide solubility in a synthetic solution mostly composed of 
Na-Ca-Cl species at 323K. A deviation of 3.5% is observed with our values. 
The results are in good agreement.

In this study, two brines with and without KCl have been compared. 
The results have shown that at this salt concentration (0.1 mol.kg-1), the 
influence of the potassium chloride salt on the carbon dioxide solubility 
can be neglected. In this context, the values obtained in Na-Ca-Cl solution 
give a reasonable estimation of carbon dioxide solubility in Upper Rhine 
Graben water.
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Figure 2.2  Experimental CO2 solubility measurements in the two synthetic brines at 323 
K (●), 373 K (□) and 423 K (▲) up to 20 MPa.
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Experimental results have been compared with two different models 
(PhreeSCALE and PSUCO2). This comparison between measured and cal-
culated values show a good agreement with a maximum deviation of 10%.

2.3.2	 Material Corrosion Study

Carbon steel DC01 have been exposed to Na-Ca-Cl synthetic brine satu-
rated with 2 MPa of carbon dioxide for 500 hours.

Surface analyses before and after coupon exposure have been carried 
out to highlight surface modification induced by geothermal environment. 
The evolution of core ionisation peaks for the carbon, the oxygen, the 
iron and the calcium are shown in Figure 2.3. Table 2.3 listed the binding 
energies of the components and the corresponding chemical environment 
identified by XPS.

The C 1s spectrum displays four components before exposure: the main 
one at 285 eV corresponds to adventitious hydrocarbon, the ones at 286.5 
and 288.5 eV are respectively attributed to C-O and O-C=O which are 
characteristics of adsorbed contaminants species. The last peak is detected 
at 282.9 eV corresponding to carbide environment due to the inclusion 
of SiC at the top of the metal during the surface preparation. After the 
immersion of the specimen in the geothermal environment during 500 
hours, the C 1s spectrum displays modifications compared to before expo-
sure, meaning there is chemical evolution of the metal surface. First, the 

Before exposure

After exposure

C 1s
C-C/C-H

C-O

C-O

C=O

Oxide
Fe3+ sat.

Fe2+ sat. Fe2+

Fe(0)

Fe3+

CO3
2–

CO3
2–

CaCO3

CaCO3 sat.

FeCO3 sat.

FeCO3

294 292 290 288
Energie de liaison (eV) Energie de liaison (eV) Energie de liaison (eV) Energie de liaison (eV)

286 284 282 536 534 532 530 528 722 720 718 716 714 712 710 708 706 704 364 362 360 358 356 354 352 350 348 346 344

O-C=O
Carbide

O 1s Fe 2p 3/2 Ca 2p

Figure 2.3  C1s, O1s, Fe 2p3/2 and Ca 2p XPS spectra of the DC01 surface before and 
after exposure to geothermal environments.
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peak assigned to carbide is no longer detected. Moreover, a peak appears at 
289.9 eV corresponding to carbonate environment.

The O 1s spectrum displays three components before exposure located 
at 530, 531.5 and 533 eV corresponding respectively to iron oxide, C-O 
and C=O environments. These three components are also visible on the 
spectrum of the surface analysis after exposure. A supplementary peak is 

Table 2.3  Binding energies and assignment of the different chemical environments 
identified by XPS at the DC01 surface before and after exposure to geothermal 
environments.

Orbital

Before exposure After Exposure

Binding energy 
(eV) Assignment

Binding energy 
(eV) Assignment

C 1s 282.9 Carbide 285 C-C/C-H

285 C-C/C-H 286.5 C-O

286.5 C-O 288.5 C=O

288.5 C=O 289.9 CO3
2−

−−

O 1s 530 Oxide 530 Oxide

531.5 C=O 531.2 C=O

533 C-O 531.9 CO3
2−

−−

533 C-O

Fe 2p3/2 706.7 Fe(0) 710.3 FeCO3

709 Fe2+ 711.2 Fe3+

711.2 Fe3+ 715 FeCO3 sat.

714.5 Fe2+ sat. 719.2 Fe3+ sat.

719.2 Fe3+ sat.

Ca 2p 347.3 Ca 347.5 CaCO3

350.8 Ca 351 CaCO3

355.4 CaCO3 sat.

359 CaCO3 sat.
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located at 531.9eV assigned to carbonate environment in agreement with 
C 1s peak.

Before exposure, the Fe 2p3/2 spectrum shows several components. 
Among them, the first situated at 706.7 eV represents the metallic iron Fe(0). 
This component disappears on the spectrum after exposure. It is due to the 
corrosion process with the oxidation of iron metal following Eqn. 2.3.

	 Fe → Fe2+ + 2e−	 (2.3)

The other main components are detected at 709 and 711.2 eV corre-
sponding to iron oxide with Fe2+ and Fe3+. The satellite peaks of these two 
components are located at 714.5 and 719.2 eV. After the corrosion test, the 
environment associated to Fe2+ have disappeared whereas the peaks assigned 
to Fe3+ are always detected. Nevertheless, the results show the presence of 
two new peaks at 710.3 and 715 eV, which can be attributed to the main peak 
and satellite peak of iron carbonate FeCO3. Passive film of iron carbonate 
on the surface of mild steels has already been shown by Heuer and Stubbins 
[27]. This corrosion product is formed following Eqn. 2.4.

	 Fe CO FeCO2
3
2

3
+ −+ → (s) 	 (2.4)

The analysis of the calcium Ca 2p peak reveals that after exposure, the 
binding energies of the main and satellite components are characteristic of 
the presence of calcium carbonate CaCO3. This result shows that the cor-
rosion product on the metal surface is composed of a mixture of iron and 
calcium carbonate.

SEM images have been realized to characterize the surface morphology 
of the sample (Figure 2.4). SEM images display the presence of rhomboe-
dral and hexagonal crystals at the surface of the carbon steel. CaCO3 has a 

X500 X1000

FeCO3

CaCO3

X2000

Jeol SAS SEI 15.0kV X500 WD 21.4mm 10µm Jeol SAS SEI 15.0kV X1,000 WD 21.4mm 10µm Jeol SAS SEI 15.0kV X2,000 WD 21.4mm 10µm

Figure 2.4  SEM images of CaCO3 and FeCO3 crystals on the surface of corroded DC01 
carbon steel.
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rhomboedral crystal structure and FeCO3 a hexagonal one. The informa-
tion given by the microscopic analysis technic confirm that the corrosion 
product is constituted by a mixture of calcium and iron carbonate.

2.4	 Conclusion

Carbon dioxide solubility data have been acquired in two brines contain-
ing Na-Ca-(K)-Cl salts at 323, 373 and 423 K up to 20 MPa. In this range of 
temperature and pressure, the results show that an increase in temperature 
implies a decrease of CO2 solubility; an increase in pressure improves the 
carbon dioxide solubility and the increase of salinity involves a diminution 
of the gas solubility. Nevertheless, in this study the concentration of KCl 
does not involve a significant modification of the CO2 solubility in brine. 
A good estimation of the carbon dioxide solubility in the Upper Rhine 
Graben can be obtained in Na-Ca-Cl solution.

A new corrosion device has been used in this study to investigate the 
corrosion of a carbon steel DC01 in geothermal environments. The surface 
of the sample has been analysed by XPS and SEM to identify the corrosion 
product. The results have shown that at the end of the experiment, the sur-
face of the carbon steel was covered by a mixture of calcium and iron car-
bonate deposit. Further investigations will be done in different conditions 
and on other steels to better understand corrosion phenomena and chose 
the appropriate material to resist to geothermal environments.
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Abstract
The sequestration of CO2 fumes from an oxyfuel combustion is used to reduce 
significantly CO2 emissions. Impurities like nitric oxide can cause technical diffi-
culties during the capture, treatment, transport and storage steps of CO2 fumes. In 
order to reduce these risks, the system CO2-NOx-H2O is studied under pressure. 
The measurements are performed in an equilibrium cell. Ion chromatography is 
used to analyze the aqueous phase and infrared spectrometry is used to analyze 
the gas phase. The use of mechanisms that take place in the aqueous phase and the 
experimental measurements allowed us to estimate the concentration of all the 
nitrogen species in the aqueous phase. The presence of nitrogen oxides has no 
impact on the CO2 solubility. The distribution of the NOx in the aqueous phase 
shows that the nitrogen dioxide, absorbed in the aqueous phase, reacts to form 
mostly nitric and nitrous acid.

Keywords:  Carbon dioxide, nitrogen oxides, liquid vapor equilibrium, high 
pressure, Henry constant
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3.1	 Introduction

The emission of greenhouse gases is a factor in global warming. At the 
COP21 in Paris in 2015, 195 countries agreed to reduce their greenhouse 
emission. Carbon dioxide is one of the most emitted greenhouse gases. It 
principally comes from the burning of fossil fuel. To reduce its emission 
in the atmosphere, a solution is to capture it for geological storage. The 
process is known as Carbon Capture and Storage (CCS). One of the main 
challenges in the recovery of carbon dioxide in gaseous effluents from coal 
or oil-fired power plants comes from the low molar fractions of CO2 in 
these effluents. To remedy this, one of the solutions consists of using oxy-
gen instead of air as the main oxidant for the combustion reaction. Oxy-
combustion significantly increases the molar fraction of CO2 in the fumes 
and significantly improves the efficiency of CO2 separation and purification 
techniques. But even when this technique is used, there are still impurities 
in the flue gas like NOx, SOx, O2, Hg, water, etc., which come from the fossil 
fuels burned. To produce CO2 at food grade or at specifications required 
for storage, the flue gas has to be treated. During this process the fumes 
are washed with a soda aqueous solution in order to almost completely 
eliminate the sulfur compounds. Then the desulfurized fumes are com-
pressed before being cooled down at 223 K. During this compression step, 
the water and most of the nitrogen oxides are eliminated. Then, the carbon 
dioxide is distillated in order to separate nitrogen dioxide and nitrogen 
tetroxide on one hand, and the most volatile compounds (NO, Ar, O2, N2) 
on the other hand. During all the steps of the CO2 purification process, the 
nitrogen oxides are in the presence of residual gaseous oxygen and water in 
the vapor state or in the liquid state (absorption column and condensates 
after the cooling steps). Consequently, to design the process, it is important 
to know the evolution of the composition of the mixture and in particular, 
the formation of nitric acid and nitrous acid in the aqueous phase and the 
distribution of the nitrogen oxides in the vapor phase (NO, NO2, N2O3, 
N2O4). This information will not only allow the calculation the NOx abate-
ment rates in the various sections of the installation and consequently to 
correctly size the CO2 separation and purification unit, but also to choose 
the appropriate materials to minimize the risks of corrosion. This system 
is complex because reactions are numerous between nitrogen oxides and 
water in the aqueous phase and in the gaseous phase. In this paper, an 
experimental study of the liquid vapor and the thermochemical equilibri-
ums of the system H2O-CO2-O2-NOx under pressure at 298 K is presented.
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3.2	 Literature Review

3.2.1	 Carbon Dioxide and Water System

The solubility of carbon dioxide in water has been studied over a large 
range of pressure and temperature over the last century [1]. Four studies 
[2–5], at 298.15 K and pressure range of interest (from 5 to 30 bar) have 
been selected. The range of temperature and pressure of these studies are 
reported in Table 3.1.

In water, carbon dioxide could appear under three form: aqueous carbon 
dioxide CO2(aq), bicarbonate ion HCO aq3( )

−  and carbonate ion CO aq3
2

( )
− . In 

the aqueous phase, the equilibrium reactions between each species follow:

	 CO H O HCO Haq aq

K

aq aq

CO

2 2 3

2

( ) ( ) ( ) ( )+ ←→ +− + 	 (3.1)

	 HCO CO Haq

K

aq aq

HCO

3 3
2

3

( ) ( ) ( )
− − +←→ +

−

	 (3.2)

The distribution of carbonate species in the aqueous phase is dependent 
on the pH. In acidic aqueous solution (pH < 5), the species mainly present 
in solution is the aqueous carbon dioxide [6].

Kawazuishi and Prausnitz [7] have studied these equilibrium reactions 
at different temperatures: 273 K to 498 K. At 298 K, they have established: 
KCO2 = 4.42x10-7 mol.L-1 and KHCO3- = 4.40x10-11 mol.L-1.

Table 3.1  Literature data for the carbon dioxide water system in our 
experimental conditions.

Author Temperature (K) Pressure (bar)

Zel’venskii [2] 273 – 373 5 – 30

Houghton et al. [3] 273 – 373 10 – 36

Valtz et al. [4] 287 – 318 5 – 80

Lucile et al. [5] 298 – 393 5 – 50



24  Gas Injection into Geological Formations and Related Topics

3.2.2	 Nitrogen Oxides and Water System

In the aqueous phase, the nitrogen oxides can be present under several 
forms: NO(aq), NO2(aq), N2O4(aq), N2O3(aq), N2O5(aq), HNO2(aq), HNO3(aq), 
NO aq2 ( )

−  and NO aq3( )
− . Many reactions can occur between them in the 

aqueous phase, except for N2O5(aq) which formation is negligible in the liq-
uid phase. Joshi et al. [8] and Schwartz and White [9] identified eleven 
equilibrium reactions:

	 2 2 2 4

1

  ( )

 

( )NO N Oaq

K

aq↔ 	 (3.3)

	 NO NO N Oaq aq

K

aq( ) ( )

 

( )+ ↔2 2 3

2

	 (3.4)

	 N O H O HNOaq aq

K

aq2 3 2 2

3

2( ) ( )

 

( ) + ↔ 	 (3.5)

	 N O H O HNO HNOaq aq

K

aq aq2 4 2 2 3

4

( ) ( )

 

( ) ( )+ ↔ + 	 (3.6)

	 HNO NO Haq

K

aq aq2 2

5

( ) ( ) ( )↔ +− + 	 (3.7)

	 HNO NO Haq

K

aq aq3 3

6

( ) ( ) ( )↔ +− + 	 (3.8)

	 3 22 2 3

7

   ( ) ( ) ( ) ( )NO H O HNO NOaq aq

K

aq aq+ ↔ + 	 (3.9)

	 NO NO H O HNOaq aq aq

K

aq( ) ( ) ( ) ( ) + + ↔2 2 2

8

2 	 (3.10)

	 2 2 2 2 3

9

  ( ) ( ) ( ) ( )NO H O HNO HNOaq aq

K

aq aq+ ↔ + 	 (3.11)
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	 3 22 3 2

10

   ( ) ( ) ( ) ( )HNO HNO NO H Oaq

K

aq aq aq↔ + + 	 (3.12)

	 NO HNO HNO NOaq aq

K

aq aq2 2 3

11

( ) ( ) ( ) ( )+ ↔ + 	 (3.13)

Six equations are independents: equation 3.3 to 3.8. The equilibrium 
constants of each reaction at 298 K are presented in Table 3.2.

3.2.3	 Nitric Oxide Henry Constant at 298 K

Henry’s law states that the amount of dissolved gas in an aqueous phase 
is proportional to its partial pressure in the gas phase above at con-
stant temperature, for a low amount of this gas. We are assuming the 

Table 3.2  Equilibrium constants of nitrogen oxides reaction in the aqueous 
phase at 298 K.

Equilibrium constant Value Unit Reference

K1 6.54x104 L.mol-1 [10]

K2 1.37x104 L.mol-1 [11]

K3 3.30x102 mol.L-1 [12]

K4 3.77x103 (mol.L-1)2 a

K5 5.1x10-4 mol.L-1 [13]

K6 15.4 mol.L-1 [14]

K7 1.35x1010 (mol.L-1)2 b

K8 4.52x106  – c

K9 2.47x108 mol.L-1 [15]

K10 1.21x10-5 mol.L-1 d

K11 54.6 mol.L-1 e

a Estimated from: K9/K1
b Estimated from: K /K9

2
8

c Estimated from: K3*K2
d Estimated from: K /K9 8

2

e Estimated from: K9/K8
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hypothesis of an ideal solution. Sander [16] compiled Henry’s constant 
values in water of the nitrogen monoxide involved in previous reactions at  
298 K. The nitric oxide Henry’s constant listed are under the form:

	 H NO
PNO

K

NO

298 = [ ] 	 (3.14)

with [NO]: concentration of nitric oxide in the aqueous phase in mol.L-1

PNO: partial pressure of nitric oxide in the gas phase in bar

In this review, Sander [16] has reported fourteen references of NO 
Henry constant at 298 K. Twelve of them present the same data: 1.9x10-3 
mol.L-1.bar-1 at 298 K. We use this NO Henry’s constant as a reference.

3.3	 Experimental Section

3.3.1	 Chemicals

Air Liquide provided all the gases. Carbon dioxide has a certified purity 
of 99.7 vol-% (CAS registry No. 124-38-9). Oxygen has a certify purity of 
99.5 vol-% (CAS registry No. 7782-44-7). The gas mixture was a CRYSTAL 
quality mix CO2-NO (50  270 ± 1 005 vol-ppm). The water used in the 
experiments is deionized water at 18.2 MΩ.cm produced by a Barnstead™ 
Smart2Pure™ water purifier system from Thermo Fischer. Sodium hydrox-
ide (CAS registry No. 1310-73-2) for ion chromatography is provided by 
Fischer Scientific with a certified purity of 50 ± 2.5 wt%. Sulfuric acid (CAS 
registry No. 7664-93-9) for ion chromatography is provided by VWR with a 
certified purity of 96 ± 1 wt%. Sodium nitrate (CAS registry No. 7631-99-4)  
for the calibration curve of ion chromatography is provided by ACROS 
Organics with a certified purity of 99 wt%. Sodium nitrite (CAS registry 
No. 7632-00-0) for the calibration curve of ion chromatography is provided 
by ACROS Organics with a certified purity of 97 wt%. Sodium carbonate 
(CAS registry No. 497-19-8) for the calibration curve of ion chromatogra-
phy is provided by VWR with a certified purity of 99 wt%.

3.3.2	 Apparatus

The apparatus has already been described [5]. A scheme of the experimen-
tal equipment is presented in Figure 3.1. 
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It is an equilibrium cell made in Hastelloy C276 with a double jacket and 
a volume of 2 400 cm3. The operating conditions of the device go from 288 
to 393K and it can be operated up to 90 bar. A thermostatic bath controls 
the temperature in the cell. The thermal gradient between the top and the 
bottom of the cell is ± 0.5 K. The temperature is measured at three loca-
tions (at the top, at the bottom and also to two-thirds of the cell) by three 
Pt100 probes with an accuracy of ± 0.1 K. The pressure is measured by a 
high temperature pressure transmitter (PA-25HTT) from Keller with an 
accuracy of ± 0.5 % of the full scale. To ensure the mixture homogeneity in 
the cell, a stirrer is used. It is composed by a Rushton turbine at the bottom 
of the cell and a four blades impeller at the top. A mass flow meter Brooks® 
SLA5850S (FT01), is placed on the gas loading line and have a volumetric 
counter to know the volume of gas injected in the cell. Between the cell and 
the gas phase analyzer, a regulator and a valve allow to control the pressure 
before the gas phase analyzer. The temperature between the cell and the gas 
phase analyzer is controlled by an electrical tracing. A rupture disk is also 
implemented on the apparatus for safety.

3.3.3	 Operating Procedure

The cell and the line are first swept with nitrogen to eliminate residues 
from the previous experiment. Then the cell is dry to eliminate any traces 

Gases
loading line

FT01
RD

EC

TB

P P P

P

T

T

T

Stirring
device

Purge line

Liquid phase
analysis

Vapour phase
analysis

Purge line

Figure 3.1  Scheme of the experimental equipment: FT01: mass flow meters; RD: rupture 
disk; EC: equilibrium cell; TB: thermostatic bath; P: pressure transducer or manometers; 
T: temperature probes ([5]).
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of water. The cell is put under vacuum at 0.1 bar with a vacuum pump. Then 
the purified water is introduced. The temperature is fixed at 298 K. When 
the temperature is reached, the oxygen is introduced. After the oxygen, the 
gas mixture is introduced until the desire pressure is reached. Once the two 
mixtures are in the cell, nitrogen dioxide is formed following the reaction:

	 2 NO(g) + O2(g) → 2 NO2(g)	 (3.15)

In order to observe nitrogen dioxide in the gas phase at the end of the 
experiment, we need a large quantity of NO2 to inject initially (at least 5% 
of NO2). For reasons of feasibility, Air Liquid cannot provide a gas cylin-
der with 5% of nitrogen dioxide in mixture with carbon dioxide, so we 
decided to produce nitrogen dioxide in situ. Once the gas phase and the 
aqueous phase are in contact in the cell, a stirring of 700 rpm is applied 
until the liquid/vapor and thermochemical equilibriums are reached. The 
experimental follow-up is achieved by the analysis of the aqueous phase. 
When the aqueous phase concentrations are constants, we assume that the 
equilibriums are reached. The time for the equilibriums to be reached can 
take more than two weeks. The follow-up of an experiment is presented in 
Figure 3.2. When the equilibriums are reached, the gas phase is analyzed.

140

120

100

[N
O

3– ] (
m

m
ol

.L
–1

)

[N
O

2– ] (
m

m
ol

.L
–1

)

80

60

40
0 2 4 6 8 10

t (jour)
12 14 16 18

20

22

24

26

28

30

Figure 3.2  Nitrites and nitrates concentrations in the aqueous phase according to the 
time of the experiment: , nitrate; ●, nitrite.
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3.3.4	 Experimental Analysis

3.3.4.1	 Aqueous Analysis

3.3.4.1.1	 Carbon Dioxide
The analysis of the aqueous phase is done by an original on-line ion chro-
matography already described in a previous paper [5]. The calibration 
curves are obtained from aqueous solutions of sodium carbonate. The vol-
ume of the sample introduced in the injection valve is 0.4 µL. No manual 
injections occurred because the chromatograph is directly connected to 
the equilibrium cell. Samples are pushed in the injection valve thanks to 
the pressure in the cell. 

3.3.4.1.2	 Nitrogen Oxides
This analysis is also done by on-line ion chromatography. The liquid chro-
matography system used is a Dionex ICS-900 equipped with an IonPac 
AS14A column (4 × 250 mm). The IonPac AS14A column is specific for 
anions like NO2

−  and NO3
−  which are eluted by a NaOH eluent (0.01 mol.L-1).  

A regenerating solution of H2SO4 is used to decrease the conductivity of 
the eluent due to sodium and hydroxide ions and to stabilize the base-
line. Calibration curves are obtained from aqueous solution of NaNO3 
and NaNO2. The volume of the sample introduced in the injection valve is 
0.4 µL. Like for carbon dioxide analysis, samples are directly pushed in the 
injection valve.

Different nitrogen oxides are present in the aqueous phase (NO(aq), 
NO2(aq), N2O4(aq), N2O3(aq), HNO2(aq), HNO3(aq), NO aq2 ( )

−  and NO aq3( )
− ) and 

most of them react with the NaOH eluent [17] according to the following 
reactions: 

	 2 22 2 3 2    ( ) ( )  ( )  ( ) (NO OH NO NO H Oaq aq aq aq aq+ + +→− − −
))	 (3.16)

	 N O OH NO H Oaq aq aq aq2 3 2 22 2 ( ) ( )  ( ) ( )   + +→− − 	 (3.17)

	 N O OH NO NO H Oaq aq aq aq aq2 4 2 3 22 ( ) ( )  ( )  ( ) ( ) + + +→− − − 	 (3.18)

	 HNO OH NO H Oaq aq aq aq2 2 2 ( ) ( )  ( ) ( )+ +→− − 	 (3.19)
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	 HNO OH NO H Oaq aq aq aq3 3 2 ( ) ( )  ( ) ( )+ +→− − 	 (3.20)

From reactions 3.16 to 3.20, all nitrogen oxides, absorbed in a solution 
containing hydroxide ions, react to form nitrite and nitrate ions, except 
nitric oxide.

The nitrite and nitrate concentration measured by ion chromatography 
are not the concentration of nitrite and nitrite in the aqueous phase of the 
cell but the sum of all the nitrogen oxides that have reacted with OH- to 
form nitrite and nitrate. From the reactions presented here above, the con-
centrations of nitrite (α) and nitrate (β) measured by ion chromatography 
are expressed according to the equations below:

	 α = +   + + +−1
2

22 2 2 3 2 4 2*[ ] *[ ] [ ] [ ]NO NO N O N O HNO 	 (3.21)

	 β = +   + +−1
2 2 3 2 4 3*[ ] [ ] [ ]NO NO N O HNO 	 (3.22)

Therefore, the experimental results given by ion chromatography about 
nitrites and nitrates concentrations correspond to the concentration of 
the nitrogen species that react to form nitrites and nitrites in the aqueous 
phase in contact with the basic eluent, except nitric oxide. The concentra-
tion of all nitrogen oxides in the aqueous phase estimation is described in  
section 3.3.5 of this chapter. 

3.3.4.2	 Gas Phase Analysis

Two infrared spectrometers Proceas® from the company Ap2e are used to 
determine the vapor composition of the cell. The Proceas® spectrometers 
have longer optic path than classical spectrometer in order to have a sen-
sibility of the order of the volume fraction (% or ppm). The two infra-
red spectrometers give, respectively, the volume fraction of NO2, CO2 and 
NO and SO2, O2 and H2O. The range of volume fraction and measurement 
accuracies are presented in Table 3.3. The response time of the Proceas® to 
reach 98% of carbon dioxide is less than 40 seconds. 

During the different experiments, we have noticed that the ProCeas® 
analyzer measurements on nitrogen dioxide did not stabilize over time. 
Measurements obtained on nitrogen dioxide are unreliable.
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3.3.5	 Estimation of the Concentrations of All the Species in the 
Aqueous Phase

The aqueous phase, from the dissolut ion of NO2 and CO2 in water,  
contains several species: NO(aq), NO2(aq), N2O4(aq), N2O3(aq), HNO2(aq), HNO3(aq),  
NO aq2 ( )

− , NO aq3( )
− , CO2(aq), HCO aq3( )

− , CO aq3
2

( )
− , H aq( )

+  and OH aq( )
− .

The aqueous phase is acidified by the absorption of carbon dioxide 
[18] and also by the formation of nitric oxide and nitrous oxide [9], so the 
OH aq( )

−  and CO aq3
2

( )
−  concentrations are neglected. We have 11 unknowns in 

the aqueous phase: NO(aq), NO2(aq), N2O4(aq), N2O3(aq), HNO2(aq), HNO3(aq), 
NO aq2 ( )

− , NO aq3( )
− , CO2(aq), HCO aq3( )

− , and H aq( )
+ .

We have three equations from the experimental measurements: equa-
tion 3.21 and 3.22 from the nitrite and nitrate ion chromatography and 
from the carbon dioxide chromatography analysis:

	 α = +   + + +−1
2

22 2 2 3 2 4 2*[ ] *[ ] [ ] [ ]NO NO N O N O HNO 	 (3.21)

	 β = +   + +−1
2 2 3 2 4 3*[ ] [ ] [ ]NO NO N O HNO 	 (3.22)

	 γ = +   +  
− −[ ]CO HCO CO2 3 3

2 	 (3.23)

We also consider the electroneutrality equation of the solution:

	 [ ]H NO NO HCO+ − − −=   +   +  2 3 3 	 (3.24)

Table 3.3  Range of volume fraction and measurement accuracies of the Proceas® 
infra-red spectrometers.

yNO2 
(ppm)

yCO2 
(%)

yNO 
(ppm)

ySO2 
(ppm)

yO2 
(%)

yH2O 
(%)

range 0 – 500 0 – 100 0 – 10 000 0 – 100 0 – 10 0 – 15

accuracya ± 5 ± 1 ± 100 ± 1 ± 0.1 ± 0.15
a given by the manufacturer
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The seven remaining equations are from the thermochemical equilibria 
taking place in the aqueous phase detailed in the section 3.2 of this chapter. 
These seven reactions were chosen because they are independent of each 
other: 

	 CO H O HCO Haq aq

K

aq aq

CO

2 2 3

2

( ) ( ) ( ) ( )+ ←→ +− + 	 (1.1)

	 2 2 2 4

1

  ( )

 

( )NO N Oaq

K

aq↔ 	 (1.3)

	 NO NO N Oaq aq

K

aq( ) ( )

 

( )+ ↔2 2 3

2

	 (1.4)

	 N O H O HNOaq aq

K

aq2 3 2 2

3

2( ) ( )

 

( ) + ↔ 	 (1.5)

	 N O H O HNO HNOaq aq

K

aq aq2 4 2 2 3

4

( ) ( )

 

( ) ( )+ ↔ + 	 (1.6)

	 HNO NO Haq

K

aq aq2 2

5

( ) ( ) ( )↔ +− + 	 (1.7)

	 HNO NO Haq

K

aq aq3 3

6

( ) ( ) ( )↔ +− + 	 (1.8)

Taken into account this mechanism characterized by the above eleven 
equations we can estimate the concentration of the eleven species in the 
aqueous phase.

3.3.6	 Uncertainties

The calculation of uncertainties for the carbon dioxide chromatography 
analysis has already been described [5]. The ANOVA method was used and 
an average uncertainty of 3.4% was obtained. 

The calculation of uncertainties for the nitrite and nitrate chromatog-
raphy analysis is based on the determination of a coefficient of variation 
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(CV), also known as the relative standard deviation. The definition of CV is 
the ratio of the standard deviation to the average:

	 C Standard deviation x
xV (%)    ( ) *= 100 	 (3.25)

With 

	 Standard deviation x
x x

p
   ( )

( )
=

−

−
∑ 2

1
	 (3.26)

x : average
p: number of analyze

For each experiment, five ion chromatography measurements were 
made. The results presented in this chapter are the average of these five 
measurements x( ) . Cv is also obtained with the five measurements. The 
uncertainties of nitrate and nitrite chromatography measurements are 
respectively 5% and 2%.

3.4	 Results and Discussion

Two experiments have been conducted on the CO2-NOx-O2-H2O system, 
at respectively 5 and 30 bar and at 298 K. The initial conditions (the amount 
of water, carbon dioxide, nitric oxide and oxygen introduced in the cell and 
the pressure in the cell) and the experimental results from the aqueous and 
the gas phase are reported in Table 3.4. 

For these two experiments, the oxygen was introduced in stoichiometric 
proportion according to reaction 3.15 in order to convert almost all the 
nitric oxide into nitrogen dioxide. 

3.4.1	 Solubility of Carbon Dioxide 

The experimental solubility of carbon dioxide in the presence of nitrogen 
oxides is compared with the data from the literature on the CO2-H2O sys-
tem [2–5] in Figure 3.3.
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From the Figure 3.3, we can notice that the carbon dioxide solubility 
increases with the pressure. The experimental measurements are in good 
agreement with the literature. The presence of nitrogen oxides does not 
seem to have any influence on the carbon dioxide solubility in our experi-
mental conditions.

3.4.2	 Nitrogen Oxides Repartition in the Aqueous Phase

The aqueous phase, from the dissolution of NOx and CO2 in water, con-
tains molecular species, as well as ionized species: NO(aq), NO2(aq), N2O4(aq), 
N2O3(aq), HNO2(aq), HNO3(aq), NO aq2 ( )

− , NO aq3( )
− , CO2(aq), HCO aq3( )

− , and 
H aq( )

+ . With the chosen reaction mechanism and measurements by ion 
chromatography described in section 3.3.5 of this chapter, we estimated 
the concentrations of all the species in the aqueous phase. Data are pre-
sented in Table 3.5.

From the data in Table 3.4 it is possible to classify the nitrogenous 
species, in the increasing order: NO aq3( )

-  > HNO2(aq) > HNO3(aq) > NO(aq) > 
NO aq2( )

−  > N2O3(aq) > NO2(aq) > N2O4(aq).
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Figure 3.3  Experimental solubility of carbon dioxide on the CO2-NOx-O2-H2O system 
compared with data from the literature on the CO2-H2O system at 298 K: ◆, this work;  
■, Lucile et al. [5]; •, Valtz et al. [4]; о, Houghton et al. [3]; •, Zel’venskii [2].
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This distribution is almost the same of the one proposed by Schwartz 
and White [9]: NO aq3( )

−  > HNO2(aq) > NO aq2 ( )
−  > N2O4(aq) > N2O3(aq) > NO2(aq) >  

NO(aq).
Schwartz and White [9] considered that the nitric acid is completely 

dissociated into nitrate according to equation 3.8. That is why they did 
not take it into account in their distribution. Their distribution was estab-
lished from the absorption of nitrogen dioxide. In our experiments, a large 
amount of nitric oxide is still present in the gas phase at the end of the 
experiment. For this reason, the amount of nitric oxide in the aqueous 
phase is higher. We also disagree on the distribution of the three last nitro-
gen species, but we agree that these species are less present in solution. We 
also agree on the two predominant nitrogen species in the aqueous phase: 
nitrate and nitrous acid.

In order to better visualize the trend of the main species, the concentra-
tions are represented in Figure 3.4.

From the Figure 3.4, we can notice that the concentration of nitrate and 
nitrous acid increases within the pressure. The aqueous phase is also acidi-
fied, the pH goes from 1.5 to 0.9. The absorption of carbon dioxide acidifies 
the aqueous phase to a pH around three [18]. The absorption of nitrogen 
dioxide and nitric oxide increase the acidification of the aqueous phase, 
especially by the formation of nitrous and nitric acid.

Table 3.5  Estimated concentration of all the aqueous species at 298 K.

Pressure 
(bar) pHa

Concentration (mol.L-1)

[CO2] NO3
−−  [HNO2] [HNO3] [NO]

5.1 1.5 1.83x10-1 2.98x10-2 7.01x10-4 5.77x10-5 8.49x10-6

29.1 0.9 8.41x10-1 1.25x10-1 2.55x10-2 1.01x10-3 4.45x10-4

Pressure 
(bar) pHa

Concentration (mol.L-1)

NO2
−−  HCO3

−−  [N2O3] [NO2] [N2O4]

5.1 1.5 1.05x10-5 2.61x10-6 1.49x10-9 1.28x10-8 1.07x10-11

29.1 0.9 9.11x10-5 2.88x10-6 1.96x10-6 3.22x10-7 6.79x10-9

a Estimated with the equation pH = - log([H+]) (Hypothesis: ideal solution).
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3.4.3	 Nitric Oxide Henry Constant at 298 K

The partial pressure of nitric oxide in the gas phase is known thanks to the 
infrared spectrometers:

	 PNO = P* yNO	 (3.27)

The nitric oxide concentration is known from the estimation of all the 
nitrogen species in the aqueous phase. The nitric oxide Henry constant is 
estimated at 298 K with equation 3.14 and compared with the most used 
value in the literature [16]: HNO lit

k
, .298 31 9 10= × −  mol.L-1.bar-1. The data are pre-

sented in Table 3.6.
The nitric oxide Henry constant found are closed to the literature, the 

relative difference being lower than 13%. This agreement with the literature 
allows us to validate our experimental protocol and our way of estimation 
of the concentration of all the aqueous species.

The determination of the nitrogen dioxide Henry constant at 298 K can-
not be assessed because the measurements obtained on the nitrogen diox-
ide by the infrared spectrometers are unreliable.
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Figure 3.4  Estimated concentrations of the predominant nitrogen species in the aqueous 
phase according to the pressure in the cell: ○, pH; ♦, NO3

− ; ■, [HNO2].
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3.5	 Conclusion

The equilibrium between nitrogen oxides, carbon dioxide, oxygen and 
water have been studied at 298 K and at 5 and 29,1 bar. The experimental 
protocol and our way of analysis have been validated with the nitric oxide 
Henry constant estimation.

The presence of nitrogen oxides in the system does not seem to have any 
influence on the solubility of the carbon dioxide in the experimental con-
ditions studied. The distribution of nitrogen species in the aqueous phase 
has been estimated. The absorption of nitrogen dioxide acidifies the aque-
ous phase by the formation of nitric and nitrous acid. These experiments 
bring new data in the literature on the solubility of nitrogen oxides and 
allow us to understand better the reactions that take place during the steps 
of compression and cooling during the CCS process. 

To go further, this system should be studied at different temperatures 
and at higher nitric oxide partial pressure. It would be interesting to study 
the system with other impurities present in the oxy-combustion fumes like 
the sulfur dioxide. 
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Abstract 
Carbon Capture and Storage (CCS) is a concrete option for CO2 mitigation in the 
atmosphere. One option is the CO2 capture from post-combustion industrial efflu-
ents followed by storage in secured sites. Capture processes can be based on selec-
tive absorption/desorption cycles of gas into aqueous solutions of alkanolamines 
[1]. The cost of CO2 treatment with classical alkanolamines is a limitation for the 
intensive use of this technology. The SIMODEX project is dealing with coupling 
experimental developments, molecular simulation and thermodynamic modeling 
to understand structure-properties relationships, and to develop transferable con-
clusions to optimize processes at low costs.

This chapter will focus on the use of ATR-IR (Attenuated Total Reflection-
infrared) spectroscopy to quantify the speciation in mixtures containing alkanol-
amine and CO2, in absence of water, in order to validate the thermodynamic models 
already used, and to give crucial information for molecular simulation developments.

Keywords:  Infrared, spectroscopy, carbon dioxide, amine, speciation

4.1	 Introduction 

Carbon Capture and Storage (CCS) is a solid option for CO2 mitigation 
in the atmosphere. One option is the CO2 capture from post-combustion  
industrial effluents followed by utilization or storage in secured sites. 

*Corresponding author: karine.ballerat@uca.fr
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Capture processes are generally based on selective absorption/desorption 
cycles of gas into aqueous solutions of alkanolamines [1]. The following 
scheme shows the principle of the process (see Figure 4.1).

In this treatment scheme, the industrial effluent is entering in the 
absorber at atmospheric pressure and at temperature close to 40°C. Due 
to favorable chemical reactions, and physical absorption, the CO2 is selec-
tively captured into the aqueous solution, while the other gases are rejected 
to the atmosphere. The CO2 rich solvent is then transported to the stripper, 
where the loaded solution is heated up to 120°C using a countercurrent 
steam. The CO2 is then desorbed from the solvent, separated, compressed 
and transported for further use, while the lean solvent is returned to the 
absorber. This last step is the most critical in the process cost, as it necessi-
tates high energy consumption for heating up the system. The cost of CO2 
treatment using classical alkanolamine solutions as absorbent is prohibi-
tive and is a clear limitation for the intensive use of this technology. 

In order to provide optimized treatment processes, it is necessary to have 
a comprehensive understanding of the chemical and physical interactions 
taking place in the mixture. SIMODEX project is a joint program between 
ANR (Agence Nationale de la Recherche) in France and NSERC (Natural 
Sciences and Engineering Research Council of Canada) in Canada deal-
ing with coupling experimental developments, molecular simulation and 
modeling to understand structure-properties relationships, and to develop 
transferable conclusions to optimize processes at low costs. The objectives 
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Figure 4.1  Schematic view of the amine based post-combustion CO2 capture process.
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of the project are to understand the complex equilibria taking place in 
the ternary water-alkanolamine-CO2 system by studying the elementary 
mixtures starting with pure compounds and going through binary ones as 
shown in Figure 4.2.

This chapter will focus on the use of IR spectroscopy to quantify the 
speciation in solutions, in order to validate the thermodynamic models 
already used, and to give crucial information for molecular simulation 
developments. The mixtures chosen are binary systems containing initially 
only amine and CO2, where there is almost no publication in the litera-
ture. For this binary mixture the only reaction that may happen during 
the mixing process is the formation of the carbamate that can be written 
as following:

	

2 2 2 2 2 2 2 2 2

2 2

⋅ + →
+

−HOCH CH CH NH CO HOCH CH CH NHCOO
HOCH CH CCH NH2 3

+
	

(4.1)
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Figure 4.2  Structuration of the SIMODEX project and amine family to be studied.
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As experimental issues happened when studying CO2-monoethanolamine 
(MEA) mixtures, such as high increase in viscosity or solid phase formation, 
a physical solvent, known for not interacting with amine or CO2 was used. 
Then ethylene glycol was chosen to dilute the system [2].

More specifically, the speciation in mixtures containing MEA + eth-
ylene glycol + CO2 will be studied using IR-spectroscopy, and a new in situ 
cell designed for following absorption of gas in liquid mixtures versus time 
will be described and first promising results presented.

4.2	 Materials and Methods

4.2.1	 Chemicals

Monoethanolamine (MEA) was purchased in TCI-europe (purity >99%), 
ethylene glycol is from Riedel and Haën (purity 99.5%) and CO2 from air 
products (99.995%). The water quantities in liquids were verified using 
Karl Fisher measurements, and correspond to 300 ppm and  1000 ppm 
respectively for amine and glycol.

4.2.2	 Sample Preparation

As direct measurements of MEA+CO2 mixtures were not possible due to 
increase of viscosity and solid phase generation, the MEA was first mixed with 
a CO2 physical solvent, namely the ethylene glycol. A first concentration of 
30% of MEA in ethylene glycol was chosen as this is comparable to the classical 
concentration of MEA in water when studying the solvents used in the process. 
Then a second concentration of 10% MEA in ethylene glycol was considered 
to reach more easily the complete stoichiometric reaction of the CO2 on MEA. 

4.3	 Experimental Device

The spectroscopic measurements, realized at atmospheric pressure and 
room temperature, were performed using a heatable Golden GateTM 
accessory (Specac, Ltd., UK) with a diamond as ATR (Attenuated Total 
Reflection) crystal. The ATR-IR spectra were collected by means of Thermo 
NicoletTM 380 FT-IR spectrometer with a DTGS (deuterated triglycine sul-
fate) detector. The spectra were obtained with a resolution of 4 cm−1, 32 
co-added scans and were recorded in the range of 4000–500 cm−1. The 
measurement of one spectrum takes around 50 seconds.
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For the spectroscopic measurements under pressurized CO2 a heat-
able Golden GateTM accessory (Specac, Ltd., UK) equipped with a home- 
designed pressurized cell was used. Briefly, the Golden GateTM was used to 
hold the ATR crystal with an incident angle of 45° below the liquid phase 
of interest. Some modifications on the design of the bridge were realized to 
support a customized sapphire cell as shown in Figure 4.3. Two aluminum 
arms (1) were added to the bridge to increase the space between the thumb 
screw and the diamond in order to fit with the new high volume cell (2+4) 
and a stirring mechanism (3). 

The liquid cell was installed on the top of the heating plate of the Golden 
GateTM as shown on Figure 4.3. The internal volume of the cell is about 2 ml. 
The cell is composed of a sapphire cylinder surrounded by an inox block. 
Heating cartridges and PT100 resistances are inserted in the inox cylinder to 
control the temperature of the sample. Two windows are present in the inox 
cylinder, so the inside of the cell can be observed during the whole experiment. 
A Teflon ring was installed between the cell and the plate to prevent leaking. 
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Figure 4.3  New experimental setup for gas absorption : 1. Aluminum arms; 2. sapphire 
cylinder; 3. magnetic stirrer; 4. inox cell, surrounding sapphire cylinder; 5. ATR-IR 
spectrometer; 6. liquid injection valve; 7. high pressure pump equipped with pressure 
transducer and gas injection valve.
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The liquid is inserted using the injection valve (6) until the needed vol-
ume of liquid is obtained. About 1 mL of liquid is introduced in the cell. 
After reaching the temperature equilibrium, the gas is added using the 
gas injection valve, while the pressure is maintained constant using the 
high-pressure syringe pump. As the magnetic stirrer is agitating the solu-
tion, the diffusion of the gas in the liquid starts immediately. 

The IR spectra are then recorded every minute from the beginning of 
the experiment. When the evolution of the peaks is reduced, the spectra 
are measured every 5 minutes, until the signal becomes constant, or when 
the gas contained in the high-pressure pump is consumed. 

4.4	 Results and Discussion

4.4.1	 Kinetic of Absorption

A first kinetic experiment was realized using a liquid mixture containing 
initially MEA (10% w/w) and ethylene glycol (90% w/w). IR spectra of 
direct measurements are reported on the top Figure 4.4. The mixture was 
introduced in the cell, and a first spectrum was realized. Then the valve 
isolating the CO2 from the system was open and the gas started flowing in 
the head space of the cell. 

In order to interpret the results, the spectrum obtained for the binary 
mixture without gas (t=0 minute) was subtracted to the subsequent spectra 
as shown on the bottom Figure 4.4. All positive peaks after subtraction are 
characteristics of new species appearing in the liquid during the sorption 
while negative peaks correspond to the disappearance of pre-existing spe-
cies. In order to quantify the speciation versus time in such systems, it is 
necessary to determine a relation between the intensity of the IR signals 
and the quantity of each species. 

4.4.2	 Calibration of Speciation

4.4.2.1	 Sample Preparation

In order to realize the calibration of the absorption of CO2 in MEA as func-
tion of the loading charge, it was necessary to record spectra containing very 
well-known concentrations of MEA and CO2. For that purpose, a mixture 
of MEA + ethylene glycol was prepared by weight. Then CO2 was added 
above the liquid sample, for 12 hours, under a pressure of CO2 of 0.2 MPa 
(2 bar), while the liquid phase was agitated using a magnetic stirrer. Then 
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the mixture was returned to atmospheric pressure. The sample was then 
weighted, and the mass difference with the sample without CO2 was consid-
ered as corresponding to the mass of CO2 absorbed in the sample. This very 
concentrated sample was diluted using the initial mixture of MEA+Glycol, 
in different proportions to reach various CO2 loading charges.
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Figure 4.4  IR spectra during the kinetic of the sorption of CO2 in MEA-Ethylene glycol 
mixture (top) and MEA-Glycol-CO2 after subtraction of the MEA-Glycol spectrum 
(bottom) at different time; 1-3 peaks: characteristic peaks for carbamates; 4: characteristic 
peak for non-protonated amine; 5: asymmetric stretching vibration band for physically 
absorbed CO2. The spectra obtained during the first 10 minutes are the black ones. The 
red spectra are obtained for a time from 10 to 40 minutes, while blue ones are for times 
longer than 40 minutes after the beginning of the CO2 sorption.
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4.4.2.2	 Spectra and Results

The spectra obtained for the calibration are given in Figure 4.5. The first 
graph shows the direct spectra obtained for mixtures at known loading 
charge, from α =0 to 0.5 (α = mol of CO2 / mol of amine) while the 

Wavenumber (cm–1)

A
bs

or
ba

nc
e

A
bs

or
ba

nc
e

A
bs

or
ba

nc
e

0.6

0.5

0.4

0.3

0.2

0.1

0.0

0.15

3500 3000 2500

2400

0.01

0.02

2300

5

1
2

3

4

2000 1500 1000

0.10

0.05

0.00

0.05

0.00

1600 1400 1200 1000 800

1600 1400 1200 1000 800

Figure 4.5  IR spectra for mixtures containing MEA (30%) ethylene glycol (70%), at 
different and well known loading charges from a = 0 up to a = 0.53. Top figure: direct 
spectra; middle figure: zoom of the spectra in the range of 1700-750 cm-1; bottom figure: 
fingerprint region of the IR spectra of the MEA-ethylene glycol-CO2 mixtures after 
subtraction of the MEA-ethylene glycol spectrum.
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second one present a zoom of the fingerprint region (1700–750 cm-1), 
where most of the bands of organic compounds are regrouped. The red 
spectrum corresponds to the sample obtained for MEA+Glycol solu-
tion without CO2.

As previously described, and in order to be able to analyze the results, 
the red spectrum was subtracted to the others as shown on the third 
graphic of Figure 4.5. On this graph, 4 peaks have been identified and used 
to calibrate the amount of absorbed CO2. Peaks labelled from 1 to 3 corre-
spond to peaks characteristic of vibration in carbamate molecules [3]. The 
peak 4 centered at 960 cm-1 is characteristic of non-protonated nitrogen 
of MEA [3]. When increasing CO2 loading charge, the height of all those 
peaks increases. Peaks 1 to 3 are more and more positive while the peak 4 
is more and more negative. This corresponds naturally to the generation of 
carbamate and consumption of non-protonated MEA following the equa-
tion 1 shown above. The signal corresponding the physisorbed CO2 (band 
label 5 in Figure 4.5 at around 2340 cm-1) has not been detected for the 
concentrations realized during the calibration.

In order to calibrate the system, it is necessary to relate the height (or the 
area) of each peak to the loading charge. The peak 4 was truncated on the 
left side due to peak displacements during the absorption. Then, for this 
peak we considered the height of the peak as the characteristic data. For 
peaks 1 to 3 it was possible to use the integration that reduces the uncer-
tainty on the result. The curves representing area of peaks 1 to 3, and height 
of peak 4 versus loading charge are given in Figure 4.6. 

From those calibrations, it is then possible to recalculate at any time of 
a kinetic experiment the quantity of each species formed when the loading 
charge is below 0.45. When the concentration of CO2 is higher the increase 
of the IR signals are much slower, probably part of the CO2 does not react 
but is physisorbed. Furthermore, it was not possible to prepare mixtures 
containing high amount of CO2 physically absorbed in the binary mixture. 
For that purpose, CO2 was then absorbed in pure ethylene glycol under 
higher pressure directly in the ATR-IR cell.

4.4.2.3	 Physisorption

As it can be seen on Figure 4.7, during the kinetic of the CO2 sorption in 
the MEA-Ethylene glycol mixture, after one hour, it is possible to observe a 
small signal at around 2340 cm-1 corresponding to the asymmetric stretch-
ing vibration of the CO2 physically absorbed in the mixture. In order to 
quantify this CO2, it is then necessary to calibrate this band. For that pur-
pose, a mixture of ethylene glycol + CO2 was measured at high pressure. 
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On Figure 4.7, the black curve shows the signal obtained for pure 
ethylene glycol. Measurements have then been realized for mixtures of 
CO2 + glycol, at 2.0 MPa, 35°C at different times. Two spectra obtained 
for different times are shown on Figure 4.7 (red and blue spectra). Two 
phenomena have to be observed. The intensity of all bands correspond-
ing to the ethylene glycol is decreasing with the sorption of CO2. These 
decreases of intensity are explained by the swelling of the solvent due to 
the presence of CO2. This phenomenon is well known and documented 
in the literature, particularly in the case of liquid [4, 5].

When looking at absorbance close to 2340 cm-1 it is easy to observe 
an intense peak corresponding to the CO2 physically absorbed in eth-
ylene glycol. The rest of the spectra is identical with and without CO2, 
apart from the decreasing of the intensity of bands corresponding to 
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the swelling of the ethylene glycol, meaning that no chemical reaction 
happened in those mixtures. The area of the CO2 peak at 2340 cm-1 can 
then be directly associated to the solubility of CO2 in ethylene glycol 
using literature value [6]; at this temperature and pressure, the solu-
bility of CO2 in ethylene glycol is xCO2 = 0.0369±0.0006. Admitting that 
the absorption of CO2 in ethylene glycol follow the Beer-Lambert law,  
a linear regression was determined between zero and this concentra-
tion to estimate the quantity of CO2 absorbed in solutions of interest.

4.4.2.4	 Full Curve Speciation

The evolution of absorptions of the characteristic bands of different species 
versus time shown in Figure 4.5, were plotted in Figure 4.8. Carbamate 
vibrations are shown in blue, while the vibration of the none-protonated 
amine group of MEA is in red. The signals of the physically absorbed CO2 
in the MEA-Glycol mixture correspond to the black empty circle.

On this figure one can see that the absorbance area for peaks correspond-
ing to carbamate increases quickly during the first 20 minutes. The quan-
tity of none protonated amine decreases synchronously to the appearance of 
carbamate. All the blue and the red curves reach a plateau after 30 minutes. 
Using the calibration curves shown before, at this time, the value of absor-
bance correspond to a loading charge of about 0.4. Parallel, during the first 
40 minutes, no peak for physical absorption is observed. After this time, the 
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Figure 4.7  IR spectra for pure ethylene glycol (black curve) and CO2 in ethylene glycol 
(red and blue curve) at 20.0 bar and 35°C.
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intensity of the band starts to increase continuously. After 70 minutes the 
CO2 physically absorbed corresponds to a molar fraction of 0.002. With this 
graph, it is confirmed that the chemical reaction is the first step of the process, 
while the physical absorption starts only when most of the non-protonated  
amine has reacted with CO2 to form carbamate and protonated amine.

4.5	 Conclusion 

In situ ATR-IR spectroscopy has been used successfully to follow the 
absorption of CO2 in binary liquids containing MEA and ethylene glycol. 
The spectra obtained have shown peaks characteristic of carbamate for-
mation, and none protonated amine consumption. After calibrating the 
signal, the area of the peaks linked to carbamates, and the height of the 
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characteristic peak for physically absorbed CO2 (peak 5; signal multiply by 100 for visibility).
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peak corresponding the none protonated amine has been associated to an 
advancement of the reaction of formation of carbamate.

The same experiments will be carried out with amines with a skeleton 
similar to MEA, as shown on Figure 4.2. The results obtained will allow 
evaluating the influence of the substituents on the carbons of the MEA on 
the chemical reaction leading to carbamate formation. It will be possible 
to compare the kinetic of the reaction as well as the final advancement of 
the reaction.
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Abstract 
Mixtures of dimethyl ethers of polyethylene glycol (DMPEG) are physical solvents 
which have been used for the separation of acid gases from gas streams. An advan-
tage of DMPEG mixtures is the high solubility of acid gases compared with the 
low solubility of light hydrocarbons. The solubility of the light hydrocarbons in 
DMPEG is important, as the hydrocarbons constitute a loss to the process, and 
result in hydrocarbon emissions to the atmosphere. 

The design of separation facilities with mixtures of DMPEG requires accurate 
modelling techniques that can capture the vapor-liquid equilibrium properties of these 
systems over the appropriate operating conditions. An exhaustive review of the data 
available in the literature revealed a limited number of experimental points for these 
systems. Since only limited data exist in the open literature, new solubility measurements 
were performed on binary mixtures of nitrogen, methane, carbon dioxide and hydro-
gen sulfide with a mixture of DMPEG. A solubility model based on the Peng-Robinson 
Equation of State was developed from literature data and the new experimental data.

The ability of the Peng-Robinson Equation of State to calculate the solubility 
of N2, CH4 and acid gases (CO2 and H2S) in a mixture of DMPEG will be shown. 
Henry’s law constants obtained from the approach will be compared with those 
previously reported in the literature. 

Keywords:  Vapor-liquid equilibrium, separations, equation of state, Krichevsky-
Ilinskaya, methane, nitrogen, hydrogen sulfide, carbon dioxide, dimethyl ethers 
of polyethylene glycol mixtures
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5.1	 Introduction

This work was undertaken to determine if the Peng-Robinson Equation 
of State (EoS) [1] could be used to model the solubility of nitrogen, meth-
ane, carbon dioxide, hydrogen sulfide in a mixture of polyethylene glycol 
dimethyl ethers, a solvent commonly used for the removal of acid gases 
(H2S and CO2) from natural gas streams [2]. Unfortunately, there are few 
data sets which contain the solubility of nitrogen, methane, carbon dioxide, 
hydrogen sulfide in mixtures of DMPEG. In order to provide data needed 
for validate models used in important design decisions, this laboratory at 
the University of Alberta embarked on a research program to fill the voids 
in the existing literature data sets and test the most common EoS (PR EoS) 
used in gas treating.

5.2	 Experimental

The apparatus and experimental techniques that were used are similar to 
those described by Jou et al. [3]. The equilibrium cell was mounted in an 
air bath. The temperature of the contents of the cell was measured by a cali-
brated iron-constantan thermocouple and the pressure in the cell was mea-
sured by digital Heise gauges. The uncertainty in the pressure was ±0.1% 
of full scale by comparison with a dead-weight gauge. The experimental 
uncertainty in the temperature was ±0.1 K by comparison with a platinum 
resistance thermometer. A magnetically driven piston pump was used 
to circulate the gas phase and bubble it through the liquid solution. The 
physical solvent (a mixture of dimethyl ethers of polyethylene glycol) was 
obtained from Exxon. The other chemicals were obtained from Praxair: 
nitrogen with a purity of 99.99%, methane with a purity of 99.97%, carbon 
dioxide with a purity of 99.9% and hydrogen sulfide with a purity of 99.5%.

Approximately 100 cm3 of the physical solvent was charged to the evacu-
ated cell. Gases were added in an amount determined by observation of the 
pressure. To ensure that equilibrium was reached, the vapor was bubbled 
through the liquid for at least 8 h prior to sampling the vapor and liquid 
phases. The vapor phase was analysed by gas chromatography. For nitro-
gen and methane, the liquid phase was analysed by a volumetric method. A 
sample was taken into a sample bomb that had previously been evacuated 
and weighed. The bomb was reweighed to determine the mass of the sam-
ple and was attached to a vacuum rack. The gas was allowed to evolve from 
the liquid into a buret, which was maintained at the local atmospheric 
pressure and room temperature. The moles collected were calculated from 
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the P-V-T data, assuming ideal gas behavior. A correction was made for the 
residual nitrogen or methane left in the sample at atmospheric pressure by 
injection of an aliquot into the gas chromatograph. 

For carbon dioxide and hydrogen sulfide, a known weight of loaded 
solution was drawn into a 1 M NaOH solution to form Na2CO3 or Na2S. 
The concentration of CO2 in an aliquot of liquid sample was determined by 
mixing the liquid with 0.1 N BaCl2 solution to form a precipitate of BaCO3. 
This precipitate was filtered and washed. It was titrated with 0.1 N HCl 
using methyl orange-xylene cyanol indicator. The concentration of H2S in 
an aliquot of liquid sample was determined by mixing the liquid with an 
excess of acidic 0.1 N I2 solution. The excess I2 was back-titrated with 0.1 
N Na2S2O3 solution using a starch indicator. The uncertainty in the liquid 
phase analyses is estimated to be +/- 3%.

The conditions of the experiments for each gas solute are presented in 
Table 5.1. 

5.3	 Equation of State Development

The approach of Jou et al. [4] was used to model the phase equilibrium 
data. This approach uses the Peng–Robinson (1976) EoS: 
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The parameters a22 and b2 of nitrogen, carbon dioxide, methane and 
hydrogen sulfide were obtained from the critical constants and acentric 

Table 5.1  Experimental conditions.

Solute Temperature (°C) Partial pressure range (MPa)

H2S 0, 25, 37.8, 60, 100 & 150 3.3 × 10-4 – 14.4

CO2 -20, 0, 15.6, 25, 37.8, 60, 80, 100, 
125 & 150

1.1 × 10-3 – 20.0

CH4 -20, -15, 0, 10, 15.6, 25, 40, 60, 80, 
100, 125 & 150

1.0 × 10-1 – 20.5

N2 0, 15.6, 37.8, 60, 80, 100, 125 & 
150

8.7 × 10-2 – 20.0
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factors found in Rowley et al. [5]. Consistent with that modelling approach, 
the parameters a11 and b1 for the solvent (DMPEG mixture) were obtained 
directly from the vapor pressure and liquid density of the solvent. Due to 
the lack of these properties being directly measured by this laboratory, val-
ues from the literature were used.

Although not directly related to the modelling approach the compo-
sition of the mixture of polyethylene glycol dimethyl ethers used in the 
experimental work is presented in Table 5.2.

The DMPEG mixture has a measured molar mass of 277.5. This fluid 
was also used by Schmidt and Mather [6]. Compositions of DMPEG 
mixtures have also been presented by Michaeli and Stein [7], Wölfer 
[8], van Deraerschot [9], Wölfer [10], Wölfer [11], Stöll and Röper [12], 
Herraiz et al. [13], Conesa et al. [14] and Nannan et al. [15]. As can be 
seen in Table 5.2 (and the above references), the solvent is a multicom-
ponent mixture consisting of DMPEG ranging from di-ethylene glycol 
dimethyl ether, n=2, to undeca-ethylene glycol dimethyl ether, n=11. 
The range of ethylene glycol dimethyl ethers or glymes (and their rel-
ative concentrations) in commercially available mixtures of DMPEG 
is not standardized. As such each mixture has different volatilities and 
volumetric properties. 

Table 5.2  Composition of DMPEG 
mixture used in this investigation.

n-DMPEG wt %

2 6.0

3 19.6

4 25.7

5 22.3

6 14.7

7 7.3

8 3.2

9 1.2

10 0.2

11 6.0
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Unfortunately, there is only a limited amount of vapor pressure and 
density data for DMPEG mixtures in the open literature. Vapor pressure 
data were found in the following sources: Clare and Valentine [16], van 
Deraerschot [9], Wölfer [8], Wölfer [10], Wölfer et al. [17], Wölfer et al. [18], 
Kuwairi [19], Bucklin and Schendel, [20], Demyanovich and Lynn [21], Shah 
and Szymborski [22], Stüven [23] and Chen [24]. Unfortunately, most of the 
vapor pressure data of DMPEG mixtures had to be inferred from digitized 
figures and from vapor pressure data of a variety of mixtures (e.g., Selexol, 
PEGDME 250 and Genosorb 1753). Density data were found in the follow-
ing sources: Sweeny and Brooks [25], Clare and Valentine [16], Wölfer [8], 
van Deraerschot [9], Wölfer [10], Bucklin and Schendel [20], Demyanovich 
and Lynn [21], Esteve et al. [26], Esteve et al. [27], Conesa et al. [14], Pereira 
et al. [28], Li et al. [29]. Similar to the vapor pressure data set, the volumetric 
data used in this study came from a variety of DMPEG mixtures. 

The style and the paucity of data makes the determination of EoS param-
eters for such mixtures challenging. Based on the available information, a 
detailed solvent characterization, similar to a multicomponent character-
ization of oils in the petroleum industry [30], could not be used for the 
DMPEG mixture. In this investigation, a pseudo-component with pure 
EoS properties (Tc, Pc, ω) was used to represent the mixture of DMPEG.

The vapor pressure and density of the pseudo-DMPEG mixture, used 
to represent the solvent used in the experiments, were determined at each 
temperature from smoothed equations of the respective vapor pressure 
and density datasets described above. The saturation pressure algorithm 
of Wisniak et al. [31] was used to calculate the saturation properties of the 
DMPEG mixture and regress the a11 and b1 parameters. Figures 5.1 and 5.2 
compare the difference between the literature data, the pure glymes, tri, 
tetra and penta (Rowley et al. [5]), the smoothed correlations and those 
calculated by the Peng Robinson EoS.

The binary interaction parameter for each solute, k12, which appears in 
the mixing rule of the equation of state 
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was regressed from the experimental solubility data. In all the binary solute- 
solvent systems, a linear temperature dependent binary interaction param-
eter was used.

The data span many orders of magnitude, so minimizing the sum of 
the squares of the differences between measured and fitted values would 
weight the high pressure data almost to the exclusion of the low pressure 
data. The simple unbiased objective function used by Weiland et al. [32] 
weights all data equally. 
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Where c is the parameter vector, f is the model function and (xci, yci) are 
the experimental data. The denominator is designed to give equal weight 
to all the data, regardless of the magnitude of the measured quantity. The 
robust regression algorithm of Schmidt et al. [33] was used to minimize the 
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Figure 5.1  DMPEG mixture vapor pressures comparison. ⬦, Clare and Valentine [16];  
⚪, van Deraerschot [9]; ♦, Wölfer [8]; ⚫, Wölfer [10]; ▴, Wölfer et al. [17]; ◼, Wölfer  
et al. [18]; ▵, Kuwairi [19]; ◻, Bucklin and Schendel [20]; grey ♦, Demyanovich and Lynn  
[21]; ⚫, Shah and Szymborski [22]; ▴, Stüven [23]; ◼, Chen [24]. Solid line, Smoothed 
vapor pressure correlation; round dot line, pentaglyme [5]; dash line, tetraglyme [5]; dash 
dot line, triglyme [5]; solid line, EoS. 
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objective function. This regression routine incorporates an outlier detec-
tion routine based on the Benjamini-Hochberg [34] test for significance. 
Use of this robust regression technique improves the parameterization of 
the model because the data points with significant deviations are excluded 
from the regression. This results in the final regression equation given by 
Equation (5.5), where M experimental measurements out of N total mea-
surements are excluded.
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In this investigation, the objective function which related the differences 
between the calculated saturation pressures and the experimental values 
was used. A saturation pressure calculation was performed at each mea-
sured experimental liquid phase composition and temperature. A modified 
saturation pressure algorithm presented by Whitson and Brulé [35] was 

1.10

1.05

1.00

0.95

0.90

0.85

0.80
250 270 290 310 330 350

Temperature (K)

D
en

si
ty

 (g
/c

m
3 )

370 390 410 430

Figure 5.2  DMPEG mixture mass density comparison. grey ⚫, Sweeny and Brooks, [25]; 
⬦, Clare and Valentine [16]; ⚪, van Deraerschot [9]; ♦, Wölfer [8]; ◼, Wölfer et al. [18];  
◻, Bucklin and Schendel [20]; ♦, Demyanovich and Lynn [21]; ▵, Esteve et al. [26];  
▴, Esteve et al. [27]; ⚫, Conesa et al. [14]; ◼, Pereira et al. [28]; ▴, Li et al. [29]. Solid  
line, Smoothed mass density correlation; round dot line, pentaglyme [5]; dash line, 
tetraglyme [5]; dash dot line, triglyme [5]; solid line, EoS. 
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used. The modified algorithm used the stability test approach described in 
Saber and Shaw [36].

5.4	 EoS Model Results

With the regression approach described above, all the experimental satu-
ration pressures could be calculated to within an overall average absolute 
percentage deviation (AAPD, denoted Δ),
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of 2.6, 4.0, 20.5, 14.5% for N2, CH4, H2S and CO2, respectively. The AAPD 
between the optimal model and that of the data used in the parameter-
ization (i.e., data points not deemed outliers) was 2.2, 2.8, 13.9, 11.1% for 
N2, CH4, H2S and CO2, respectively. The model results are compared with 
the experimental results in Figures 5.3–5.6. As can be seen in Figures 5.5 
and 5.6, H2S and CO2 have four orders of magnitude difference in partial 
pressures and have solute liquid mole fractions which range from 0.001 to 
~0.99. The temperature range of the data is 150 K (H2S and N2) and 170 K  
(CO2 and CH4). This is an exceptional range of solubility measurements for 
these systems. 

This modelling approach reproduces the CH4 and N2 experimental data 
very well (to within the experimental uncertainty) and H2S and CO2 exper-
imental data reasonably well. It appears that the modelling approach does 
not capture the solubility of the highly soluble solutes (H2S and CO2) as 
well as it captures the solubility of CH4 and N2 over the extreme ranges of 
data. Based on the regression results, the inconsistency between the model 
and the data (H2S and CO2) is most likely attributed to a combination of the 
limitation of the model’s performance and the higher experimental uncer-
tainty at the far ends of the concentration interval for these acid gases.

There may be a number of reasons for the poorer performance of 
the model for the CO2 and H2S systems. Due to insufficient data of the 
DMPEG mixture, the EoS characterization of the DMPEG mixture may 
not capture the chemical physics of the solvent and hence the interactions 
of the highly soluble solutes. Additionally, the EoS, with van der Waals 
mixing rules, may be insufficient for the significant ranges (temperature, 
pressure and composition), which were covered in the measurements. 
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Figure 5.3  Experimental data for nitrogen (1) + DMPEG (2) system compared with 
correlated values using the Peng-Robinson equation of state. Experimental data: ⚪,  
273.15 K; ▴, 288.75 K; ◼, 310.95 K; ⚫, 333.15 K; ◮, 353.15 K; ◑, 373.15 K; ⬙, 398.15 K; 
◒, 423.15 K; Peng-Robinson equation of state: long dash dot dot, 273.15 K; dash,  
288.75 K; solid line, 310.95 K; long dash dot dot, 333.15 K; dash, 353.15 K; long dash dot 
dot, 373.15 K; round dot, 398.15 K; long dash dot dot, 423.15 K.
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Figure 5.4  Experimental data for methane (1) + DMPEG (2) system compared with 
correlated values using the Peng-Robinson equation of state. Experimental data: 
◻, 253.15 K; ⬦, 258.15 K; ⚪, 273.15 K; ▴, 288.75 K; ⚫, 298.15 K; ♦, 313.15 K; ⚫, 333.15 K;  
◮, 353.15 K; ◑, 373.15 K; ⬙, 398.15 K; ◒, 423.15 K; Peng-Robinson equation of state: 
solid line, 253.15 K; round dot, 258.15 K; long dash dot dot, 273.15 K; dash, 288.75 K; long 
dash dot dot, 298.15 K; round dot, 313.15 K; long dash dot dot, 333.15 K; dash, 353.15 K; 
long dash dot dot, 373.15 K; round dot, 398.15 K; long dash dot dot, 423.15 K.
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Figure 5.5  Experimental data for hydrogen sulfide (1) + DMPEG (2) system compared with 
correlated values using the Peng-Robinson equation of state. Experimental data: ⚪, 273.15 K;  
⚫, 298.15 K; ◼, 310.95 K; ⚫, 333.15 K; ◑, 373.15 K; ◒, 423.15 K; Peng-Robinson equation  
of state: long dash dot dot, 273.15 K; long dash dot dot, 298.15 K; solid line, 310.95 K; long 
dash dot dot, 333.15 K; long dash dot dot, 373.15 K; long dash dot dot, 423.15 K.
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Figure 5.6  Experimental data for carbon dioxide (1) + DMPEG (2) system compared 
with correlated values using the Peng-Robinson equation of state. Experimental data: 
◻, 253.15 K; ⚪, 273.15 K; ▴, 288.75 K; ⚫, 298.15 K; ◼, 310.95 K; ⚫, 333.15 K;  
◮, 353.15 K; ◑, 373.15 K; ⬙, 398.15 K; ◒, 423.15 K; Peng-Robinson equation of state: 
solid line, 253.15 K; long dash dot dot, 273.15 K; dash, 288.75 K; long dash dot dot, 
298.15 K; solid line, 310.95 K; long dash dot dot, 333.15 K; dash, 353.15 K; long dash dot 
dot, 373.15 K; round dot, 398.15 K; long dash dot dot, 423.15 K.
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However, it should be noted that the model does a very good job repro-
ducing the data in the region of interest to the gas treating industry [10, 
11, 17, 18, 37 39]. 

If the full region of solute partial pressures is important, alternative 
modelling approaches could be tried (e.g., different mixing rules, activ-
ity coefficient model approaches [6, 40] and the SAFT EoS [15]). As this 
investigation was to supply phase behaviour data and correlate the data 
with the Peng-Robinson EoS with the van der Waals mixing rules different 
modelling approaches were not tested. Based on the variability of DMPEG 
solvents, caution should be used when extending the model results from 
this investigation to other mixtures of DMPEG.

5.5	 Krichevsky-Ilinskaya Equation

Bender et al. [41, 42] have shown the connection between the Peng-
Robinson EoS, the binary interaction parameter and the three parameters 
in the Krichevsky-Ilinskaya equation. The Krichevsky-Ilinskaya equation 
is given by:

	 ln / lnf x H
v P P

RT
A

RT
x

s

2 2 21
2 1

1
2 1

∧ ∞( ) = +
−( )

+ −( ) 	 (5.7)

where the three parameters are the Henry’s law constant, H21, the partial 
molar volume at infinite dilution, v2

∞, and the Margules activity coefficient 
parameter, A. With this connection, the regressed binary parameter can 
not only be used to calculate Henry’s law constant and the partial molar 
volume of the solute at infinite dilution but also the Margules activity coef-
ficient parameter. These parameters can then be used in the Krichevsky-
Ilinskaya equation to calculate gas solubilities. The calculated parameters 
for each binary system (N2, CH4, H2S and CO2) + DMPEG mixture are 
compared with literature values in Figures 5.7–5.9. 

The relative solubility, defined in this investigation as: 

	
H T K

H T K

i

CO
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21
2

298 15
298 15

( . )
( . )

=
= 	 (5.8)

was determined to be 5.8 for H2S, 0.07 for CH4 and 0.02 for N2. The aver-
age values reported in the literature are 8.9 for H2S, 0.07 for CH4 and 

–
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0.02 for N2 [20, 37, 38, 43 49]. However, most of the reported relative 
solubilities in the literature do not indicate the conditions of comparison 
(other than 298.15 K, Bucklin and Schendel [20] and Burr and Lyddon 
[49]. For example, if the temperature of consideration as 273.15 K, the 
value for H2S increases to 6.8. Relative solubilities could also be differ-
ent if reported at elevated pressures. The calculated relative solubilities 
at 298.15 K, and Figure 5.7, indicate the high selectivity of H2S and CO2 
compared with CH4 and N2. The high selectivity of H2S to CO2 is also 
advantageous. 

The solubility of methane has a minimum around 373 K as evidenced by 
the Henry’s law constant reaching a maximum value at this temperature. At 
lower pressures (P < 7 MPa), the solubility of methane essentially remains 
temperature independent as evidenced by solubility data, Figure 5.4, and 
the Henry’s law constant variation with temperature shown in Figure 5.7. 
This solubility phenomena was also seen with propylene carbonate [50]. 
At higher pressures, the solubility of methane increases with increasing 
temperature. The solubility of nitrogen increases with temperature at all 

H
en

ry
’s 

La
w

 C
on

st
an

t (
M

Pa
)

1000.00

100.00

10.00

1.00

0.10
250 270 290 310 330 350

Temperature (K)
370 390 410 430

Figure 5.7  The temperature dependence of the Henry’s law constants of nitrogen (1), 
methane (1), hydrogen sulfide (1) and carbon dioxide (1) in DMPEG (2). Carbon dioxide: 
⚫, Xu et al. [51]; ⚫, Henni et al. [52]; ◒, Rayer et al. [53]; ⚪, Rayer et al. [40]; solid line, 
Peng-Robinson equation of state; Hydrogen sulfide: ◼, Xu et al. [51]; solid line, Peng-
Robinson equation of state; Methane: ♦, Rayer et al. [53]; ♦, Henni et al. [54]; solid line, 
Peng-Robinson equation of state; Nitrogen: solid line, Peng-Robinson equation of state.
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measured pressures. The opposite trend with temperature occurs with the 
more soluble gases, carbon dioxide, and hydrogen sulfide. As expected [4], 
the Henry’s law constant and the high pressure solubility both increase 
with temperature. 

Enthalpies of solution were calculated from the dependence of the 
Henry’s constant with temperature according to:

	 ∂
∂





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=ln
( / )

H
T

h
RP

21

1
2∆ 	 (5.9)

The calculated enthalpies of solution, at 298.15 K, for H2S, CO2, CH4 
and N2 are -20.1, -16.0, -1.3, 3.4 kJ/mol respectively. These compare well 
with previously reported values of (-)15.1 kJ/mol [16, 37], and -19.1 kJ/
mol [51] for H2S and (-)16.4 kJ/mol [16, 37], -14.3 kJ/mol [51] and -14.5 
kJ/mol [40] for CO2 (no temperature was specified for these reported 
values – presumably an average value over the full temperature range 
investigated). 

80

75

70

65

60

55

50

45

40

35

30
250 270 290 310 330

Tem erature (K)

Pa
rt

ia
l M

ol
ar

 V
ol

um
e 

at
 In

fin
it

e 
D

ilu
ti

on
(c

m
3 /

m
ol

)

350 370 390 410 430

Figure 5.8  The temperature dependence of the partial molar volume at infinite dilution  
of nitrogen (1), methane (1), hydrogen sulfide (1) and carbon dioxide (1) in DMPEG (2). 
Carbon dioxide: ⚫, Xu et al. [55]; solid line, Peng-Robinson equation of state; Hydrogen 
sulfide: ◼, Xu et al. [55]; solid line, Peng-Robinson equation of state; Methane: solid line, 
Peng-Robinson equation of state; Nitrogen: solid line, Peng-Robinson equation of state.
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5.6	 Conclusions

New experimental phase behaviour measurements were performed to 
expand gas solubility data in the areas of interest for gas treating processes 
involving mixtures of DMPEG. New solubility data were obtained for the 
binary N2, CO2, CH4, and H2S + the DMPEG mixture systems. The solu-
bility was measured at several temperatures in the range of 253.15 K to 
423.15 K at pressures up to 20.5 MPa. 

A solvent characterization approach combined with the Peng-Robinson 
equation of state with a temperature dependent binary interaction parameter 
reproduces most of the experimental data quite well. The relative solubility of 
the gases in the DMPEG mixture was (253.15 to 423.15 K) determined to be: 
Nitrogen < Methane < Carbon Dioxide < Hydrogen Sulfide.

The new solubility data and models are important for the evaluation of 
DMPEG mixtures as a solvent in gas treating plant design.
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Figure 5.9  The temperature dependence of A/RT of nitrogen (1), methane (1), hydrogen 
sulfide (1) and carbon dioxide (1) in DMPEG (2). Carbon dioxide: solid line, Peng-Robinson 
equation of state; Hydrogen sulfide: solid line, Peng-Robinson equation of state; Methane: solid 
line, Peng-Robinson equation of state; Nitrogen: solid line, Peng-Robinson equation of state.
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5.7	 Nomenclature

a11 	 parameter in the Peng-Robinson equation, Pa·m6/mol2 
(Solvent)

a22	 parameter in the Peng-Robinson equation, Pa·m6/mol2 
(Solute)

A	 Margules parameter, J/mol
b1	 parameter in the Peng-Robinson equation, cm3/mol 

(Solvent)
b2	 parameter in the Peng-Robinson equation, cm3/mol 

(Solute)
c	 parameter vector
f 	 model function
f̂i	 fugacity of component i in a mixture, MPa
∆h2	 enthalpy of solution, J/mol
H21	 Henry’s law constant of solute 2 in solvent 1 at Ps

1 , MPa
kij	 binary interaction parameter in the Peng-Robinson 

equation
M 	 excluded experimental measurements out of N total 

measurements
N	 total experimental measurements 
NC	 number of components
P	 pressure, MPa
Pc	 critical pressure, MPa
R	 gas constant, J/mol·K
T	 absolute temperature, K
Tc	 critical temperature, K
V	 molar volume of the mixture, cm3/mol
v2

∞	partial molar volume at infinite dilution, cm3/mol
xi	 mole fraction of component i 
xci	 experimental data (independent data)
yci	 experimental data (dependent data)

Greek letters
Δ	 overall absolute percentage deviation
ω	 acentric factor
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Abstract
The knowledge of the phase behavior of the water-hydrogen sulfide system is import-
ant in the design and operation of pipelines and production and processing facili-
ties handling sour reservoir fluids containing the two compounds. The formation of 
condensed water may lead to corrosion or ice formation, and sufficient amount of 
water in the vapor phase may lead to hydrate formation. When acid gas is removed 
from sour gas, one option for its disposal is by injection into an underground reser-
voir. Acid gas is normally saturated with water in gas treatment units, so designing 
acid gas disposal schemes requires the knowledge of the phase equilibrium in H2O-
H2S systems [1]. In addition, water content data in the gas phase is useful for tuning 
binary interaction parameters between water and gaseous H2S in equations of state.

A thorough literature review was conducted to find all of the measured data 
for water content of hydrogen sulfide. Only experimental data was collected. The 
paper did not include the solubility of hydrogen sulfide in water. Experimental 
data for more complex mixtures were not reviewed at this time.

The data from the various sources were compared and notes were made which 
one deviated from the rest. A regression model was used to plot the data as iso-
therms. A seminal paper by Selleck et al. [25] served as a benchmark in this paper.

Keywords:  Water, hydrogen sulfide, solubility, experimental methods

6.1	 Introduction

Natural gas reservoirs have always associated water; therefore the gas pro-
duced from the reservoirs is water saturated. The same can be said of sour 
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natural gas. Water in sour natural gas is a concern due to the potential 
for corrosion and hydrate formation during production, transmission 
and processing – the H2S-H2O hydrate persists to temperatures as high as 
+30°C.

Hydrogen sulfide is often extracted from sour natural gas in amine 
sweetening units and is also water saturated.

Hydrogen sulfide and water is also used in the dual temperature pro-
cess for the production of heavy water. This process involves the transfer 
of deuterium atoms between H2S and H2O and is carried out in high col-
umns, therefore for optimum design and operation of the process accurate 
phase and chemical equilibrium data are required. 

The presence of hydrogen sulfide in geochemical environment like hot 
aqueous solutions may result in formation of sulfide minerals. An under-
standing of the phase behavior in the system H2O-H2S helps analyze these 
mineral forming processes.

Experimental data is used to fine-tune empirical correlations for calcu-
lating water content of H2S. It is also used to validate the models for calcu-
lating water content of H2S.

The solubility of water in hydrogen sulfide is higher than the solubility 
of water in carbon dioxide and in hydrocarbons, which can be explained 
by the different molecular structure of these compounds. Hydrogen sulfide 
possesses higher polarity than hydrocarbons because of the asymmetric 
arrangement of its atoms. Since water is strongly polar, it will have higher 
solubility in substances with higher polarity [2].

Experimental work is also available on water content of mixtures of 
hydrogen sulfide and other gases. This work has not been reviewed in the 
present review.

Water content of hydrogen sulfide had previously been reviewed by 
Clark [3], Carroll [4] and Chapoy [1], and also summarized in IUPAC 
Solubility Data Series [5]. Some of the information presented in this paper 
is taken from the above references.

6.2	 Literature Review

The early investigations of the hydrogen sulfide-water system were mainly 
concerned with the study of hydrates and the development of generaliza-
tions of phase behavior for binary systems, e.g., Forcrand [6] and Scheffer 
[7]. The first paper dealing with water content of hydrogen sulfide was 
apparently that of Wright and Maas [8]. The first that became a benchmark 
for other investigators was a paper by Selleck et al. [25].
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Chapoy et al. [1] listed Burgess and Germann [9] data as experimental, 
but those are calculated values based on the correlation of data obtained 
by Selleck et al.

There is some difficulty with the interpretation of the water content of 
H2S reported by Clarke and Glew [10]. The data seem to be experimentally 
obtained but the authors of this literature review are not that certain, as 
Clark and Glew discussed in their paper the method for deriving fugaci-
ties, phase compositions and Henry’s Law constants.  

There are some papers in which experimental data are used to cal-
culate water content of H2S. For example, Zezin et al. [11] made in situ 
determination of the pressure developed by H2O-H2S mixtures of vari-
able compositions for temperatures from 150 to 325°C, and measured 
the volumes of the fluid mixtures, and then calculated the compositions 
of liquid and vapor by modelling the bulk fluid composition using the 
Stryjek-Vera modification of the Peng-Robinson equation of state in con-
junction with the density-dependent mixing rules of Panagiotopoulos, 
obtaining 77 data points. Such data are not included in the present  
paper.

6.2.1	 Wright and Maass (1932)

a.	 Purpose for the Study
	 Previously recorded data on the solubility of H2S in water 

suffered from the incorporation of Henry’s law as an implicit 
assumption, a part of the experimental method. Since Wright 
and Maass had found that the law was not strictly obeyed, 
the last significant figures of the accepted values were prob-
ably invalidated at atmospheric pressure, and most certainly 
so at all other pressures. The authors carried out a series of 
measurements of the solubility of hydrogen sulfide in water 
at various temperatures and pressures other than atmo-
spheric and determined the degree to which Henry’s law was 
applicable.

b.	 Experimental Method
	 Wright and Maass conducted their measurements based on 

the determination of the equilibrium pressures of known 
mixtures of hydrogen sulfide and water confined in an espe-
cially designed all-glass vapor pressure cell of known volume 
(a synthetic experimental method). The authors used a new 
type of glass diaphragm manometer, with a glass pointer 
affixed to the inside of the diaphragm. They also used the 
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magic lantern principle to magnify the movements of the 
pointer (a lens system projected on a screen some distance 
away the enlarged images of the blackened tips of the pointer 
and index). The glass material was used to minimize the 
possibility of stray reactions between the gas and mercury, 
or stopcock grease.

		  A measured quantity of water was run into the cell. 
Dissolved air was removed by repeated freezing and melting 
in vacuo. A measured amount of H2S was condensed in the 
cell by liquid air and the cell sealed. The temperature of the 
cell and manometer were controlled to 0.1°C. Partial pres-
sure of hydrogen sulfide PH2S was calculated by subtracting 
vapor pressure of pure water PH2O from the total pressure 
Ptotal. The weight of hydrogen sulfide in the gas phase was 
calculated from PH2S and the volume of the gas phase. The 
difference between the total weight of H2S used in the exper-
iment and the weight of H2S in the gas phase was the weight 
of H2S in the solution.

		  The authors claimed that the results given by this method 
were more directly applicable than those obtained by the 
usual gravimetric and volumetric procedures.

c.	 Results
	 Wright and Maass measured the vapor pressures of six mix-

tures of H2S and water (H2S in water) confined in a vapor 
pressure cell at nine different temperatures between 5°C and 
60°C. From the total pressures, observed or interpolated, the 
internal volume of the cell and the amounts of material in it, 
they calculated the concentration of the solution using the 
following equation:

	
P P W R

M V
T w R

M V
T1 2 0− − ⋅

⋅
⋅ + ⋅

⋅
⋅ =       (6.1)

	 where:
	 P1 – observed total pressure, mm Hg at 0°C
	 P2 – vapor pressure of water, mm Hg at 0°C, at temperature 

T in K
	 W – total weight of hydrogen sulfide in the cell
	 w – weight of dissolved hydrogen sulfide in the solution
	 R – gas constant in cc-mm
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	 M – apparent molecular weight of H2S at temperature T and 
pressure P1 – P2 (calculated from the data from a previous 
paper)

	 V – volume of the vapor phase in cc, calculated

		  They solved the equation for w and calculated the concen-
tration of the solutions in moles of H2S per liter of vapor at 
actual conditions of pressure and temperature. The authors 
of this review calculated the volume of vapor at standard 
conditions using Symmetry simulation program and con-
verted Wright and Maass results to g of water per Sm3 of the 
vapor.

		  Figure 6.1 summarizes the results obtained by Wright and 
Maass and converted to g/Sm3.

		  Symmetry was also used to estimate the water content 
of H2S and volume of vapor using the experimental data 
from Wright and Maass paper, i.e., temperature, pressure 
and moles of H2S per liter of vapor. The largest relative error 
between the calculated and simulated water content values 
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Figure 6.1  Water content of H2S, Wright and Maass [8].
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was 0.7%. The largest relative error between the measured 
and calculated volume of vapor was 0.3%.

6.2.2	 Selleck et al. (1951, 1952)

d.	 Purpose for the Study
	 Selleck et al. reviewed earlier work regarding the hydrogen 

sulfide-water system and concluded that only limited data 
concerning the solubility of hydrogen sulfide in water had 
been obtained.

e.	 Experimental Method
	 The study by Selleck et al. [25] determined the composi-

tion of the coexisting phases in a two-phase equilibrium 
involving an aqueous liquid and a gas phase for tempera-
tures between 100 and 340°F (37.8°C and 171.1°C) and 
pressures up to 5121.6 psia (35.312 MPa). They used an 
isochoric spherical stainless-steel pressure vessel (a bomb). 
The pressure within the bomb was determined with the aid 
of an aneroid-type diaphragm. The isochoric bomb was not 
appropriate for measurements of bubble point pressures of 
the H2S-H2O system therefore they used a variable volume 
glass equipment.

		  The composition of the dew point gas was determined 
by withdrawing samples from a heterogeneous equilibrium 
mixture in the spherical bomb. The quantity of water in the 
gas phase sample withdrawn was determined by passing it 
over anhydrous calcium sulfate (a desiccant) and condens-
ing the dried gas in a weighing bomb near the temperature 
of liquid nitrogen.

		  Note: the solubility data listed in IUPAC Solubility Data 
Series [5] are the smoothed ones, not the raw ones.

f.	 Results
	 The work of Selleck et al. [12, 25] is considered the bench-

mark study for the system water – H2S. Data in the 1952 
paper were smoothed and extrapolated from the raw data. It 
is the smoothed data that are often quoted. However, some 
problems with the smoothed data for the fluid phase equilib-
ria were demonstrated by Carroll and Mather [13]. A thor-
ough review and reinterpretation of the raw data of Selleck 
et al. [12] was done by Carroll [14].
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Selleck et al. divided the measurements they made in three classes:

1.	 The determination of the equilibrium pressure as a function 
of temperature for homogeneous and heterogeneous mix-
tures under isochoric conditions. The results established the 
locus of three-phase states and volumetric data for the one-, 
two-, and three-phase regions. 

2.	 Measurements of the pressure as a function of specific vol-
ume for several predetermined temperatures. The study was 
limited to gas-aqueous liquid equilibria for compositions 
rich in water. The objective was to determine the bubble 
point pressure as a function of temperature and composition.

3.	 Direct measurement of the composition of individual phases 
when forming a part of a heterogeneous equilibrium.

Of interest to the present review paper is the third class. The authors 
presented the raw data in a paper published by the American Document 
Institute [12] and smoothed data a year later in Industrial and Engineering 
Chemistry [25].

The data obtained by Selleck et al. were used by a number of authors, 
including Burgess and Germann [9] who correlated Selleck’s data to derive 
equations for H2S humidity and solubility. The knowledge of hydro-
gen sulfide-water compositions at equilibrium is needed for calculations 
concerning the production of heavy water by the hydrogen sulfide dual-
temperature exchange process which requires precise data on hydrogen 
sulfide-water mixtures between 25 and 170°C and 200 and 340 psia (1.379 –  
2.344 MPa). Burgess and Germann commented that the Selleck’s data were 
presented in such large intervals of pressure and temperature that precise 
plots could not be adequately interpolated for the narrow ranges of tem-
perature and pressure needed. They made more precise interpolations with 
correlating equations. However, they did not find a single equation which 
correlated either the humidity or the solubility using all of the published 
information. So, they first plotted isotherms from all of Selleck’s data, and 
from these obtained points for isobars. Then the data from the isobars were 
correlated with three equations: for the humidity of H2S, for the solubility 
of H2S at low temperatures (from hydrate point to 100°C), and for the sol-
ubility of H2S at high temperatures (from 100°C to 171°C).

The raw data obtained by Selleck et al. are presented in Figure 6.2.
Since it may not be easy to access Selleck’s raw data, this data is provided 

in the table below (Table 6.1), which in the original document is numbered 
as Table III.
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6.2.3	 Kozintseva (1964)

a.	 Purpose for the Study
	 The knowledge of physiochemical properties of gases 

at high temperatures and pressures is essential for the 
understanding of migration and deposition of sulfide ores 
and for the interpretation of the processes of gas-liquid  
separation.

		  Selleck et al. [25] studied the phase equilibria in the 
H2S-H2O system between 37.8°C and 171.1°C and pres-
sures from 2.7 MPa to 35.3 MPa. The existing data for this 
system did not cover the temperature range encountered 
in geological investigations, for the formation of polyme-
tallic ores extends into a region of higher temperatures. It 
was believed that the pressure of H2S in natural solutions 
was of the order of a few atmospheres. To approximate 
the conditions of deposition of sulfide ores the solubility 
of H2S in water was studied at temperatures from 160°C 
to 330°C.
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Figure 6.2  Water content of H2S – raw data, Selleck et al. [25].
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Table 6.1  Raw data from Selleck et al. for the water content of H2S.

Pressure 
psia

H2S Wt. 
Fraction

H2S Mole 
Fraction

Pressure 
psia

H2S Wt. 
Fraction

H2S Mole 
Fraction

100°F 280°F

390.67 0.9978 0.9958 484.5 0.9337 0.8816

604.9a 0.9915a 0.9840a 518.3 0.9349 0.8836

791.9a 0.9906a 0.9824a 1030.0 0.9626 0.9315

160°F 1036.5 0.9616 0.9298

201.4 0.9835 0.9692 1297.2 0.9556 0.9191

236.7 0.9881 0.9777 1491.5 0.9681 0.9413

316.1 0.9913 0.9837 1535.4 0.9680 0.9412

351.3 0.9913 0.9837 2056.1 0.9593 0.9257

355.4 0.9892 0.9798 2139.5 0.9581 0.9236

388.3 0.9892 0.9798 2182.9 0.9642 0.9344

688.4 0.9941 0.9889 3532.6 0.9394 0.8913

759.1 0.9929 0.9867 3657.1 0.9412 0.8943

1142.4a 0.9831a 0.9685a 4937.1 0.9324 0.8794

1279.1a 0.9842a 0.9705a

220°F 340°F

346.4 0.9672 0.9397 547.6 0.8551 0.7573

380.8 0.9680 0.9412 1145.5 0.9198 0.8584

586.5 0.9794 0.9617 1181.3 0.9185 0.8563

626.2 0.9802 0.9632 1307.5 0.9266 0.8696

822.5 0.9814 0.9654 1399.9 0.9236 0.8647

1117.6 0.9836 0.9694 2795.7 0.9249 0.8669

1254.3 0.9851 0.9722 2833.7 0.9248 0.8667

1285.4 0.9857 0.9733 4246.5 0.8916 0.8130

(Continued)
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b.	 Experimental Method
	 The solubility experiments were made in the laboratory of 

magmatic processes in Moscow.
		  A two-chamber bomb was used for simultaneous sam-

pling of both phases, gas and liquid. The bomb was purged 
with nitrogen to remove oxygen. 50 ml of water was added 
and the apparatus was saturated with H2S under unknown 
(not specified) pressure. The bomb and the contents were 
heated in a stirrer-furnace to the required temperature for 
25 to 50 hours. Then a sample of the liquid phase was passed 
into a system of traps (anhydron, iodine solution, potassium 
iodide crystals). A sample of the hot gas phase was passed 
into a glass condenser connected to traps for absorption 
of hydrogen sulfide. The condensate and the liquid sam-
ple were weighed and hydrogen sulfide was determined 
iodometrically.

c.	 Results
	 Kozintseva determined the compositions of the coexisting 

gas and liquid phases in mole H2S/L for temperatures of 
160°C – 330°C but did not state the pressures at which the 
measurements were made. She provided H2S partial pres-
sures for 14 data points, the lowest being 0.085 MPa and the 
highest 0.210 MPa.

		  The authors of this paper calculated the pressure using 
the Dalton’s law of partial pressures:

	
P

P
ytotal

H S

H S
= 2

2               
(6.2)

Table 6.1  Raw data from Selleck et al. for the water content of H2S. (Continued)

Pressure 
psia

H2S Wt. 
Fraction

H2S Mole 
Fraction

Pressure 
psia

H2S Wt. 
Fraction

H2S Mole 
Fraction

2848.5 0.9684 0.9419 4310.3 0.8922 0.8140

3108.6 0.9655 0.9367 5037.6 0.8810 0.7965

4625.9 0.9614 0.9294 5121.6 0.8745 0.7865
a Hydrogen sulfide-rich liquid phase
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	 Where:
	 Ptotal – total pressure of the H2S-H2O system (gas phase)

	 PH S2  – partial pressure of H2S in the gas phase (reported by 
Kozintseva)

	 yH S2  – mole fraction of H2S in the gas phase

	
y Y

YH S2 1
=

+
               (6.3)

	
Y

n
n

H S

H S
= 2

2

                 (6.4)

		  The values of Y are also reported by Kozintseva for each 
temperature at which the experiments were conducted.

		  The data obtained by Kozintseva, with the pressures cal-
culated, are shown in Figure 6.3.

		  Suleimenov and Krupp [15] made a comment that the 
data by Kozintseva contained major inconsistencies that 
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Figure 6.3  Water content of H2S, Kozintseva [19].
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become apparent when the H2S partial pressures and vapor 
phase compositions reported by Kozintseva are used to 
reconstruct total pressure and by subsequent comparison of 
the difference of total gas pressure minus H2O partial pres-
sure with the reported H2S partial pressure.

		  Experimental data obtained by Kozintseva can also be found 
in IUPAC Solubility Data Series, Vol 32, Hydrogen Sulfide in 
Aqueous Solvents, page 11 [5].

6.2.4	 Clarke and Glew (1971)

a.	 Purpose for the Study
	 The authors required values for the solubility of deuterium sul-

fide in deuterium oxide while evaluating thermodynamic func-
tions for the formation of deuterium sulfide deuterate. It seemed 
to them that this solubility might be obtained by the application 
of isotope correction factors to the well-known solubility of 
hydrogen sulfide in water. They made a literature search to find 
the magnitude, direction and temperature coefficient for these 
isotopic effects but could not find reliable estimates.

b.	 Experimental Method
	 Clarke and Glew conducted low pressure solubility mea-

surements for H2S in water. They designed and constructed 
a new solubility apparatus to measure the small solubility 
differences between deuterium sulfide in deuterium oxide 
and hydrogen sulfide in water. The apparatus was capable 
of 0.1% accuracy in the 0°C – 50°C range. The main pieces 
of their solubility apparatus consisted of a precision vari-
able piston of known volume, a solubility cell containing 
magnetic stirring bar and a thermostat bath. The bath tem-
perature adjacent to the solubility cell was measured with a 
precision of 0.001°C by a platinum resistance thermometer. 
Pressure was measured with an accuracy of 0.02% by a 0 – 16 
psi range fused quartz precision Bourdon gauge.

		  In their experiments, they brought the known weight of 
water and volume of hydrogen sulfide to pressure equilibrium 
and measured the equilibrium pressure and temperature.

c.	 Results
	 The vapor and liquid phase compositions seem to be not 

experimentally determined but calculated, starting with the 
solubility expressed as the Henry Law constant:
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H f

a
= 2

2
                   (6.5)

	 where:
	 f2 – the solute vapor fugacity, in atm
	 a2 – its equilibrium solution activity

		  The activity is defined as 

	a x e
P v

R T
2 2

1 2

= ⋅
− ⋅

⋅
( )

              (6.6)

	 where:
	 x2 – the mole fraction of un-ionized solute in solution
	 v2  – the partial molar volume of the un-ionized solute in 

solution
	 P – the total pressure

		  The authors evaluated the fugacities and volumetric prop-
erties of all components from the Redlich-Kwong equation 
of state. They calculated the values of the RK EOS constants 
for the binary vapor mixtures from the pure component 
values using relations from Spear et al. [16]. They derived 
equations for the fugacity f1 and f2 in a binary mixture. They 
wrote an iterative computer program that enabled them to 
obtain values for the vapor and liquid phase compositions.

		  In this manner, they obtained water content of H2S at 
temperatures from 0°C to 50°C and pressures from 0.047 to 
0.096 MPa – a total of 36 data points.

		  The results of their calculations are shown in Figure 6.4.

6.2.5	 Lee and Mather (1977)

a.	 Purpose for the Study
	 Lee and Mather measured the mole fraction of hydrogen 

sulfide in vapor at 90°C, 120°C and 150°C and pressures 
from 1.921 MPa to 3.401 MPa. This measurement was part 
of a broader investigation of the solubility of hydrogen sul-
fide in water between 10°C and 180°C and 158.4 kPa to 
6670.4 kPa.
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		  What prompted the study by Lee and Mather was the 
observation made by Burgess and Germann [9] that the data 
of Selleck et al. [25] were at such large intervals of tempera-
ture and pressure that it was difficult to interpolate accu-
rately to find solubilities in the narrow range of interest to 
the dual temperature process of producing heavy water.

b.	 Experimental Method
	 Lee and Mather used a recirculating equilibrium cell which 

consisted of a high-pressure liquid level gauge and a vapor res-
ervoir. The gas was circulated by a magnetic pump. The tem-
perature of the cell was measured by duplicate ten-junction 
copper-constantan thermopiles. The total pressure was mea-
sured by a Heise bourdon tube gauge. Samples of the liquid 
phase were withdrawn to determine the amount of H2S dis-
solved. The pressure drop in the cell during sampling was about 
10 kPa. The total quantity of H2S was the gas evolved from the 
sample when its pressure was dropped to atmospheric and the 
residual gas in the liquid. The amount of H2S which evolved 
was calculated from P-V-T information and the amount of liq-
uid determined by reweighing the liquid sampler; the residual 
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Figure 6.4  Water content of H2S, Clarke and Glew [10].
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H2S in the liquid was measured by gas-liquid chromatography 
(Hewlett-Packard 5750). The vapor samples were withdrawn 
from the cell directly into the chromatograph. The sample line 
was heated to avoid condensation.

c.	 Results
	 The number of experimental data point obtained by the 

authors was 15. The authors noted that satisfactory analysis 
of the vapor phase was difficult; reproducible results at high 
hydrogen sulfide concentration could not be obtained.

		  Tabulations of the original experimental data were filed 
with the National Depository of Unpublished Data, National 
Science Library, National Research Council, Ottawa, Ontario. 
Their data were also published in IUPAC Solubility Data Series, 
Vol 32, Hydrogen Sulfide in Aqueous Solvents, page 19 [5].

		  The authors stated that their work was in good agreement 
with earlier values at low temperatures and was consistent 
with the higher temperature values of Selleck et al. and 
Kozintseva.

		  The results of Lee and Mather’s work are presented in 
Figure 6.5.
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Figure 6.5  Water content of H2S, Lee and Mather [20].
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6.2.6	 Gillespie and Wilson (1982)

a.	 Purpose for the Study
	 Gas Processors Association’s Research Report 36 (Literature 

Survey for Synthetic Gas Components – Thermodynamic 
Properties) indicated that limited data existed for water-
hydrocarbon systems and that quality ranged from aver-
age to poor. As a result of these findings, GPA initiated an 
experimental program, called Project 758 – Measurement 
of Vapor-Liquid Equilibrium Data for Water with Gaseous 
Components, with the purpose to generate phase equilib-
rium data on gaseous components with water.

		  Results of the initial investigation were reported in 
Research Report 41 – Vapor-Liquid Equilibrium Data on 
Water-Substitute Gas Components N2-H2O, H2- H2O, CO- 
H2O, H2-CO-H2O, and H2S-H2O. The data obtained from 
the second of a series of investigations were summarized 
in Research Report 48 (RR-48) – Vapor-Liquid and Liquid-
Liquid Equilibria: Water-Methane, Water-Carbon Dioxide, 
Water-Hydrogen Sulfide, Water-nPentane, Water-Methane-
nPentane. The authors of RR-48 were Paul C. Gillespie and 
Grant M. Wilson.

b.	 Experimental Method
	 The water-hydrogen sulfide system was brought to equilib-

rium in an aluminum-jacketed stainless-steel cylinder of 
1 L volume. The aluminum jacket was effective in eliminat-
ing temperature gradients and fluctuations. The vapor and 
aqueous liquid phases were sampled and analyzed by two 
different procedures. When conditions were such that the 
gaseous component existed as a liquid phase (liquid H2S), 
the phase was sampled and analyzed in the same manner as 
the vapor phase.

		  The equilibrium cell (the stainless-steel cylinder) was 
heated with heating wire wrapped around the jacket and the 
temperature was measured and controlled with Chromel-
Alumel thermocouples. The pressure was measured with a 
3-D Instruments precision pressure gauge.

		  For sampling and analysis of the vapor or second liquid 
phase (H2S-rich), the equilibrium cell was used as a flow cell. 
Gaseous H2S was charged to the bottom of the cell with water 
in it and passed from the top of the cell, as water-saturated 
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vapor, through two drying tubes with Mg(ClO4)2, where water 
in the sample was absorbed, to a calibrated wet test meter. 
Both drying tubes were weighed before and after each run. 
The barometric pressure and the temperature of the water in 
the wet test meter were recorded during the run. The number 
of moles of gas in the sample was calculated from this infor-
mation. And the number of moles of water was calculated 
from the weight of the water collected in the drying tubes. It 
is to be noted that H2S was absorbed slightly by magnesium 
chlorate and by absorbed water in the drying tubes.

c.	 Results
	 The results obtained by Gillespie and Wilson are summarized 

in Figure 6.6. All the data points for 37.8, 71.1, 93.3, 98.9 and 
100.4°C lie in the H2S-rich liquid region. One point (above 
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Figure 6.6  Water content of H2S, Gillespie and Wilson [21] (A in curve description 
means Appendix in RR-48).
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20 MPa) for 148.9°C also lies in this region. The number of 
experimental data point obtained by the authors is 47.

		  Gillespie and Wilson examined the measured data and 
made the following conclusions:

•	 The Henry’s constants go through a maximum as a function 
of temperature (maximum Henry’s constant means mini-
mum solubility)

•	 The Henry’s constants increase with increasing pressure
•	 The mutual solubilities of hydrogen sulfide and water are 

similar in the temperature range studied. 

6.2.7	 Carroll and Mather (1989)

a.	 Purpose for the Study
	 Carroll and Mather presented experimental data for 

the liquid-liquid-vapor (LLV) equilibrium for the sys-
tem water-hydrogen sulfide. Conditions ranged from the 
hydrate-liquid-liquid-vapor quadruple point (29.4°C and 
2.23 MPa) to beyond the critical temperature of hydrogen 
sulfide (100.3°C).

		  What led to the investigation of the LLV equilibrium was 
a discrepancy between the smoothed data of Selleck et al. 
[25] and the observations of Vogel [17], who made some 
bubble point measurements for H2S in water.

b.	 Experimental Method
	 Carroll and Mather made the measurements of pressure and 

temperature along the LLV locus and established the critical 
end point. They conducted their experiments in a flow-type 
cell. The cell was a high-pressure liquid level gauge. A vapor 
reservoir was attached to the top of the cell to ensure suffi-
cient mass within the system. Vapor was drawn off the reser-
voir and circulated through the condensed phases to ensure 
that equilibrium is attained.

		  The cell, reservoir and pump were housed in a constant 
temperature air bath. Pressure was measured using two 
Heise bourdon tube gauges and temperature was measured 
with an iron/constantan thermocouple. Performing a run 
consisted in placing approximately 20 mL of water and bub-
bling H2S through the liquid. During sampling, the pressure 
drop was never higher than 0.07 MPa.
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		  Compositions were measured by absorbing samples of 
each phase into a 1 mol/L NaOH solution. The H2S content 
of the solution was determined by iodometric titrations. The 
amount of water was obtained by measuring the mass of 
the sample and subtracting the amount of H2S. The authors 
intended initially to use gas chromatography to measure the 
compositions of the H2S-rich phases but this proved unreli-
able because they could not obtain reproducible results.

		  The authors also calculated, from the correlation of 
Goodwin [18], the vapor pressure of H2S, because of its 
proximity to the three-phase locus for this system.

c.	 Results
	 Regarding the compositions of coexisting phases along the 

LLV locus, the authors commented that at the lowest two 
temperatures, 40°C and 60°C, the determination of the 
water content of the vapor was inaccurate. For that reason, 
the results were given as 0.99+ mole fraction of H2S.

		  The water content of the H2S-rich phase and the vapor 
phase are shown in Figure 6.7. V in the legend in the graph 
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Figure 6.7  Water content of H2S in H2S-rich phase and in vapor phase, Carroll and 
Mather [13].
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denotes the vapor phase and L denotes the H2S-rich liquid 
phase. For each pressure, the water content of H2S-rich phase 
is higher than the water content of the vapor phase.

6.2.8	 Suleimenov and Krupp (1994)

a.	 Purpose for the Study
	 Hydrogen sulfide and its dissociation products are import-

ant constituents of hydrothermal solutions. Reliable ther-
modynamic data are therefore required to model processes 
of ore formation and water-rock interaction in active and 
fossil hydrothermal systems as well as diagenetic and meta-
morphic processes.

		  Suleimenov and Krupp studied experimentally the solu-
bility of hydrogen sulfide in pure water and in NaCl solu-
tions from 20°C to 320°C and at saturation pressures. They 
measured equilibrium vapor pressure, volume, tempera-
ture and bulk compositions. Values of the Henry constants 
were derived from those measurements. They calculated the 
molar volume of the gas mixture using the PRSV-EOS and 
partial molar volumes of H2S in aqueous solutions using 
a polynomial fit based on data by a number of research-
ers. They also calculated Henry constants from their P-V-
T-X measurements using an iterative procedure known as 
liquid-vapor flash calculations by an algorithm of successive 
substitution.

b.	 Experimental Method
	 The approach to the study was to measure equilibrium vapor 

pressures of the water-rich, liquid-vapor, two-phase system, 
temperature, volume and bulk compositions, which would 
provide the basis for the calculation of the Henry constants 
and salting coefficients.

		  The main part of the experimental apparatus consisted of a 
titanium pressure vessel which was subdivided by a titanium 
membrane bellows of 55 mL volume. The bellows contained 
the H2S-H2O two-phase system. The bellows was surrounded 
by a heat resistant, low-pressure hydrocarbon oil that acted 
as a pressure medium. The inside pressure vapor was trans-
mitted by the bellows, via the oil, to a high-precision pressure 
sensor. Temperatures were measured by a sheathed thermo-
couple immersed into the oil surrounding the bellows.
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		  Fourteen hydrogen sulfide solutions in water were pre-
pared, from 0.6297 to 2.6446 mol% H2S. For each solution, 
a weighted amount of degassed water was transferred into 
the bellows followed by introduction of H2S gas from a  
10 mL stainless-steel cylinder. The filled quantities were 
determined by weight differences.

		  A HPLC pump was employed to inject measured solution 
volumes under run conditions for various purposes, includ-
ing neutralization of H2S gas before disassembling. After run 
completion and cooling of the autoclave to room temperature, 
the fully neutralized H2S solution was immediately sampled 
and analyzed for its H2S content by iodometric titration.

		  The researchers claimed that thanks to their specially 
designed equipment they avoided some of the experimental 
problems encountered in previous high-temperature studies, 
like corrosion and concomitant formation of hydrogen gas.

c.	 Results
	 The water content for different mixtures and at different 

temperatures is shown in Figure 6.8. Isotherms and isobars 
could not be constructed as all 49 experimental points were 
measured at different temperatures and pressures.

		  Suleimenov and Krupp plotted the Henry constants 
obtained in their study, together with experimental values of 
earlier investigations (e.g., Kozintseva [19], Lee and Mather 
[20], Selleck et al. [25]) and concluded that there was a good 
agreement between the different studies at low temperatures 
but at higher temperatures the different data sets became 
increasingly discrepant. They commented that the reason 
could be the generation of hydrogen gas due to corrosion of 
Cr-plated stainless steel vessels and the use of nitrogen for 
flushing of the experimental equipment. Since hydrogen and 
nitrogen are much less soluble in water than H2S, traces of 
these gases generated high partial pressures that interfered 
with the determination of H2S partial pressures.

6.2.9	 Chapoy et al. (2005)

a.	 Purpose for the Study
	 Chapoy et al. gathered experimental data from a bib-

liographic study on the solubility of hydrogen sulfide in 
water and the water content of gaseous hydrogen sulfide, 
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as well as hydrate dissociation conditions. Their main 
objective was to identify inconsistencies and gaps in the 
available data to build a reliable database. As a result of the 
study, they concluded that it was necessary to determine 
complementary vapor-liquid equilibrium data for the H2S-
H2O binary mixture because measurements at low tem-
peratures (below 25°C) and intermediate pressures were 
scarce and some of the data reported at higher temperature 
were scattered.

		  Chapoy et al. reported new vapor-liquid equilibrium data 
of the H2S-H2O binary system over the 25.06 – 65.19°C tem-
perature range for pressures up to 3.962 MPa. 

b.	 Experimental Method
	 The experimental method is based on a static analytic appa-

ratus with fluid phase sampling – taking advantage of two 
ROLSI (Rapid On-Line Sampler-Injector) pneumatic capil-
lary samplers. The phase equilibrium is achieved in a cylin-
drical cell made of sapphire immersed in Ultra-Kryomat 
Lauda constant-temperature liquid bath that controls and 
maintains the desired temperature within ± 0.01K. The 
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pressure is measured by means of a Druck pressure trans-
ducer connected to a HP data acquisition unit. The analytical 
work was carried out using a GC (VARIAN Model CP-3800) 
equipped with a thermal conductivity detector connected to 
a data acquisition system fitted with BORWIN software.

c.	 Results
	 Chapoy et al. used the experimental gas solubility data to 

tune the binary interaction parameters between H2S and 
H2O in the Valderrama-Patel-Teja equation of state to pre-
dict H2S solubility in water and the water content of the H2S 
vapor phase, as well as the H2S hydrate phase boundary, over 
wide ranges of temperature and pressure. The authors con-
cluded that the predictions, from the model, were in good 
agreement with the experimental data, demonstrating the 
reliability of the techniques used in their work. 

		  The experimental water content obtained by Chapoy et al. 
is presented in Figure 6.9. All the 15 data points lie in the 
region of gaseous H2S.
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Figure 6.9  Water content of H2S, Chapoy et al. [1].
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6.2.10 	 Marriott et al. (2012)

a.	 Purpose for the Study
	 Insufficient data on H2S-H2O system at pressures relevant to 

injection schemes and target reservoir pressures.
		  Marriott et al. are part of the Alberta Sulphur Research 

Ltd., where techniques for the measurement of water car-
rying capacity of gases, liquids and supercritical fluids are 
being developed. They completed initial measurements for 
the H2S-H2O system at 50°C and 100°C and from 3.8 MPa to 
70.5 MPa (their paper does not include all the data reported 
to date). These new measurements added solubility infor-
mation at conditions which were not covered by the existing 
literature. But with the current experimental method, water 
content measurements at pressures up to 100 MPa and at 
temperatures up to 150°C are being carried out. 

		  The new data is useful in the design of acid gas compres-
sion, injection and transport facilities because, as the authors 
stated in their paper – although many data are available for 
natural gas systems in open literature, there are limited 
reported data on the H2S-H2O system at pressures relevant 
to injection schemes and target reservoir pressures. Before 
Marriott’s work, the highest pressure for which water con-
tent of H2S was available, was 35.3 MPa [25]. Marriott him-
self commented that there were no data above ca. 30 MPa 
and experimental data in the liquid H2S region were mostly 
those of Gillespie and Wilson [21].

		  The water content data allows to estimate saturation 
water content of acid gas in the inter-stages of multiple stage 
acid gas compressors, as oftentimes acid gas can be dehy-
drated by compression alone. Sending acid gas without free 
water and without water condensation via a transmission 
pipeline to an injection well allows to use carbon steel thus 
avoiding the need for installing expensive stainless steel  
pipelines.

		  Marriott et al. also pointed out that even though 75 MPa 
extends beyond compressor discharge pressures, the degree 
of sub-saturation in the near wellbore region is useful for 
reservoir modelling, because – as the fluid arrives in the 
reservoir – it will have capacity to take up additional reser-
voir water. 



Water Content of Hydrogen Sulfide  101

b.	 Experimental Method
	 The experimental equipment consisted of a high-pressure 

equilibrium vessel sampled through a capillary dip-tube and 
into a gas chromatograph with a thermal conductivity detec-
tor. The researchers had to overcome the most difficult issue 
for measuring water content in an acid gas sample, which is 
the transfer of the high-pressure sample to the low-pressure 
gas chromatograph. They developed a technique of injecting 
the high-pressure samples directly onto the GC column. 

c.	 Results
	 The results obtained by Marriott et al. are presented in 

Figure  6.10. A preliminary thermodynamic model was 
reported which can be used to calculate the partitioning of 
H2S and H2O over a wide range of temperatures and pres-
sures. The authors compared their own experimental results 
with those of Selleck et al. [25] and Gillespie and Wilson 
[21], along with the calculated water content using three 
different models: AQUAlibrium 3.0, Alami et al. [22] and 
their own model described in their paper. AQUAlibrium 
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Figure 6.10  Water content of H2S, Marriott et al. [23].
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and their own model tend to overestimate the new data at 
50°C and 100°C. The new data is also slightly below the data 
reported by other authors in the high-pressure region.

6.3	 Discussion of the Results

The experimentally obtained water content of hydrogen sulfide (or in some 
cases calculated, based on other experimental data) are compared in the 
following three plots, Figures 6.11, 6.12, and 6.13. All these figures pres-
ent the data in form of the isotherms. The data obtained by Suleimenov 
and Krupp [15] could not be presented in that form as each data point is 
for a different temperature. These data points, 49 in total, are presented in 
Figure 6.8.

Figure 6.11 shows the data for the temperatures of or below 60°C and 
pressures above 1 MPa. There are 32 data points in that region, 7 of which 
are common to both Figures 6.11 and 6.12. These 7 points lie in the region 
between 1 MPa and 2 MPa.

100

10

1

1 10

Chapoy et al. (2005), 35°C

Chapoy et al. (2005), 45°C

Chapoy et al. (2005), 37.8°C
Marriott et al. (2012), 50°C

Carroll and Mather (1989), 40°C (V)
Carroll and Mather (1989), 40°C (L)

Carroll and Mather (1989), 60°C (L)
Gillespie and Wilson (1982), 37.8°C
Gillespie and Wilson (1982)
Appendix, 37.8°C

Carroll and Mather (1989), 60°C (V)

Pressure [MPa]

W
at

er
 C

on
te

nt
 [g

/S
m

3 ]

100

Figure 6.11  Water content of H2S for T ≤60°C and P > 1 MPa. L stands for liquid phase; 
V stands for vapor phase.



Water Content of Hydrogen Sulfide  103

Figure 6.12 shows the data for the temperatures of or below 60°C and 
pressure below 2 MPa. There are 104 data points in that region.

Figure 6.13 shows the data points for the temperatures above 60°C. 
There are 124 data points in that region. 4. 

Figure 6.14 summarizes all the 302 experimental data points. Most of 
the water content is for pressures below 30 MPa. Only 13 points, or 4% of 
all the points, lie above 30 MPa. 

The experimental data, for the pressures up to 0.8 MPa, were also com-
pared using a regression model represented by Eqn. (6.7):

	 W = exp{a + bln(p) + c[ln(p)]2 + d[ln(p)]3}	 (6.7)

where: W – water content, g/S m3

p – pressure, MPa
a, b, c, d – parameters
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Figure 6.12  Water content of H2S for T ≤60°C and P < 2 MPa.
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The parameters of Eqn. (6.7) were determined by minimizing the objec-
tive function:

	 S W Wi
ex

i
cal

i

n
p= −( )

=∑ 2

1
	 (6.8)

where: Wi
exp   – the experimentally measured water content, g/Sm3  

Wi
cal   – the corresponding model calculated water content, 
g/Sm3  

n – the number of experimental points
i – data index

The average relative percentage error, δ, which is a measure of accuracy 
of the model fitting to the experimental data, was calculated as:
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The obtained parameters of Equation (6.7) and average relative percent-
age errors are given in Table 6.2. The model used gives an excellent descrip-
tion of experimental data, as shown in Figure 6.15. As can be seen from 
Table 6.2, the average relative error, δ, is not higher than 1.69% for each 
tested temperature.

The experimental data can also be described by a multi-temperature 
model that includes temperature-dependent parameters. In applying 
Eqn. (6.7) over a tested temperature range, the parameters a, b, c, and 
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Table 6.2  Model (Eq. 6.7) Parameters and Average Relative Errors for different 
temperatures.

T [oC] a b c d d%

5 1.6358 1.6470 1.1090 1.5099·10-1 1.11

10 1.3520 1.0717 9.4964·10-1 1.3859·10-1 1.69

15 1.2240 4.8919·10-1 7.1935·10-1 1.1022·10-1 1.29

20 1.4855 4.3045·10-1 7.0114·10-1 1.0861·10-1 1.49

25 1.7854 4.7011·10-1 7.4356·10-1 1.1864·10-1 1.22

30 1.8316 1.0354·10-1 5.7439·10-1 9.4233·10-2 1.43

40 1.7695 -9.5149·10-1 1.4169·10-2 6.4494·10-4 0.76

50 2.3065 -9.2007·10-1 3.0559·10-2 3.3960·10-3 0.58

60 2.7859 -9.2719·10-1 2.6804·10-2 3.7920·10-3 0.47

200

Clarke and Glew (1971), 0°C

Clarke and Glew (1971), 5°C

Clarke and Glew (1971), 10°C

Clarke and Glew (1971), 15°C

Clarke and Glew (1971), 20°C

Clarke and Glew (1971), 25°C

Clarke and Glew (1971), 30°C

Clarke and Glew (1971), 40°C

Clarke and Glew (1971), 50°C

Wright and Maass (1932), 5°C

Wright and Maass (1932), 10°C

Wright and Maass (1932), 15°C

Wright and Maass (1932), 20°C

Wright and Maass (1932), 25°C

Wright and Maass (1932), 30°C

Wright and Maass (1932), 40°C

Wright and Maass (1932), 50°C
Carroll and Mather (1989), 40°C

Model
Wright and Maass (1932), 60°C

160

120

80

40

0

0 0.2 0.4 0.6 0.8
Pressure [MPa]

W
at

er
 C

on
te

nt
 [g

/S
m

3 ]

Figure 6.15  Comparison of experimental data with model predictions using Eqn. (6.7).
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d can be considered temperature dependent, according to the following 
equations:

	 a = A1 + B1(T + 273) + C1(T + 273)2 + D1(T + 273)3	 (6.10)

	 b = A2 + B2(T + 273) + C2(T + 273)2 + D2(T + 273)3	 (6.11)

	 c = A3 + B3(T + 273) + C3(T + 273)2 + D3(T + 273)3	 (6.12)

	 d = A4 + B4(T + 273) + C4(T + 273)2 + D4(T + 273)3 	 (6.13)

where: T – temperature, °C
A1, A2, ….., D4 – parameters 

The optimal values of parameters of Eqn. (6.10-6.13), calculated using 
the objective function (8), are:

A1 = -133.7566
B1 = 1.2429
C1 = -3.9290·10-3

D1 = 4.2856·10-6

A2 = -212.6590
B2 = 2.2061
C2 = -7.5460·10-3

D2 = 8.4999·10-6

A3 = -137.7600
B3 = 1.4051
C3 = -4.7220·10-3

D3 = 5.2414·10-6

A4 = -26.0027
B4 = 2.6209·10-1

C4 = -8.7221·10-4

D4 = 9.6000·10-7

The average relative error, δ, was found to be 5.35%. All experimen-
tal data, over a temperature range 0 oC - 60 oC, are well described by the 
multi-temperature model, as shown in Figure 6.16. The obtained results 
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show a good agreement of the model with the experimental data, for the 
pressures up to 0.8 MPa. Eqn. (6.7) can be used to calculate the water con-
tent of H2S as a function of pressure at a constant temperature. The system of 
equations [Eqn. (6.7), (6.10) - (6.13)] (multi-temperature model) can be 
used to calculate the water content of H2S as a function of pressure and 
temperature.

The information presented in this review can be condensed in Table 6.3.

6.4	 Conclusions

Only 10 papers were identified regarding experimentally obtained water 
content of hydrogen sulfide, the first being written in 1932 and the last 
in 2012. Of 891 citations listed in Google Scholar on August 15, 2019, 
for the ten papers, 277 (31%) were regarding the paper by Selleck et al. 
[25], confirming its status as a benchmark study. A number of researchers 
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used Selleck’s data to derive equations for water content of H2S as a func-
tion of pressure and temperature, for example Pohl [24] and Burgess and 
Germann [9].

The total number of experimental points were 302, scattered between 
0°C and 330°C and between 0.0366 MPa and 70.55 MPa.

The reason for a limited number of experimental data is likely the risk 
involved in working with high pressure H2S and a limited number of labo-
ratories in the world that are equipped to perform the measurements in the 
water-hydrogen sulfide systems. Besides, measuring gas solubility in water 
is easier than measuring water content of gases.

Water is more soluble in liquid hydrogen sulfide than in vapor hydrogen 
sulfide.
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Acid Gas Injection at SemCAMS 
Kaybob Amalgamated (KA) Gas Plant 

Operational Design Considerations
Rinat Yarmukhametov1*, James R. Maddocks1 and Jason Lui2
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2SemCAMS, Calgary, AB, Canada

Abstract
SemCAMS currently owns and operates the Kaybob Amalgamated (KA) sour gas 
processing facility, located near Fox Creek, Alberta. The gas plant takes gas from 
various sweet and sour inlets and processes these streams to produce sales specifi-
cation gas, LPG and C5+ products. 

With reduced plant throughput and lower H2S concentration in the feed stream 
to the Sulfur Recovery Unit, the existing sulfur plant was operating below the design 
turndown rates, which impacts the performance and reliability of the entire facility.

SemCAMS decided to decommission the sulfur plant in Q2 2018 and replace 
it with acid gas compression that will inject acid gas into a disposal well drilled on 
the plant lease.

The GLE scope of work was to complete detailed engineering (process, civil, 
mechanical, electrical, instrumentation and controls) of the two acid gas injection 
compressors, including the suction piping from the existing acid gas knockout 
drum, the discharge piping to the wellhead, as well as utility piping to/from the 
compressors (instrument air, fuel gas, flare, drains, etc.).

Major project decisions and design aspects are reviewed and discussed with a 
focus on capital & operational cost, challenges, issues, and lessons learned relating 
to process modelling and operational design.

Process modelling topics discussed include: steady state and dynamic model-
ling for the AGI system; flare system design; compression capacity control; hydrate 
formation prevention during system blowdown; methanol injection for hydrate 
prevention; prediction of water content/hydrate formation temperatures within 

*Corresponding author: RYarmukhametov@gasliquids.com
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the AGI system and finally overpressure protection of compression equipment 
and the injection line. 

Operational design topics discussed include: Inherently Safety Design (ISD) 
strategies; material selection for compression equipment and the injection line, 
air cooler design, impact of leak scenarios on the existing plant and AGI system 
design; freeze protection; considerations for depressurization duration and acid 
gas flaring scenarios; and impact of the existing plant safety practises on the addi-
tion of the AGI system.

Keywords:  Acid gas injection, Kaycob sour gas plant, project management, 
project execution

7.1	 Project Drivers

SemCAMS currently owns and operates the Kaybob Amalgamated (KA) 
sour gas processing facility, located approximately 8 km (5 miles) south-
west of Fox Creek, Alberta, Canada. The gas plant takes gas from various 
sweet and sour inlets and processes these streams to produce sales specifi-
cation gas, LPG, and C5+ products.

The sour gas is sweetened through the use of a traditional amine sys-
tem. The amine is regenerated for reuse, and through this process, acid gas 
(mixture of H2S and CO2) is liberated. Currently the acid gas is processed 
for sulfur recovery through the existing “Claus” and “Sulfreen” units. The 
acid gas flow from this facility will be piped to the new acid gas compres-
sors for sub-surface injection, allowing the sulphur plants to be shut down. 
The normal flowrate of acid gas is 75 e3m3/day and the design flowrate of 
acid gas is 105 e3m3/d (calculated on a dry basis; however, the actual design 
will be larger due to being water saturated).

With reduced plant throughput and lower H2S concentration in the feed 
stream to the Sulfur Recovery Unit, the existing sulfur plant is currently 
operating below the design turndown rates, which impacts the perfor-
mance of the entire facility.

The proposed acid gas injection scheme is intended to replace the 
plant’s existing sulphur recovery process by offering an alternative method 
for reducing the emissions of sulphur-containing compounds at the plant 
and achieving the sulphur recovery requirements set in the AER’s Interim 
Directive Sulphur Recovery Guidelines for the Province of Alberta. 

SemCAMS will be drilling a new acid gas injection well on the plant 
lease. The sulfur pit will remain in use to allow third-party liquid sulfur to 
be brought in from other facilities for prilling and export.
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7.2	 Process Design Basis

The range of acid gas compositions used for the design of the acid gas 
injection facilities varies widely from 30% H2S (balance mostly CO2) up 
to 60% H2S. However the inlet compositions of the lines coming into 
the KA plant are varied, and it is possible that during upset or start-up 
conditions, or through future field development, that the acid gas com-
position may be as high as 82% H2S. This is not considered a normal 
operating condition and therefore is not incorporated as a design case; 
however, the operation of the acid gas injection compressors and asso-
ciated equipment with acid gas compositions of 70% and 85% H2S con-
tent was investigated for feasibility.

7.2.1	 Acid Gas Inlet Design Conditions

Acid gas from the Plant 1 & 2 amine reflux accumulators enters the existing 
acid gas knockout drum. Acid gas (Table 7.1) leaving the knockout drum 
will then be routed to the new acid gas compression suction header. It is 
important to note that the design inlet operating temperature of 30°C from 
the reflux accumulators is achieved through the use of cooling water for 
amine stripper reflux condensing.

7.2.2	 Acid Gas Compositions

The following table defines the Inlet Acid gas composition (Table 7.2) for 
all design cases. It should be noted that water concentration reflects “satu-
ration” condition of the streams at suction conditions.

Table 7.1  Inlet acid gas design conditions.

Operating Condition 30% H2S 60% H2S 70% H2S 85% H2S 

Standard Volume Flow 
Rate (Note 1)

105 
e³Sm³/d

105 
e³Sm³/d

105 
e³Sm³/d

105 
e³Sm³/d

Operating Inlet Pressure 55 kPag 55 kPag 55 kPag 55 kPag

Operating Inlet 
Temperature Range

30°C 30°C 30°C 30°C

Note 1: Dry basis (stream is not water saturated).
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7.2.3	 Acid Gas Compressor Discharge 
7.2.3.1	 Acid Gas Conditions
The acid gas fluid (Table 7.3) leaving the acid gas compressors will have the 
following properties:

7.2.3.2	 Acid Gas Composition
The acid gas at the discharge of the final stage (Table 7.4) will have the fol-
lowing composition:

Table 7.2  Inlet acid gas composition.

Component 
(mole %)

30% H2S 
Design 
Case

60% H2S 
Design 
Case

70% H2S Case 
(Note 1)

85% H2S Case 
(Note 1)

H2O 1.60 1.60 1.60 1.60

H2 0.00 0.00 0.00 0.00

He 0.00 0.00 0.00 0.00

N2 0.07 0.04 0.03 0.02

CO2 66.29 35.96 24.83 11.90

H2S 29.52 59.87 70.33 83.94

C1 1.53 1.53 1.95 1.54

C2 0.49 0.49 0.63 0.49

C3 0.22 0.22 0.28 0.22

iC4 0.04 0.04 0.05 0.04

nC4 0.09 0.09 0.11 0.09

iC5 0.02 0.02 0.03 0.02

nC5 0.02 0.02 0.03 0.02

C6 0.02 0.02 0.03 0.02

C7 0.09 0.09 0.11 0.09

Total 100.00 100.00 100.00 100.00

Note 1 – The 70% H2S and 85% H2S cases are not used as a design basis cases. They are used 
strictly for sensitivity studies on the acid gas compression operation at a higher H2S content.
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Table 7.3  Acid gas discharge conditions.

Acid Gas Discharge Conditions

Design Volume Flow Rate 105 e³Sm³/d (Note 1)

Maximum Operating Pressure (upstream 
of backpressure control valve)

11,000 kPag

Fluid Density Range (at surface) 617-754 kg/m³

Water Content Range 2583-4306 mg/m3 (159-265 lb/
MMSCF)

Note 1: Actual discharge flow rate is dependent on compressor performance, inlet composition 
and water content in the inlet stream.

Table 7.4  Acid gas discharge composition.

Component 
(mole %)

30% H2S 
design case

60% H2S 
design case

70% H2S 
case 

85% H2S 
case

H2O 0.33 0.35 0.46 0.46

H2 0.00 0.00 0.00 0.00

He 0.00 0.00 0.00 0.00

N2 0.07 0.04 0.03 0.02

CO2 67.14 36.42 25.12 12.04

H2S 29.90 60.64 71.15 84.92

C1 1.55 1.55 1.97 1.56

C2 0.50 0.50 0.63 0.50

C3 0.22 0.22 0.28 0.22

iC4 0.04 0.04 0.05 0.04

nC4 0.09 0.09 0.11 0.09

iC5 0.02 0.02 0.03 0.02

nC5 0.02 0.02 0.03 0.02

C6 0.02 0.02 0.03 0.02

C7 0.09 0.09 0.11 0.09

Total 100.00 100.00 100.00 100.00
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7.3	 Acid Gas Compression Description

Five-stage acid gas compression will be required to achieve the range of injec-
tion wellhead pressures associated with the different design compositions. A 
consistent backpressure will be maintained on the compressors above the well-
head pressure to ensure consistent, steady and predictable compressor opera-
tion. Maintaining backpressure fixes the inter-stage pressures, which ensures 
that aftercooler outlet temperature set points are well defined relative to  
the acid gas phase envelope and avoids any incursions into the phase envelope.

Dehydration of the acid gas will be accomplished strictly through 
compression, after cooling, and water removal in the suction scrubbers. 
Sufficient hydrate and water dew point suppression is achieved in this 
manner and no external acid gas dehydration is required. Stainless steel 
piping will be required between the acid gas compressors and the injection 
well and methanol injection will be provided for further hydrate suppres-
sion during shut down situations.

The compressor package is to be equipped with inlet and outlet ESD 
valves, auto-recycles, fuel gas purge and backpressure control for maximum 
system response. Acid gas after-cooling shall take place in air coolers with 
variable speed fan drives, warm air recirculation, and auxiliary heating. 

The Gas Liquids team completed a comparison in terms of cost, oper-
ation, maintenance and risk with regards to the type of compressor driver 
and recommended to install electric drive motors for this application.

The electric drive motor with variable speed drive offers superior oper-
ating performance, flexibility, reliability, maintenance and a reduced capi-
tal cost vs. the gas drive option.

Reliability is the key design feature of any acid gas compressor installa-
tion. One of the design features of the SemCAMS units is to use a reduced 
piston speed for the compressor. This was accomplished by utilizing a short 
stroke compressor at 2/3 of its design speed. 

7.4	 AGI System Capacity Control

Acid gas leaves the amine sweetening system via either the normal acid 
gas suction line or via an overpressure relief in the event of a compressor 
flow restriction or inability to move the required volume of acid gas. Both 
streams are electronically metered and pressure controlled. 

Acid gas is compressed in five (5) stages of compression with intercool-
ing on each stage. The design philosophy of the compressor capacity control 
system is to automatically maintain a constant suction pressure at or near the 
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desired regeneration system set point with minimum operator intervention. 
The primary capacity control is to vary the compressor speed using the AC 
variable frequency controller to adjust the speed of the motor and the gas flow. 

Compressor capacity is controlled per the following series of inter-
linked PID loops:

•	 On declining suction pressure, the electric motor will slow 
automatically to reduce capacity and to maintain system suc-
tion pressure as gas throughput decreases. Once the motor 
speed is at a predetermined minimum, the auto-recycle sys-
tem will begin bypassing discharge gas to maintain adequate 
suction pressure. The 1st stage suction pressure is maintained 
by bypassing a mix of cold and hot 5th stage discharge gas 
back to the 1st stage suction.

Due to the varying inlet composition, the acid gas fluid responds differ-
ently during a pressure let-down. High H2S content acid gas experiences a 
much higher differential temperature than high CO2 acid gas. Thus, it was 
impossible to construct a system with a single bypass that would operate 
for all compositions. The following graph shows the differences in outlet 
temperatures for differing compositions during a pressure reduction from 
11,000 kPag to suction conditions (Figure 7.1; Graph 1).
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The capacity control bypass valve located in the compressor building 
recycles mixed 5th stage hot and cold acid gas back to the first stage suction 
scrubber. Specifically, the hot side temperature control valve and cold side 
temperature control valve will be actuated by the temperature transmitter 
located downstream of the capacity valve. The hot side valve is a fail-open 
valve while the cold side valve is fail-closed to prevent overcooled dis-
charge fluid from returning to the compressor suction during a shutdown 
or control system failure/upset.

The control of bypass fluid temperature is sensitive, requiring a careful 
selection of set points to achieve the following goals:

•	 Primary – maintain the overall temperature of the bypass 
gas to keep the mixed suction gas in the correct range and 
below the High Temperature Shutdown set point 

•	 Secondary – maintain the overall temperature of the bypass 
gas above hydrate formation. 

A typical suction set point is 20-30°C. The intent of this system is such 
that the compressor is unaware of the bypassing fluid and continues to 
function normally.

Due to wide variations of the H2S /CO2 ratio, the final water content of 
the discharge acid gas will mean variations in the hydrate formation tem-
perature of the acid gas. The temperature control system will attempt to 
ensure a constant bypass fluid temperature regardless of the composition 
and flow.

•	 On increasing suction pressure, the recycle valves will close 
in reverse order and the motor will speed up to increase 
compressor delivery capacity.

•	 On increasing discharge pressure beyond normal limits, the 
auto-recycle valves will also open to begin bypassing acid 
gas to avoid a unit shutdown or a PSV release on discharge. 
The suction pressure will increase and the acid gas to flare 
pressure control valve (located in the amine plant) will begin 
to open allowing metered flaring of acid gas. 

It should be noted that either suction pressure dropping below a 
control set point or discharge pressure rising above a high set point 
can result in both speed (first) and recycle (second) being activated 
almost simultaneously. If the pressures either decrease or increase 
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quickly, there will be an offset between speed and bypass that will 
result in both being activated to meet the set point. If the upset hap-
pened at a slower rate, then the compressor would go first to minimum 
speed, then to recycle. This control offset can be adjusted to maximize  
performance.

During winter and/or low flow conditions, the aerial coolers will be 
vastly oversized. This combined with the normal air leakage can result 
in a low plenum temperature and consequently acid gas overcooling and 
condensation. 

In order to minimize the risk of acid gas condensation due to low ambi-
ent and low plenum temperatures, two Ruffneck heaters were added per 
cooler section. These steam heaters use 700 kPag saturated steam from the 
KA Plant utility system to provide artificial heat in the plenum during very 
cold ambient temperatures.

7.5	 Project Execution

Front End Loading (FEL). Early involvement of GLE AGI experts at 
earlier stages of the project minimizes the need for changes during the 
project cycle. A good definition and early scoping of the project allows 
for project execution with minimal changes. FEL helps to achieve fast 
cycle times, lowers the cost and ensures excellent operability and safe 
design. 

Engineering standards and specifications can affect the total installed 
cost (TIC) of the project, construction efficiency, operating cost and 
employee safety. Comparing an AGI system installation to a typical gas 
processing project, certain design features of the AGI project can be viewed 
as “gold plating” or even as non-value adding investments. 

While the project team strives to avoid multiple levels of conser-
vatism, the stringent safety requirements for high concentration/high 
pressure H2S service would require a more conservative approach in 
certain areas such as safety equipment, materials, valves and instrumen-
tation. As well, it should be noted, that performance of the AGI sys-
tem is integral to the reliability and performance of the KA processing  
facility.

Purchasing from reliable manufacturers with the long-term cost of own-
ership (life cycle) in mind is essential to ensure safe operation and mainte-
nance of the AGI equipment. It is important for the end user to pay careful 
attention to parameters beyond initial cost.
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Point Cloud: A 3D model is a key project deliverable which has a signif-
icant impact on piping design, plot plan development, operations reviews 
and tie-ins reviews.

Brownfield projects present certain challenges when it comes to 3D 
modelling. To address the integration of the AGI 3D model into the exist-
ing plant, GLE used a point cloud method. 

The final point cloud file is a set of data points in a three-dimensional  
coordinate system. Point cloud files were created by 3D laser scan-
ners of the KA facility. Integration of the existing plant data (Figure 
7.2) into the AGI 3D Model allows a reduction of project costs and 
schedule while maintaining high engineering integrity and quality. 
The use of an integrated 3D model assists in constructability reviews, 
operator reviews, and improves planning, safety and accuracy during  
construction.

Modular design for pipe racks: a cost benefit analysis demonstrated 
that small pipe racks will cost less if constructed in the field, but the cost 
reduction for larger modules (Figure 7.3) justified the project decision to 
use a modular rack design for AGI system pipe racks. Another major driver 
in selecting modular method for the AGI piperack design was a higher 
assurance of quality of the final product. Shop fabrication allows the use of 
stringent quality systems and testing to ensure that finished systems con-
form to technical requirements. Building the modules offsite also resulted 
in minimal plant site interruption, a smaller labour force and lower man-
hours during the construction phase. 

Figure 7.2  Produced water storage bullets.
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7.6	 Risk Assessment Strategy

H2S is extremely hazardous even in very low concentrations. Hence, plant 
personnel and public safety must take priority over all other concerns. In 
the developing and implementing an acid gas injection project within an 
operating asset, it is critical to identify hazards associated with a proposed 
change as part of the management of change process. This can be challeng-
ing in legacy facilities.

For the KA AGI system project, a Hazard Identification (HAZID) study 
was conducted during the early stages of the project development to ensure 
that the potential hazards of the proposed design are identified and man-
aged appropriately in the detailed design. The HAZID was used to develop 
the initial hazard and risk register.

The project decision to conduct a HAZID earlier allowed the project team 
and owner to examine all possible sources of hazards, including the process 
design itself and hazards external to the process and helped to include addi-
tional layers of protection and procedural controls into final design. 

The SemCAMS and GLE project team held numerous design and oper-
ational safety reviews during the entire project duration. As a result of the 
HAZID reviews and dynamic modelling, the final facility design includes 
the following additional design features to mitigate the potential hydrogen 
sulfide release on site:

Figure 7.3  Modular piperack on site.
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•	 Added a line heater to heat the process fluid prior to blow-
down to minimize the risk of hydrate formation during cold 
fluid blowdowns.

•	 The injection line is installed within a Utilidor with multi-
point H2S detection 

•	 Additional automated methanol injection points 
•	 Permissive for line heater minimum temperature and fluid 

level in order to operate
•	 Discharge line is maintained above hydrate point all the time 

with the addition of insulation and tracing.
•	 Additional ambient H2S detectors 

7.7	 Utilities & Tie-Ins

Tie-ins were executed during a scheduled wide plant shutdown in spring 
2018. Installing tie-ins ahead of major AGI equipment and pipe racks 
helped to minimize plant disruptions during the installation of the new 
equipment. Construction drawings were issued well in advance which 
allow operational and construction teams to plan activities around each 
tie-in point. 

One of the critical element of the tie-in construction phase was the flare 
system tie-in (Figure 7.4). Due to flare system considerations, the hot tap 
method was selected in lieu of modifications of the existing header. The 
flare header cut and weld option was rejected due to risk and additional 
engineering and construction cost. The intent all the tie-in work was to 
minimize operational upsets to the KA facility.

The existing plant flare system serves more than one process unit. 
Block valves at each unit’s battery limits are usually necessary to allow 
the unit to be taken out of service for turnarounds without having to 
take down all units connected to the flare system. All block valves in 
a flare system must be locked open and be subject to a strict lockout/
tagout control program. The block valves may only be closed after the 
unit has been completely shut down and secured. Usually this will be 
after all blinds necessary to open equipment for inspection have been 
installed.

To avoid partial or complete line blockage due to a detached gate, all 
gate valves used for flare header isolation must be installed with their stems 
in the horizontal (preferable) or downward vertical position.
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7.8	 Relief System Design

7.8.1	 KA Gas Plant Flare System

The existing KA Facility flare system consists of:

•	 356 mm Ø (14″) main HP Flare header
•	 610 mm Ø (24″) main LP Flare header
•	 324 mm Ø (12″) main MP Flare header
•	 4877 mm S/S x 2743 mm ID vertical flare liquids knockout 

drum 
•	 7315 mm S/S x 3658 mm OD horizontal flare liquids knock-

out drum 
•	 762 mm (30”) OD x 53,340 mm (175’-00” ) tall Flare Stack 

There are three flare systems (headers) on site based on the set pressure 
of PSVs tied into the headers: 

Low pressure: 	 0-17 50 kPag
Medium Pressure:	 1751 – 4500 kPag
High Pressure:	 4501+ kPag

Figure 7.4  Completed flare system tie-in. 
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Each of these headers are combined into several flare KO drums and a 
single flare stack. The existing flare header piping material is ASTM A53 
SMLS which has an MDMT of - 29°C.

7.8.2	 AGI System Flare System

Individual AGI compressor unit flare headers will collect the following 
sources of acid gas to be flared:

•	 PSVs installed on Stages 1-5 of compressors (hot side)
•	 Automated blowdown valves
•	 Manual vents and blowdowns
•	 Utility PSVs
•	 Highline PSV 

The new common acid gas flare header is routed to the existing flare sys-
tem. Acid gas flare metering is provided for the new acid gas flare header 
as well as fuel gas mixing to ensure adequate heating value and flare stack 
tip velocities are maintained to meet ground-level SO2 dispersion require-
ments during acid gas flaring events.

The PSVs, laterals and main flare header associated with the acid gas 
injection system are constructed of 316/316L dual certified material.

7.8.3	 Evaluation of Existing Plant Blowdowns Concurrent  
with the AGI Compressors Blowdown 

GLE reviewed the overall impact of the AGI system blowdown on the flare 
system when the existing plant equipment is depressurized simultane-
ously. SemCAMS identified 4 (four) existing scenarios where current plant 
equipment is depressurized.

The blowdown cases were modelled in Flare Net using the following 
assumptions:

•	 Blowdown cases considered instantaneous peak flow for all 
sources.

•	 The comparison pressure sensing point is at the vertical 
FKOD.

•	 AGI blowdown cases include the addition of fuel gas (FG) 
with the requisite 2:1 ratio (FG:AG).
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Figure 7.5 shows the backpressure at the comparison sensing reference 
point for the four (4) base line cases and 4 (four) additional cases where the 
AGI system blowdown volumes were considered. Results clearly demon-
strate that even for the worst case scenario the additional backpressure at 
the FKOD will not exceed 14 kPag and does not impact the flare system 
performance with higher blowdown rates.

7.8.4	 Inherently Safer Design (ISD) Strategies in Pressure 
Relief System Design for AGI Systems

Pressure relief systems are emergency systems whose only function is to 
prevent internal pressures in process vessels and equipment from rising 
to levels which could cause severe damage or catastrophic failure. These 
systems are relied upon for ultimate protection when normal process sys-
tem interlocks, controls, and operating practices have failed to maintain 
a process at safe pressures. In essence, they are intended to perform only 
when the operation of a process runs out of control, and equipment and 
personnel safety can only be maintained through emergency release of 
process material. Operation of a pressure relief system may pose hazards 
in itself, but these hazards are usually overshadowed by the greater danger 
of continued pressure build-up.

Properties of acid gases under relief conditions are very different 
from normal operation. Acid gases expanding across a relief device or a 
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blowdown valve into a low pressure system will experience substantial 
cooling due to the Joule-Thomson (J-T) effect and can lead to flare system 
mechanical damage due to hydraulic surge of liquid slugs, impact from 
solid ice slugs or hydrates and low temperature embrittlement through 
auto refrigeration.

The most common approach for process systems handling acid gases at 
elevated pressures is to locate relief devices in the part of the process where 
the relieving fluid will be at relatively high temperature as it is relieved. 
Using the AGI compressor discharge piping upstream of the cooler is the 
preferred location of the pressure safety valve (PSV) as well as the com-
pressor blowdown assembly. 

The AGI injection header, running at a cooler temperature (43°C), pres-
ents a challenge for flare system design, since discharging a PSV on the 
highline as the result of possible wellhead blockage will result in two phase 
flow potentially involving cryogenic conditions of acid gas relief. A flare 
header blockage as the result of plugging with solids (hydrates, ice buildup) 
is the potential scenario and the flare system design should ensure that 
sufficient mitigation steps are in place on the AGI system to limit the con-
sequences of the multiphase cold relief. 

The ISD strategy for acid gas relieving systems is to design the systems 
to prevent a two phase relief scenario, as downstream handling systems, 
such as piping and liquid disposal, require additional design measures to 
ensure that the fluids can be handled safely. 

To address the injection line relief scenario, the GLE team included the 
following design features into the AGI flare relieving system to significantly 
reduce or eliminate the probability of a PSV relief event:

•	 The AGI compressor stage five cooler design pressure is  
15 MPag. The final discharge header (1500#) has an MAWP 
of 18.1 MPag which is piping class 1500# derated to the 
highest temperature that is expected to exist coincident with 
the design pressure. Thus, the compressor PSV’s (warm loca-
tion) will relieve initially prior to the injection line PSV.

•	 Pressure relief devices themselves require some margin 
between operating pressure and the device set pressure. If 
this margin is not observed, leakage or premature operation 
(simmering) of the device may occur. Process stability is a 
significant concern with very narrow differences between 
operating pressure and set pressure.

•	 The normal injection pressure of the AGI system is 11 MPag. 
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•	 The injection line PSV set pressure was raised to provide 
a sufficient margin between the AGI compressor PSV set 
pressures and the injection line safety valve PSV set pressure 
(Figure 7.6).

If there is a blockage at the injection well, the expectation is to lift a PSV 
on the compressor initially and relieve hot acid gas while maintaining PSV 
integrity and protection on the injection line. In an ideal case, the injection 
line PSV will never be required to function. 

7.8.5	 MDMT Evaluation

There are certain activities such as start-up, upset conditions, or mainte-
nance activities around the acid gas injection piping and AGI wellhead 
which will require the depressurization of the system containing acid gas 
in the dense phase. Since there can be appreciable temperature effects 
when acid gas fluids are reduced in pressure, the relieving system design 
and the suitability of the materials of construction to adequately facilitate 
the depressurization of the system will be considered.

A dynamic study was completed for the Acid Gas Flare Header which 
routes acid gas blowdown fluids from the wellhead piping to the existing 
plant flare system. The piping system consists of 10 meters of 114 mm dia 
stainless steel piping which connects to 200 meters of 273 mm dia stainless 
steel piping prior to connecting to the existing plant flare system. The study 
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estimated the temperature at the location of the 114 mm and 273 mm new 
flare piping connection which is 10m/200m away respectively from the 
existing flare system.

The objective of this study was to estimate the wall temperature profile 
of the flare header to ensure that controlled depressurization of the sys-
tem will not create a brittle fracture condition for the existing flare header 
which has a minimum design metal temperature (MDMT) of -29 °C. 

The temperature of the piping wall at the tie-in to the 24” flare system is 
estimated to be 9°C as the result of controlled depressurization. The tem-
perature reduction due to auto refrigeration from cold depressurization will 
not result in temperatures below the MDMT of the existing flare system. 

7.8.6	 Drain Management 

Pocketed flare system header piping, including any underground piping, 
is not allowed for flare systems due to the increased corrosion risks and 
increased system backpressures that may result. Increases in system back-
pressure due to liquid accumulation and solids deposition has the nega-
tive effect of a reduction of the flare system design capacity and raises the 
possibility of exceeding the flare system pipe rating during a flaring event. 
Also, it can lead to unstable facility operation and a lack of flare system 
reliability.

Lateral, blowdown valves and PSV tie-in connections into the flare 
header should be sloped downwards into the flare header where practi-
cal; however, level lateral connections will be accepted without a speci-
fication waiver. Any risks associated with liquid accumulation resulting 
in backpressure/blockage in lateral and PSV tie-ins that are not sloped 
continuously into the flare header must be mitigated by design (manual 
low point drains, heat trace, build/design to match full upstream MOP, 
etc.).

Traditionally, Acid Gas compressor PSVs are located at the compressor 
skid floor level and the design team must ensure that PSV performance is 
not impacted by any liquids accumulation in low points of the header as 
the fluid is travelling up to the primary flare header. 

Each compressor flare sub header is equipped with a drain pot. A similar 
arrangement is also used on distance piece vent line to allow the removal of 
accumulated liquids.

Heat traced and insulated drain pots are equipped with a level gauge and 
level switch. LP fuel gas is used to push any liquids accumulated toward the 
high points of the flare header and pots are routinely checked by Operators 
every shift.
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7.9	 Discussion 

Relief system design is based on the as-built capabilities of existing plant 
equipment, controls, and piping systems. To maintain the integrity of over-
pressure protection, any change to the physical plant (apart from replace-
ment in kind) must be assessed for its impact on relief requirements. Under 
current KA Plant process safety management practices, this evaluation 
should be part of a documented Management of Change (MOC) review, 
followed by a relief system design revalidation.

Late design of the relief system has historically caused significant addi-
tions to project costs, as well as a less than ideal technical and cost solution. 
Early development of the AGI system relief protection philosophy allowed 
the project team to prevent costly rework or add-ons and minimized the 
risk of late changes.

Flare system design modelling and assessment of the existing reliev-
ing system clearly demonstrated that additional volumes from the AGI 
system does not hinder the functionality of the existing safety system. 
Modifications of the plant flare system as part of addition of AGI equip-
ment are consistent with the original relief and overpressure design basis, 
with no negative impact on the original design intent.

7.10	 Start-Up

A successful start-up is one that covers all aspects of operational excellence: 
safety, environment performance, reliability, schedule, cost and quality. A 
thorough commissioning and start-up planning process is an essential part 
of any AGI project. Commissioning start-up is always a consideration in 
every facet of the project design and construction.

Starting up a new process unit within an existing facility can present 
certain challenges that were never considered during all phases of the proj-
ect. Legacy processing facilities may inadvertently have hidden character-
istics which can be found under certain conditions or circumstances.

Data collected during the AGI Plant start-up demonstrates that even 
meticulous planning and attention to all aspects of a project cannot always 
address operational hazards that are not known to operational and start-up 
teams.

During start-up, the acid gas compression equipment experienced an 
unusually high differential pressure between the Amine Plant Regenerator 
and the suction of the acid gas compressors. Using drain valves on the suc-
tion line, operators ensured that there was no accumulation of liquids in 
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the low points of the suction header. The AGI system start up resumed but 
pressure losses in the suction header remained higher than expected. 

The AGI compressors were stopped and 1st stage suction strainers were 
removed for visual inspection. Both strainers were covered with a sludge 
type material which caused a significant blockage and resulted in excessive 
pressure drop in the suction line. A sample was sent to the lab and subse-
quent analysis showed that the bulk of the substance collected is the silicon 
and iron with some traces of precious metals and asphaltenes. 

One of the possible explanations for the origin of the material collected 
on suction strainers is the result of dislodged materials sitting in the exist-
ing acid gas piping during commissioning and start-up. An anti-foaming 
agent, sand, corrosion products, iron sulphides and hydrocarbons col-
lected in the piping for the last number of decades are believed to have 
contributed to the formation of the substance caught in the suction strain-
ers (Figure 7.7). 

Suction strainers were kept in place on both units and the current 
design has provisions in place to monitor differential pressure to allow 
early detection of accumulation of any foreign materials on the surface of 
the witches hat strainers. 

Figure 7.7  Suction Strainer.
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7.11	 Conclusions 

Acid gas injection is a reliable, safe, and cost-effective long-term solution 
for disposal of acid gases. Reinjection of acid gases into an underground 
formation releases the minimum amount of greenhouse gases into an 
atmosphere compared with options for sulfur recovery and thermal sul-
phur destruction. 

Brownfield projects present certain challenges for both technical and 
project execution aspects of the addition of new process equipment to the 
existing site. 

A thorough engineering review of existing plant infrastructure and pro-
cess equipment along with detailed commissioning and start-up planning 
is the key factor for safe, efficient operation and to maintain the high integ-
rity demanded of acid gas injection facilities. 
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Abstract
Hydrogen sulfide and carbon dioxide are both corrosive when in contact with 
water. Hydrogen sulfide is lethal and interactive with the mechanical properties 
of high-strength carbon steel. This paper will discuss the influence hydrogen sul-
fide and carbon dioxide have on the safety, design, and selection of reciprocating 
compressors. 

Reciprocating compressors include dynamic seals at the piston rod. This seal 
will see increased leakage through the life of the seal. Due to the lethal and corro-
sive nature of H2S, a purge and vent system is required to route the leakage to a safe 
location for collection or disposal. 

Hydrogen sulfide can embrittle high-strength, high-carbon steel. NACE 
MR-0175, ISO-15156, discusses the materials that are compatible with H2S. 
Several items within a reciprocating compressor include high-strength, high- 
hardness carbon steel. We will review the materials of construction for acid gas  
service, referencing NACE MR-0175.

Acid gas injection service includes gas compositions mainly comprised of 
hydrogen sulfide and carbon dioxide. These influence the selection of reciprocat-
ing compressors in several ways. The heavier mole weight of these gasses may 
require operating at slower speeds. The higher pressures of injection service may 
also require operating at slower speeds. The dewpoint of both hydrogen sulfide 
and carbon dioxide are near normal operating pressures and temperatures typi-
cally found in acid gas injection services. We will discuss how the different propor-
tions of H2S and CO2 affect the dewpoint of the gas, and how to avoid condensates 
between stages of compression.

Keywords:  Reciprocating compressor, acid gas
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8.1	 Introduction 

Hydrogen sulfide is naturally occurring in natural gas gathering services 
in many regions. Reciprocating compressors must handle hydrogen sul-
fide in various quantity, and various pressures; from gathering services 
through injection/disposal services. Gas gathering applications can have 
as little as ppm, while injection for disposal can have as much as 100%. 
Sour gas gathering services typically consist of 100 pm hydrogen sul-
fide to 5% hydrogen sulfide, and pressures of 1200 to 1500 psi. Injection 
for disposal, acid gas services, will see a combination of hydrogen sul-
fide and carbon dioxide, in any combination, and pressures of 1200 to 
5000 psi. There are several considerations when applying a reciprocating 
compressor into sour, or acid gas services. This paper will discuss these 
considerations, from safety, design, materials, condensate/dew point, 
and compressor selection perspectives.

8.2	 Reactivity

Hydrogen sulfide and carbon dioxide are both acidic gasses, they create 
sulfuric and carbonic acid when combined with water. Both gasses will 
require special materials due to their corrosive nature. Apart from the 
corrosive attach on materials, hydrogen sulfide can attack high-hardness, 
high-strength martensitic materials, causing embrittlement. Further, 
hydrogen sulfide is a lethal gas, requiring a very low exposure level to be 
fatal.

8.3	 Safety

Hydrogen sulfide can be lethal at very low exposure levels. Uncontrolled 
emissions can be a concern for the health and safety of personnel. 
Reciprocating compressors contain the process gas within the cylinder, 
with o-rings or metallic gaskets at the piping connections, heads and valve 
caps. However, the seal at the piston rod, the pressure packing case, is a 
dynamic seal. The packing case controls the leakage, but not to a zero 
leakage level. Gas leaking past this seal must be routed to safe collection 
or disposal location. This requires a suitable vent and purge system (see 
Figure 8.1).
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The packing case vents must be routed to a separation pot, separating the 
cylinder and packing lube oil from the vent gas, then routed to safe collec-
tion or disposal, such as a flare system. A purge is introduced at the packing 
case, just downstream of the packing vent. The purge is a supply of inert or 
sweet natural gas 15 psi (1 bar) above the vent pressure. This purge pressure 
helps eliminate vent gas from being introduced further along the piston rod, 
and eventually into the compressor crankcase and operators work space.

8.4	 Design

The reciprocating compressor is designed with a separation between the 
compressor cylinder containing the gas pressure, and the crankcase contain-
ing the rotating to reciprocating running gear. This separation, or distance 
piece compartment, can be provided in several different configurations. 
There are specific configurations for sour gas services. The long two com-
partment is applied for the higher levels of hydrogen sulfide (see Figure 8.2).

The two compartment distance pieces are applied for sour gas, allowing 
more than one buffer compartment of separation between the cylinder and 
crankcase.

LONG TWO COMPARTMENT

Pressure regulated
10 to 15 psi above

Vent pressure

Packing Purge Intermediate Purge
Wiper Purge

Dist Piece
Vent and Drain

Packing Vent/Drain

Oil Separation Pot

Drain
LG LC

TI

Vent to Collection

Dist Piece
Vent and Drain

Figure 8.1  Safety – purge and vent system.
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8.5	 Materials

Carbon dioxide and hydrogen sulfide are both corrosive gasses. Materials 
of construction of the wetted components must be taken into consider-
ation. Further, hydrogen sulfide can embrittle certain commonly applied 
materials within the cylinder. NACE MR-0175 ISO-15156 provides guid-
ance on materials that are suitable for hydrogen sulfide service. 

Components in contact with the process gas include the cylinder body, 
cylinder heads, clearance pockets, valves, valve caps, valve retainers, piston, 
piston rod, and packing case (See Figure 8.3). Common cylinder body, cyl-
inder head, valve caps, valve retainers, and clearance pocket materials are 
nodular and gray iron. These are suitable for sour service. Higher pressure 
cylinders will be of steel. MR-0175 allows steel when hardness is limited to 

Figure 8.3  The compressor cylinder.

LONG COMPARTMENT DISTANCE PIECE

Two Long
Compartments

Intermediate Seal Set

Oil Wiper/Seal Set
Crosshead

Crosshead Nut

Cylinder

Piston Rod

Piston Rod
Packing

Figure 8.2  Distance piece – long two compartment.
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22 Rc (Rockwell hardness C) and below. Pistons are generally nodular and 
gray iron. 

Piston rods are typically 4100 series carbon steel. As this is unsuitable for 
sour gas service, steel with hardness limited to 22 Rc can be applied. This 
can reduce the rod load capability of a reciprocating compressor. Stainless 
steel can be applied, eliminating the derate of rod load capability. MR-0175 
specifically addresses both CC450 and 17-4PH stainless steel with specific 
heat treatment and hardness levels as acceptable in sour gas service.

Valve seats and guards are generally higher strength materials, unsuit-
able for sour gas service. As with the piston rods, carbon steel limited to 
22 Rc, or stainless steel as noted above can be applied.

Most reciprocating compressor cylinder components are suitable for 
both carbon dioxide and hydrogen sulfide, with special attention required 
for the piston rod, valves, and higher strength forged steel cylinder bodies.

8.6	 Condensate/Dewpoint

The dewpoint for carbon dioxide and hydrogen sulfide are at tempera-
tures and pressures common to the compression process. Cooling the gas 
between stages of compression can be in the proximity of the dewpoint 
for the gas. When the gas composition is primarily carbon dioxide and 
hydrogen sulfide, the dewpoint and bubble point are very close, the phase 
envelope is very narrow. Small changes in temperature can result in large 
quantities of condensate.

The areas of interest include the dewpoint, critical point, and dense 
phase region (see Figure 8.4). Operating close to the critical point results in 
large changes in gas properties with small changes in temperature or pres-
sure. This makes the prediction model less accurate and can result in very 
dense gas through the compressor. Operation above the critical pressure 
requires review to ensure the gas is warm enough to “act like a gas”. The 
properties of the gas can look and act more like a liquid as the temperatures 
are reduced.

Awareness of the dewpoint margin is critical in the design of the inter-
stage equipment. The interstage coolers are often fan driven ambient air 
to gas coolers. Colder ambient conditions results in colder process gas, 
with the potential for condensing the gas stream. Interstage coolers are 
most often designed for a minimum approach at a maximum ambient. 
Acid gas coolers must also be reviewed for a controlled minimum gas 
outlet temperature at minimum ambient conditions. This may require 
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automated louvre controls, automated fan speed control, hot air recir-
culation within the cooler plenum, and potentially heaters within the 
plenum.

As the percentage of H2S increases, the phase envelope shifts right and 
upwards (higher temperature and higher pressure). Avoiding condensates 
can be very difficult at the higher pressures as the compressor interstage 
temperatures must be quite high. It may be necessary to consider com-
pressing to a pressure where the process stream is all liquid at ambient 
temperatures and apply a pump to the final injection pressure.

8.7	 Compressor Selection

There are various guidelines and requirements for applying recipro-
cating compressors in acid gas service. The heavier gas often requires 
slower operating speeds. The interstage pressures and temperatures 
can be coincident with the dewpoint of the gas. Careful scrutiny of the 
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phase envelope and interstage conditions is required (for example, see 
Figure 8.5).

Reduced piston speeds are often necessary. Several reasons account for 
this need:

Heavier gasses can result in greater pressure losses across the cylinder 
and valves. Reduced piston speeds allow for the cylinder and valves 
to breathe, and reduce valve impact stresses. Compressor valves are 
sized for each cylinder based upon natural gas and rated frame speeds. 
With heavier gasses, speeds may need to be reduced. Lower piston 
speeds offer lower losses through the cylinder and valves. This may be 
necessary for valve life, or may be desired for extending time between 
maintenance for this hazardous service.

Most injection service compressors operate at higher discharge 
pressures. Often speeds need to be reduced to maintain appropriate 
piston rod packing wear life.

Operating speed may also need to be reduced when the cylinder 
bore is quite large and the gas is heavy. This reduces the possibility for 
choked flow across the face of the piston.
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Interstage cooling requires attention to ensure condensates are avoided. 
This requires a review of the phase envelope for dewpoint, critical point, 
and dense phase region. 

8.8	 Conclusion

Reciprocating compressors are well suited for acid gas compression. 
Hundreds of reciprocating compressors have been applied on carbon diox-
ide and hydrogen sulfide service successfully. Full consideration must be 
made for safety, gas properties and materials of constructions.
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Abstract
After nearly 5 years of discussion, disputing, preparation, and application, the first 
acid gas injection (AGI) project in China is on the way to being implemented in 
Xinjiang province in northwest China by Sinopec Northwest Company. AGI is 
in response to the emission of hydrogen sulfide (H2S) produced as a by-product 
from oil and gas production. Compressing acid gas for transport via pipeline to an 
injection well and into a deep geological formation has been proved to be an eco-
nomical and effective acid gas disposal method. The key concerns were focused 
on the estimation of wellhead injection pressure, the behavior of the acid gas flow, 
and phase profile along the deep, slightly inclined wellbore. Presented here is a 
case study based on an AGI application in Erhao station to reveal the wellbore 
thermodynamic features with using the GLEWpro program.

Keywords:  Acid gas injection, wellbore, GLEWpro, thermodynamic analysis

9.1	 Introduction

By August 2017, Sinopec Northwest Company produced 7 million tons of 
crude oil and 1.5 billion m3 of natural gas annually. Most of these prod-
ucts contain sulfur with maximum hydrogen sulfide concentration of  
1500 mg/L in heavy oil and 12×104 mg/m3 in associated natural gas.

Up to now, 70% of hydrogen sulfide was recovered by many small sulfur 
recovery systems built earlier with high operation cost. Besides, the uncer-
tainty of the sulfur market produced large quantities of stockpiling of the 

*Corresponding author: wangsx@yahoo.com
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elemental sulfur that is another source of potential environmental pollu-
tion. So acid gas injection (AGI) was considered and expected to replace 
the traditional recovery process to handle the waste gases [1, 2, 3].

With almost 30 years of research and practice, acid gas injection tech-
nology has been mature and widely used. In China, the first AGI project 
was implemented in the Sinopec Northwest Company in 2018. This paper 
takes Tahe oilfield Erhao light-hydrocarbon station (Erhao station) AGI 
project as an example, with the help of GLEWpro program, analyzing the 
thermodynamic features and estimating the wellhead pressure.

Now Erhao station has formed a complete AGI system (see Figure 9.1). 
After desulfurization, the initial acid gas is saturated with water. The initial 
acid gas contains 45.87% H2S, 46.14% CO2 and 0.28% hydrocarbon. The 
operator needs to inject 0.424 MMscfd of initial acid gas into the reser-
voir. The bottom hole pressure is 60.07 MPa and temperature is 100°C, the 
wellhead temperature is 20°C. GLEWpro estimated the wellhead injection 
pressure is 11.284 MPa and carried out a detailed analysis of the flow and 
phase profile along the wellbore. Through thermodynamic analysis of the 
initial acid gas along the wellbore, the preliminary pressure required in 
the AGI system is determined. Then the initial saturated water acid gas is 
compressed and dehydrated. With other conditions unchanged, the com-
position of compressed and dehydrated acid gas changes to 49.4622% H2S, 
49.7811% CO2 and 0.3022% hydrocarbon. The final injection rate changes 
to 0.393 MMscfd. GLEWpro estimates the wellhead injection pressure is 
11.463 MPa, analysis the thermodynamic profile along the wellbore. When 
comparing the initial acid gas with compressed acid gas in the pressure 
and temperature profile along the wellbore, it could be concluded that the 
water content has a greater impact on the temperature profile.

Although the estimated wellhead pressure is 11.463 MPa in a specific 
condition, many factors will change (composition, injection rate, wellhead 
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acid gasCompress
Cool

Dehydrate
Emergency
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Inject to the reservoir

Wellhead

W
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Pipeline 2.5km
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Figure 9.1  The AGI System at the Erhao Station.
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temperature, bottom-hole pressure, etc.) in future production and opera-
tion. So this paper also analyzes the influence of different acid gas compo-
sition and different wellhead temperature on wellhead injection pressure.

9.2	 Erhao Station Process and Injection Basic Data

Erhao station started construction in July 2004 and was put into opera-
tion in April 2005. In 2006, the light-hydrocarbon recovery system was 
upgraded. To deal with the associated gas with high hydrogen sulfide, the 
MDEA desulfurization system was expanded in 2010. In 2011, a new sul-
fur recovery system was established. Using a complex iron desulfurization 
technology with a sulfur recovery scale of 2000t/a. After years of expan-
sion and reconstruction, the current Tahe oilfield Erhao combined station 
has formed the natural gas treatment process shown in Figure 9.2 to pro-
duce purified natural gas, liquefied petroleum gas (LPG), light hydrocar-
bons, sulfur and other products. The main production data are shown in 
Table 9.1.

Due to the sluggish sulfur market, the sulfur quality produced by the 
small sulfur recovery systems is poor, resulting in a long-term large back-
log of sulfur products, huge sulfur stocks and secondary environmental 

Feed gas Compress MDEA Dehydrate Cool Fractionation Products

Initial Acid Gas Acid gas injection system

Figure 9.2  Natural Gas Process in Erhao Station.

Table 9.1  Erhao station production data.

No Content Amount Unit

1 Feed natural gas 7.77 MMscfd

2 Output natural gas 3.531 MMscfd

5 LPG 44.78 t/d

6 Light hydrocarbons 14.21 t/d

7 Acid gas (45.87% H2S, 46.14% CO2) 0.424 MMscfd

8 Sulfur recovery 2000 t/a
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pollution, which affects normal natural gas production. Therefore, the AGI 
system was applied to replace the small sulfur recovery system in Erhao sta-
tion to seal harmful acid gas in the underground reservoir permanently to 
solve the problem of acid gas disposal in the production process of sulfur- 
containing natural gas. The AGI system process is shown in Figure 9.1. 
The initial saturated water acid gas enters into the AGI system after desul-
furization in MEDA unit. In the AGI system, the compressed and dehy-
drated acid gas is transported to the wellhead through the pipeline and 
injected to the reservoir via wellbore. Several emergency shutdown valves 
are set along the pipeline to limit the amount of acid gas emptying in the 
accident state Pressure, flow and temperature sensors are installed at both 
ends of the pipeline to detect the acid gas leakage. A pressure regulating 
valve is installed in front of the wellhead to control the injection pressure 
and rate.

The initial saturated water acid gas composition is shown in Table 9.2. 
The acid gas pressure is 90-100 kPa and temperature is 41.7°C, which 
belongs to wet acid gas and the injection rate is 0.424 MMscfd.

9.3	 Acid Gas Injection Well and Reservoir

The selection of the injection well and reservoir are the first thing to be 
concerned about in the AGI project. According to the selection principle of 
the injection well and reservoir, combined with the production situation, 
ZD8-212 was selected as the injection well, and the Ordovician was selected 
as the injection reservoir.

9.3.1	 Injection Well

ZD8-212 was selected as the injection well. This well has complete produc-
tion data and is located 2.5km south downwind from Erhao station (Figure 
9.3). It is currently the production well of the Ordovician, with little poten-
tial to develop, and belongs to the same formation with the Ordovician 
system.

Table 9.2  Initial saturated water acid gas composition.

Component Methane Ethane Propane Nitrogen CO2 H2S Water

Mol% 0.22 0.04 0.02 0.01 46.14 45.87 7.7
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9.3.1.1	 Basic Data

•	 Well depth: 6040m inclined and 5547.44m vertical depth. 
The elevation distribution is shown in Table 9.3.

•	 Inner diameter: 3½-in tubing.
•	 Bottom hole: The actual pressure is 60.70 MPa and the tem-

perature is 100°C.

9.3.1.2	 Characteristics 

•	 ZD8-212 is 2.5 km away from the Erhao station, close to the 
source of acid gas and there are no obstacles in the middle.

•	 ZD8-212 is relatively isolated. When injecting water to adja-
cent well ZD7-429 and ZD7-424, ZD8-212 has no dynamic 

ZD7-482

ZD7-444

ZD7-429

ZD7-424

ZD8-212

Figure 9.3  The location of ZD8-212.

Table 9.3  Elevation Distribution for the Injection Well.

Location (m) 0 1000 2000 3000 4000 5000 5217.5 5603.5 6040

Elevation (m) 0 -1000 -2000 -3000 -4000 -5000 -5217.5 -5514.5 -5547.4
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response. The injection well also has a bad connection with 
adjacent well ZD7-444 (see Figure 9.4).

•	 According to acid frac completion and reservoir character-
istics, the reservoir near the injection well is well developed 
so that can realize the continuous injection.

•	 The injection well region has strong bottom water and large 
reservoir space, the injection pressure is relatively stable.

•	 No leakage and emptying in the production process along 
the wellbore.

9.3.2	 Injection Reservoir

The selection of the injection reservoir is determined by geological and 
non-geological factors, mainly considering the source-ground proximity,  
caprock sealing capacity, reservoir flow properties, chemical effects of acid gas 
on the reservoir rock matrix and native fluids, protection of energy, mineral 
and groundwater resources, drilling integrity, public safety and other factors.

Based on various factors, the project selected the Ordovician as the injection 
reservoir. The Ordovician meets the requirements of the acid gas injection.

•	 The Ordovician has a vertical depth of 5547.44m, the actual 
pressure is 60.07 MPa and the temperature is 100°C.

•	 The apparent volume is 670,000 m3 and the estimated actual 
space volume is more than 135,000 m3. Therefore, the 
Ordovician is conducive to long-term and large-scale acid 
gas injection.

•	 The Ordovician is the production horizon, the injected acid 
gas has the least chemical interactions with the reservoir 
rocks and native fluids.

ZD8-210

ZD8-211

ZD8-213ZD8-212

ZD8-214

Figure 9.4  The connection between other wells.
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•	 The Ordovician is well developed so it is convenient for per-
manent acid gas sealing.

•	 No leakage through the caprock.

9.4	 Thermodynamic Analysis and Injection Pressure

The thermodynamic analysis from the wellhead to total depth and well-
head pressure estimation are key points in AGI system designing and  
operating [4].

A program, called GLEWpro, was developed based upon a new compre-
hensive model for the multiphase flow to provide phase and flow profiles 
along the wellbore.

9.4.1	 Comprehensive Model 

The new comprehensive model combined the tubular flow model and fluid 
model seamlessly, precisely modelling the flow in tubular and estimating 
the fluid properties [5].

Fluid flow behaviour in tubular is governed by mass, momentum and 
energy conservation laws. These three fundamental equations can illus-
trate the flow features of flow states, fluid phase and tubular orientation 
without the limitations. So it’s suitable not only for the vertical, horizontal 
and inclined tubular segment. But also for production and injection well-
bore. The model also considers the bulk modulus, thermal transmission, 
and the effects of pressure and temperature on fluid properties.

AQUAlibirum is designed specifically for gas, liquid, and supercritical 
phase to calculate equilibrium in systems containing acid or sour gas and 
water. It provides a smooth transmission when the phase changing and do help 
to understand the physics of the injection well and solve the flow equations.

This new comprehensive model (Equation 9.1) facilitates an accurate 
thermodynamic analysis of the wellbore and phase equilibrium calculation. 
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where: A: Flow area of the tube, m²
   D: Tubing inside diameter, m
   f: Darcy friction factor
   h: Acid gas enthalpy
   g: Acceleration due to gravity, m/s²
   P: Pressure, Pa
   V: Velocity, m/s
   x: Coordinate along the tube, m
   z: Elevation, m
   ρ: Acid gas density, kg/m³

subscripts
   m: Acid gas with multi-component

In the comprehensive model, the pressure P, temperature T, the mixture 
mass flow rate Wm are basic variables. AQUAlibrium calculates the mixture 
properties based on composition and condition.

	
V W

A
m

m
m =

ρ 	
(9.2)

Equation 9.2 is used to estimate the mixture velocity Vm, and the 
Colebrook-White equation is selected to calculate the friction factor.

9.4.2	 Initial Acid Gas 

According to the initial acid gas composition (Table 9.2), the operator 
needs to inject 0.424 MMscfd of acid gas into the bottom hole. T﻿﻿he bottom 
hole pressure is 60.07 MPa and temperature is 100°C, the wellhead tem-
perature is 20°C.

The GLEWpro estimated the flow and phase profile along the wellbore. 
Figure 9.5 shows the input interface, Figure 9.6 shows the flow and phase 
profile, Figure 9.7 shows the temperature profile, Figure 9.8 shows the pres-
sure and density profile.

Figures 9.7 and 9.8 show the flow profile and phase change process of 
initial acid gas injection. The process has the following characteristics:

•	 The injected acid gas is a liquid phase and the estimated 
wellhead pressure is 11.284 MPa.
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Figure 9.5  GLEWpro Input Interface-1.

Figure 9.6  GLEWPro Flow and Phase Profile-1.
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•	 The liquid column static pressure in wellbore is 48.1 MPa. 
The wellhead pressure is mainly determined by liquid col-
umn static pressure, and the contribution of friction loss of 
wellbore flow is small.

•	 Without dehydration, the initial acid gas contains about 
3.2% free water throughout the injection wellbore.

•	 With a small injection rate, the average flow velocity in the 
wellbore is 0.054 m/s. Slow-moving leads to the full heating 
of acid gas in the wellbore, the temperature in the bottom 
hole reaches 85.0°C. 

•	 The setting wellhead temperature is 20°C, the formation 
temperature is 100°C. The lower the wellhead temperature is, 
the lower the estimated wellhead injection pressure required; 
the higher the formation temperature is, the higher the 
estimated wellhead injection pressure required. Therefore, 
wellhead pressure decreases with the decrease of wellhead 
temperature and wellbore temperature distribution.

Through the estimation of wellbore injection pressure and the analy-
sis of flow in the tubular profile, the preliminary pressure required in the 

Figure 9.7  GLEWpro Temperature Profile Along the Wellbore-1.

Figure 9.8  GLEWPro Pressure and Density Profile Along the Wellbore-1.
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AGI system can be determined, the compression, dehydration and pipeline 
transportation process analysis and design can be carried out accordingly 
[6].

9.4.3	 Compressed and Dehydrated Acid Gas

The estimated wellhead pressure of initial acid gas is 11.878 MPa. 
Considering the dehydration, pipeline transportation and other pressure 
requirements, the initial acid gas was compressed and dehydrated from 
0.1 MPa to 15 MPa.

After compressing and dehydrating, the composition, properties and 
injection rate of initial acid gas all changed. The compressed and dehydrated 
acid gas composition is shown in Table 9.4. When 712.466 kg/d of acid 
water was removed, the actual final injection rate changes to 0.393 MMscfd.

With other conditions unchanged, the GLEWpro estimated the flow 
and phase profile along the wellbore. Figure 9.9 shows the input interface, 
Figure 9.10 shows the flow and phase profile, and Figure 9.11 shows the 
pressure and density profile.

Table 9.4  Compressed and dehydrated acid gas composition.

Component Methane Ethane Propane Nitrogen CO2 H2S H2O

mol% 0.2374 0.0432 0.0216 0.0117 49.7811 49.4622 0.4428

Figure 9.9  GLEWpro Input Interface-2.



156  Gas Injection into Geological Formations and Related Topics

Figures 9.10 and 9.11 show the flow profile and phase change pro-
cess of initial acid gas injection. The process has the following  
characteristics:

1.	 The injected acid gas is the liquid phase and the estimated 
wellhead pressure is 11.463 MPa. Compared with the initial 

Figure 9.10  GLEWpro Flow and Phase Profile-2.

Figure 9.11  GLEWpro Pressure and Density Profile-2.
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acid gas, the compressed and dehydrated acid gas has a 
small amount of injection but a high estimated wellhead 
injection pressure. The reason is that the acid gas density 
decreases after dehydration (Figure 9.11), and the tem-
perature of the acid gas in the wellbore is high at a small  
flow rate.

2.	 No free water generated because of the through dehydration, 
the acid gas corrosion problem could be ignored.

Figure 9.12 shows the compressed and dehydrated acid gas pressure and 
density profile. Pressure changes in the inclined section at the bottom of 
the well are obviously slowed down. Figure 9.12 also compares the ini-
tial acid gas with compressed gas in the pressure and temperature pro-
file along the wellbore. After compression, the pressure profile has only a 
slight change, the temperature profile along the wellbore increases slightly. 
It could be concluded that the water content has a greater impact on the 
temperature profile.
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9.4.4	 Comparison of Different Acid Gas Composition 

Although the estimated wellhead pressure is 11.463 MPa in a specific con-
dition, many factors will change (composition, injection rate, wellhead 
temperature, bottom-hole pressure, etc) in future production and opera-
tion. So that the wellhead pressure should have a range to adapt to different 
operating conditions.

With other conditions unchanged, changing the acid gas composition to 
estimate wellhead pressure (Table 9.5). 

It can be concluded that the higher the H2S content is, the higher the 
wellhead pressure needs; the higher the CO2 content is, and the lower the 
wellhead pressure needs.

9.4.5	 Comparison of Different Wellhead Temperature 

The acid gas is compressed and cooled to 50°C, then transported via pipe-
line to ZD8-212 injection well. The wellhead temperature always changes 
with the environment temperature. Table 9.6 shows the estimated wellhead 
pressure in different wellhead temperature.

It can be concluded that the wellhead pressure increases with the 
increase of the wellhead temperature.

Table 9.5  Wellhead pressure in different composition.

Mol%
CO2 0 30 50 70 100

H2S 100 70 50 30 0

Wellhead pressure (MPa) 15.31 13.29 12.23 11.24 9.49

Bottom hole temperature (°C) 90.7 90.8 90.8 90.9 90.9

Table 9.6  Wellhead pressure in different temperature.

Wellhead temperature(°C) 5 10 15 20 25 30 35

Wellhead pressure (MPa) 10.255 10.857 11.071 12.089 12.719 13.357 14.001

Bottom hole temperature(°C) 88.4 89.2 89.2 90.8 91.6 92.4 93.2
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9.5	 Conclusion 

1.	 Each AGI project is independent and different. The process 
schemes are decided by the acid gas composition, property, 
injection reservoir, wellbore configuration, etc.

2.	 The key problems should be solved in the AGI project, which 
is the selection of the injection reservoir and the estimation 
of the wellhead pressure, as they would affect the following 
gas compression, dehydration, and transportation.

3.	 Public safety is as vital as the AGI process flow. Although the 
toxic gas is involved in the process, there have not been any 
incidents or negative results so far.

4.	 Compared with the traditional sulfur recovery system, the 
AGI system has its advantages; it is not only economically 
efficient but also environmentally friendly. Based on the 
high hydrogen sulfide contained in oil and gas field status 
in China, the application of AGI technology will bring great 
economic and social benefits.
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Selecting CO2 Sinks CCUS Deployment 
in South Mid-West Kansas

Eugene Holubnyak*, Martin Dubois and Jennifer Hollenbach

Kansas Geological Survey, Lawrance, Kansas

Abstract
The goal of the Integrated CCS for Kansas (ICKAN), a Phase I project under 
CarbonSAFE, was to evaluate and develop a plan and strategy to address the chal-
lenges and opportunities for commercial-scale Carbon Capture and Storage (CCS) 
in Kansas. Four separate geologic structures were identified as each having poten-
tial for storing 50Mt of CO2. The four structures, aligned on the same regional 
geologic structure, are similar in size, have more than 100 ft of closure, and have 
similar geologic histories, and storage reservoirs, Mississippian Osage, Ordovician 
Viola, and Cambrian-Ordovician Arbuckle at depths from 5200-6400 ft.

In addition to the saline storage targets, there are many CO2 EOR opportu-
nities in southwest Kansas, four of which were part of a DOE-funded study 
(DE-FE0002056) conducted by the Kansas Geological Survey [1]. The CO2 EOR 
market for CO2 could help the economics of transporting CO2 to the Patterson site 
through economies of scale and the reduction of market risk. 

Keywords:  CO2 sinks, Kansas carbon capture, storage and utilization

10.1	 Introduction

The Integrated CCS for Kansas project (ICKan) is a Phase I pre-feasibility  
study under DOE-NETL Carbon Storage Assurance Facility Enterprise 
(CarbonSAFE) program. The Kansas Geological Survey (KGS) and The 
University of Kansas (KU) together with a Carbon Capture and Storage (CCS) 
Coordination Team executed the study. The goal of Phase I activity under 
CarbonSAFE is to identify and critically evaluate challenges and opportunities 
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for commercial-scale Carbon Capture and Storage (CCS) in Kansas. The objec-
tives include identifying, evaluating, and addressing the major technical and 
non-technical challenges for implementing commercial-scale, CO2 capture, 
transport, and secure geologic storage of 50 million tonnes CO2 in Kansas.

This feasibility study examined three of Kansas’ largest CO2 point 
sources, nearby and distant storage sites, where an estimated storage 
capacity was equal to or greater than 50 million tonnes (Table 10.1), and 
prospective CO2 transportation networks. Westar Energy’s Jeffrey Energy 
Center—Kansas’ largest coal-fired electrical generating facility—near St. 
Marys, Kansas, served as the primary site because of its size (2.16 GigaWatt 
and 12.5 million metric tons of CO2 emissions) and strategic location along 
the eastern margin of Kansas’ aerially extensive and vertically stacked, res-
ervoir complexes. Sunflower Electric Cooperative’s Holcomb coal-fired 
plant near Garden City in southwest Kansas and one of Kansas’ largest oil 
refineries, CHS Refinery, near McPherson in central Kansas were second-
ary sites. Because of the high cost of capture and compression from power 
plants and refineries, the study also considered ethanol plant sources where 
capture and compression costs are significantly lower.

The KGS undertook highly technical, subbasinal evaluations of CO2 
storage building upon prior regional characterization studies conducted 
under DOE-NETL project DE-FE0002056. Site-specific, risk assessments 
incorporated “lessons learned” by the KGS during the final EPA (Region 7)  
review of the Class VI geosequestration permit for storage of 26,000 tonnes of 
CO2 within the Arbuckle saline aquifer at Wellington Field (DE-FE0006821) 
[2]. The success of the recent Class II CO2 Enhanced Oil Recovery (EOR) 
injection in the overlying Mississippian oil reservoir at Wellington, Kansas, 
supports the viability of the stacked reservoir concept. The experience and 
knowledge gained established a foundation for planning to address post-in-
jection site care, site closure, financial assurance, and long-long-term liability.

The Patterson site is one of several geologic sites that has been demon-
strated by initial simulation analysis to be capable of injecting and stor-
ing 50Mt of CO2 in a 25- to 30-year timeframe. However, the analyses in 
this study are based on limited subsurface well, core, and injectivity data, 
and in the case of the Patterson, no seismic data. Considerable additional 
data need to be collected and technical analysis performed to validate the 
Patterson site. Key questions that need to be resolved are 1) the geome-
try of the Patterson site structure, hence potential volume of CO2 stored, 
2) injectivity in the target reservoirs, in particular in the Osage, and  
3) integrity of the caprock and seals. The current model was built without 
the advantage of having 3-D seismic to locate the bounding fault on the 
southwest side and knowing the overall geometry of the geologic structure. 
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Questions remain about the injectivity and capacity at the site, particularly 
in the Osage. Closest core analysis in the Osage suggests low permeabil-
ity, despite porosity in the range of 25–30%. There is currently no geo- 
mechanical nor capillary pressure data for the caprock seals for the res-
ervoirs, although indirect data discussed below suggest that the seals are 
effective to the vertical migration of hydrocarbons and mixing of brines. 

A primary driver for CCS implementation in Kansas is the cost of CO2 
capture and compression. The focus for CO2 sources in the ICKan proj-
ect were initially coal-fired power plants and a refinery (Figure 10.1 for 
locations) because of CarbonSAFE FOA stipulations. However, under cur-
rent market conditions in the midcontinent region, the aggregation of CO2 
captured from multiple ethanol plants provides the most economical, and 
frankly, the only viable option for a CCS project of the scale envisioned by 
CarbonSAFE without substantially more subsidy than currently available. 
Preliminary technical and economic evaluations of two coal-fired power 
plants and a refinery in this study suggest that CO2 capture from these 
sources is cost prohibitive, even when 45Q tax incentives are applied. 

Having EOR CO2 as part of the system is accompanied by economic 
gains from scale and, potentially, additional subsidy for CO2 destined for 
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Figure 10.1  Kansas map showing location of the Patterson site, a variety of CO2 sources, possi
ble CO2 pipeline routes, other possible CO2 injections sites (numbered 1–12) identified in (1) 
located inside the DE-FE0002056 study areas (blue), and oil fields (gray). The primary sources 
in this study are labeled. The figure is modified from ICKan proposal SF 424 R&R, 2016 [3].
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saline storage. In the most economically favorable case. Five fields within 
or nearby the NHSC could readily take 1.8 to 2.3 Mt/yr for EOR. They 
include the Patterson Morrow waterflood and the Chester and Morrow 
waterfloods in four fields studied for EOR as part of a DOE-funded study 
(DE-FE0002056).

10.2	 Process for Determining Potential Phase II Sites

We went into this study with two geologic complexes in mind, FCB and 
Pleasant Prairie, on the basis of prior DOE-funded Kansas Geological 
Survey studies and the proximity to coal-fired powerplant source industry 
partners. The Pleasant Prairie site was determined by CO2 injection simu-
lation studies to have the capacity to store >50Mt CO2. However, the oper-
ator of the Pleasant Prairie Field determined that they and their business 
partners could not commit to Phase 2 of a CarbonSAFE program opera-
tional and financial obligations that would be required. Thus, the Pleasant 
Prairie site could not be considered as a Phase 2 site.

Alternative sites were evaluated for capacity and willingness of oil field 
operators to participate in a Phase 2 project. A starting point were sites 
evaluated in an earlier DOE-funded study (DE-FE0002056) on regional 
saline aquifers [1] that identified 10 sites possibly capable of storing 50+Mt 
CO2. Most of the sites were eliminated from consideration for a variety of 
reasons. The site numbered 2 did not meet the 50Mt minimum in the afore-
mentioned study, sites 1 and 5 are in an area of significant seismic activity 
induced by high-rate injection of produced brines into the Arbuckle, sites 
9, and 10 were given lower priority because of proximity Class I Arbuckle 
disposal wells with rising water levels, and site 3 was downgraded because 
of its proximity to an operating gas storage field. At sites 4 and 8, the struc-
tures are relatively small and storage reservoir shallow (~3,200 ft), and site 
7 had very limited well control and no available seismic data needed to 
estimate the size of the geologic structure. Thus sites 4, 7, and 8 were down-
graded. Site 6, the Lakin site, was characterized, modeled and a numeri-
cal simulation of CO2 injection was performed, along with other potential 
sites in the NHC, the Rupp and Patterson (Figure 10.2).

10.2.1	 Geologic Setting

The Patterson site is situated in southwest Kansas at the northern end of 
the giant Hugoton Gas Field in the Hugoton Embayment of the Anadarko 
Basin (see Figure 10.3). The Patterson site comprises three closely spaced 
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oil pools, Patterson, Heinitz, and Hartland, aligned on a geologic struc-
ture (Figure 10.4) and is one of the four geologic sites in the NHSC. The 
four NHSC geologic sites are similar in that they have approximately 100 ft  
of structural closure, are located on a prominent northwest-southeast 
structural trend, have the same geologic history, and have the same saline 
aquifer reservoirs beneath them. 

Pleasant 
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Figure 10.2  Location of 10 potential CO2 storage sites (numbered) studied by Watney 
et al. [1] and further evaluated in this study. Map is the structure on top of the Arbuckle. 
Modified from [1]. Map area is the study area shaded blue in Figure 10.1.

Figure 10.3  Locator map for North Hugoton Storage Complex (red-shaded box) showing 
Pre-Cambrian basement configuration [4]. Inset map illustrates the oil and gas fields in 
Kansas in 2009 (http://www.kgs.ku.edu/PRS/petro/ogSheetMap.html).
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Three stratigraphic intervals are considered for CO2 storage—the 
Mississippian Osage, Middle-Ordovician Viola, and Cambrian-Ordovician 
Arbuckle—shown in stratigraphic charts in Figures 10.5 and 10.6. All three 
have regional lateral extent and appear to be separated by vertical barriers 
to fluid migration (Meramec, Kinderhook, and Simpson dense carbonate 
and thin shales). The Morrow shale (Pennsylvanian) on top of the Meramec 
(Mississippian) is a regional top seal for the oil and gas accumulations in 
the Mississippian, Morrow sandstone and Chester sandstone.

The Mississippi stratigraphy deserves additional discussion and expla-
nation of how we have treated it for mapping and modeling purposes. 
The Mississippi-aged Chester Stage unconformably overlies the Meramec 
Stage. There is a major unconformity atop the Mississippi upon which 
the Morrow was deposited. The Chester thins atop structures throughout 
the NHSC due to erosions and in some areas has been completely eroded 

Patterson

Heinitz

16 m
ilesPatterson site

Hartland

Meramec Structure
CI = 20ft

Longwood GU #2

City of Lakin WIW

Rupp
site 

Figure 10.4  Structure map on top of the Meramec (Mississippi) covering the area 
modeled for the Rupp and Patterson geologic sites. Contour interval = 20 feet. Patterson 
site is outlined by the red dashed line.
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and Morrow rests directly on Meramec. The lower Morrow section and 
the Chester similarly comprise interbedded limestone and shale mak-
ing it difficult to correlate the contact between them when complicated 
by an unconformity. For mapping and modeling purposes, the Morrow 
and Chester have been lumped. The Mississippian-aged Meramec Stage 
comprises the Ste. Genevieve, St. Louis, Spergen (Salem), and Warsaw 
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column shows oil and gas producing intervals in the area and regional barriers, caprock and 
baffles to vertical fluid flow. USDW = underground source of drinking water.



Selecting CO2 Sinks CCUS Deployment  169

limestones. Because of an unconformity atop the Meramec and the major 
unconformity atop the Mississippian, it is not always clear whether the Ste. 
Genevieve or the St. Louis is the subcropping unit, so we chose to pick that 
top as the Meramec, rather than differentiate. The St. Louis C, the main 
producing zone in the Pleasant Prairie field, top was also picked but not 
used as a horizon in modeling.

Saline aquifer reservoirs in the Osage and Viola consist of thick (>100 ft),  
vertically continuous, laterally extensive porous carbonate, primarily 
medium-crystalline sucrosic dolomite with good intercrystalline porosity 
and varying amounts of chert. The Arbuckle storage reservoir consists of 
stacked thin beds of porous dolomite over the 570-foot-thick Arbuckle, 
separated by thin intervals of tight carbonate. Although they do not appear 
to be well-connected vertically, drill stem tests in the Arbuckle, albeit lim-
ited in number, prove otherwise with fluid recoveries averaging more than 
2,000 feet of saltwater in one-hour flow tests.
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Figure 10.6  Stratigraphy of the Lower Paleozoic and proposed storage zones illustrated by 
a wireline log from a key well in the Patterson site, the Longwood Gas Unit #2 well. Tight 
carbonate baffles separate storage units from one another (shaded blue). Porous intervals 
(>7% porosity) are shaded yellow and shale intervals are shaded green.
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10.3	 Oil Production History and CO2 Enhanced Oil 
Recovery Potential in the Region

Oil has been produced in the Patterson site since 1966 with the discovery 
of the Patterson oil pool. A total of 7.3 million barrels of oil have been 
produced from the three pools through August 2018, most of it from 
the Morrow sandstone (Table A in Figure 10.7). The Morrow sandstone 
reservoir in the Patterson-Heinitz Unit (two fields unitized in 2010) has 
responded well to a waterflood installed in 2010 (Figure 10.7B and 10.7C). 
In all, 5.5 million barrels of oil have been produced from the combined 
Patterson and Heinitz before and after unitization, and an additional  
1.2 million barrels of oil are expected from the waterflood (6.7 million  
barrels ultimate recovery). Because of the oil volume, reservoir condi-
tions, solution-gas drive mechanism and being a successful waterflood,  
the Patterson-Heinitz Morrow reservoir is a candidate for CO2 enhanced 
oil recovery (EOR). 

In addition to the Patterson-Heinitz Unit, there are many other CO2 
EOR opportunities in southwest Kansas, four of which were part of a DOE-
funded study (DE-FE0002056) conducted by the Kansas Geological Survey 

Figure 10.7  A — Table of oil produced and producing horizons at the Patterson site. B —
Porosity (fraction) * thickness (H) map of the Morrow sandstone in the Patterson-Heinitz 
Unit. Map is courtesy of Berexco LLC, operator of the Unit. C — Annual oil production 
for the combined Patterson, Heinitz and Patterson-Heinitz Unit. 
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(1) and located within fifty miles of the Patterson site. The CO2 EOR mar-
ket for CO2 could help the economics of transporting CO2 to the Patterson 
site through economies of scale and the reduction of market risk. There 
would be the added benefit of concurrent CO2 storage in the EOR projects. 
The four fields—Pleasant Prairie South (part of the Pleasant Prairie site), 
Eubank North Unit, Shuck, and Cutter—are similar in size and reservoir 
as the Patterson-Heinitz Unit, having produced a combined 23.6 million 
barrels of oil through 2014 from the Morrow and Chester (Mississippian) 
sandstones. Dubois et al. [5] estimated the ultimate recovery by primary 
and secondary (waterflood) of 25.4 million barrels and the potential CO2 
EOR recovery at 13 million barrels of oil. Their reservoir simulations esti-
mate 5 Mt CO2 would be stored in the oil reservoir in the process.

10.4	 Estimating CO2 Storage Volume—Building  
the Static Model

Storage volume was estimated by building a static geologic model on the 
basis of mainly public, but some well data from our industry partner, 
Berexco LLC, and then performing dynamic simulations of CO2 injection 
into targeted reservoirs.

10.4.1	 Workflow for Building 3-D Static Model

A simple, un-faulted 3-D static model was built for a 920 mi2 (2,400 km2) 
area and then a smaller area was cut out of the model for simulation (Figure 
10.7). A large area with relatively coarse XY cells was required to capture 
enough data to model the reservoirs. Few wells in the region penetrate 
the target saline storage intervals because they do not produce hydrocar-
bons and the oil and gas reservoirs are at shallower depths. A smaller area 
was cut out from a larger modeled area for simulating the Patterson and 
the Rupp structures in separate simulation exercises. The Lakin had been 
modeled and simulated separately, but data from the few useful wells in 
that area were incorporated in the Patterson and Rupp static model. 

A conventional workflow (Figure 10.8) for building a 3-D static model 
was deployed: 1) gather, prepare and analyze well-scale well data from 
public sources and operator-partner data, 2) build thirteen 2-D structure 
and isopach maps (grids) with Geoplus PetraTM, 3) develop petrophysical 
relationships to estimate permeability knowing porosity, 4) import well 
headers, tops and digital well logs into PetrelTM for static model building,  
5) build wireframe model using the imported 2-D grids as horizons 
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making 12 zones and layering, and with 660 ft xy cells, 6) upscale poros-
ity and GR to layer scale, 7) develop porosity variograms for 10 of the 12 
zones, excluding the Morrow and Reagan, and GR for the Arbuckle, and 
model porosity for the 10 zones using sequential Gaussian simulation and 
simple kriging for the GR in the Arbuckle, 8) calculate permeability at 
the upscale model by zone to reduce cell count, porosity—arithmetically,  
permeability—geometrically, 9) cut a smaller area around the Patterson 
and Rupp sites for simulation, and 10) export in rescue format. 

10.4.2	 Well Data

There are 363 wells deeper than 4,500 ft in the model area and 1,952 
shallow wells (<4,500 ft). The vast majority are shallow gas wells that have 
depths of less than 3,200 feet, that were completed in the Permian Chase 
and Council Grove Groups, and that are part of the shallow Hugoton-
Panoma gas field. Of the 363 wells, 361 penetrate the top of the Meramec, 
but relatively few penetrate the prospective saline storage zones—Osage, 
Viola, and Arbuckle—because there is no production below the upper 
150 feet of the Meramec. Raster log images were available for most wells 
in the immediate vicinity of the simulation model. Formation tops were 
picked for all wells with logs available having penetrations below the 
Meramec. Only 21 wells penetrated the Osage, 20 cut the Viola, and 
14 penetrated the Arbuckle. Modern logs, having a minimum neutron 

Inputs Static Model Upscaled Model

Framework data 3D structural wireframe
model

Fine-grid cellular property model • Cutout area for simulation
• ~ 1 million cells in model
• Export in rescue format

• Upscale porosity
  (arithmetic) and
  permeability (geometric)
• Cells: XY = 660 ft, Z
  variable by zone
• Total layers: ~100
• ~6 million cells in model 

Well-scale data

• 363 wells (>4500 ft)
• 286 wells with tops
    Morrow and Meramec−
        286
    Osage−20
    Viola−15
    Arbuckle−15
    Precambrian−2
• 2D structure grids for 13
  horizons

• Digital well logs:150 with
rasters and 20 wells with
“modern” digital logs
• Porosity, GR for 20 wells
• Permeability for 20 wells

• Porosity and GR (upscaled to
  layers from digital wireline logs)
•By zone, develop variograms
  and populate property model 
  using SGS (porosity) or kriging
  (GR)
• Premeability XY: calculated at
  cells with phi-k transforms for
  each zone

• Cells: XY=660 ft, Z variable
   by zone
• 920 mi^2 (2400 km^2)
• 12 zones
•  Layering variable by zone -
   proportionately more layers
   in injection zones (Osage,
   Viola, Arbuckle)
•  Total layers: 262
• 15 million cells

Prep for simulation

Coarse-grid Cellular
Property model

Figure 10.8  General workflow used for building the Patterson static model and preparing 
it for export for simulation.
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and density porosity and gamma ray, were digitized for 20 wells yielding 
porosity coverage for the Osage (12 wells), Viola, (9 wells) and Arbuckle 
(8 wells). Although the data are sparse, porous intervals in the three can-
didate injection zones are laterally extensive. Because of porosity model-
ing difficulties in the immediate Patterson-Heinitz-Hartland area due to 
disparate data, especially in the Arbuckle, we needed to place a pseudo 
well halfway between the Longwood GU-2 well and the next well with 
Arbuckle data 10 miles to the northwest. The pseudo well is essentially a 
copy of the Longwood GU-2 with minor adjustments due to changes in 
thickness in some of the zones.

10.4.3	 Petrophysics

Porosity input for the geomodel was the average of neutron and density 
porosity and gamma ray at the half-foot scale for the 20 wells with modern 
logs and the pseudo well from the Morrow to total depth. Permeability was 
calculated in the geomodel using porosity-permeability transform equa-
tions derived from available empirical data. 

Empirical data used in petrophysical analysis at the Patterson site 
include limited core data from the Longwood GU-2 well, engineering 
injection/falloff test in the City of Lakin WIW, both within the bounds 
of the reservoir simulation and extensive core and NMR log data from 
Berexco KGS-Cutter 1 well [1], located 30 miles south of the Patterson site. 
Conventional core analysis for plugs and whole core in the Longwood well 
provide nearly full coverage in the Osage, but limited coverage in the Viola 
and Arbuckle. Initial porosity-permeability transform equations for the 
Osage were based on core from the Longwood well while transforms for 
all other zones (Meramec, Spergen, Warsaw, Kinderhook, Viola, Simpson 
and Arbuckle) were based on KGS-Cutter 1 data. Although the Arbuckle 
was split into two zones, upper and lower and porosity modeled separately, 
only one porosity-permeability transform was used to calculate permea-
bility. No transform was derived for the Morrow and Reagan. The Morrow 
exhibits high vertical heterogeneity including shale (caprock) tight lime-
stone and sandstone, and localized porous sandstone. For this simulation, 
the Morrow interval was generically treated as a caprock with very low per-
meability. There is only one penetration through the Reagan, and little else 
is known of this interval in the region. It was treated as a no-flow boundary 
in these simulations. 

Porosity-permeability transform equations for six zones derived by 
cross-plotting porosity and Coates-based permeability from NMR digi-
tal log in the KGS-Cutter #1 [1]. In the KGS-Cutter #1, the Coates-based 



174  Gas Injection into Geological Formations and Related Topics

NMR permeability was closely correlated with core permeability, validat-
ing the methodology. Coates-based permeability from NMR in the KGS 
Cutter #1 well is an order of magnitude higher than core permeability in 
the Longwood GU-2 well for the same porosity value. Longwood GU-2 
cross plot is core-derived permeability and log-derived porosity, while the 
KGS-Cutter #1 cross plot uses Coates-derived NMR permeability based on 
log porosity.

Adjustments (increases) to permeability were made in the simulation 
model for the Osage and Arbuckle. The adjustments are justified by res-
ervoir performance data demonstrating that reservoir-scale permeability 
data are significantly greater than matrix permeability at the core scale. 
Six miles east of the southernmost simulated CO2 injection well, the max-
imum injection rate in the City of Lakin Class I well injection/falloff test 
in the Arbuckle was 4,831 barrels of water per day on a vacuum. The cal-
culated average permeability is 1.43 Darcy over a 690 ft interval, a thou-
sand times the average permeability using the geology specific transform. 
The permeability transform based on core data for the Osage is less than 
1/10th that of a transform based on the KGS-Cutter #1 data, both likely 
to be significantly lower than reservoir-scale data. Merit Energy obtains 
>2,000 barrels of water per day per well from the Osage water supply wells 
for its Victory field area just southeast of the NHSC area, requiring much 
greater permeability than the average of 1.34 mD for core data from the 
Longwood #2 well.

10.4.4	 Three-Dimensional Static Model

A single 3-D cellular model covering both the Rupp and Patterson geologic 
sites was constructed using the workflow discussed in detail above. Figure 
10.9 is a view from the southeast of the fine-grid permeability model before 
upscaling. There is a known fault with nearly vertical offset, down to the 
southwest, that bounds the structure to the southwest. The exact location 
of the fault is not known because of the lack of seismic data. Discussion of 
faulting is covered later in this report. In this phase, the mapping and mod-
eling was performed without inserting the fault or faults. The 3-D model 
and cross section illustrate the continuous nature of the permeable inter-
vals in the proposed injection zones, Osage, Viola, and Arbuckle. It also 
shows the low permeability in the Meramec, Spergen and Warsaw intervals 
above the Osage.
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10.5	 Estimating CO2 Storage Volume—Running  
the Dynamic Model

The key objectives of the dynamic modeling were to determine the volume 
of CO2 stored, resulting rise in pore pressure and the extent of CO2 plume 
migration in the Patterson field structure. Simulations were conducted 
using the Computer Modeling Group (CMG) GEM simulator, a full equa-
tion of state compositional reservoir simulator with advanced features for 
modeling the flow of three-phase, multi-component fluids that has been 
used to conduct numerous CO2 studies [6, 7]. 
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Figure 10.9  Upper figure—3-D volume of permeability from the top of the Meramec 
to basement. The map above the cube is the top of the Morrow; its color does not reflect 
permeability. Area of model cut out for the Patterson simulation is indicated by the 
dashed ellipse. Lower figure—A-A’ cross section through the permeability model in the 
upper figure. Map at the base of the cross section is the top of the basement.
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10.5.1	 Initial Reservoir Conditions and Simulation Constraints

The initial conditions specified in the reservoir model are specified in 
Table 10.2. The simulations were conducted assuming isothermal condi-
tions. Although isothermal conditions were assumed, a thermal gradient 
of 0.008  °C/ft was considered for specifying petrophysical properties that 
vary with layer depth and temperature such as CO2 relative permeability, 
CO2 dissolution in formation water, etc. The original static pressure in the 
injection zone was set to reported field test pressures and the Arbuckle pres-
sure gradient of 0.48 psi/ft was assumed for specifying petrophysical prop-
erties. Perforation zone was set at top 35 ft in all three injection intervals: 
Osage, Viola, and Arbuckle. Injection rate was assigned according to max-
imum calculated based on well tests and reservoir properties. Boundary  
conditions were selected as open Carter-Tracy aquifer with leakage allowed. 

Four wells were completed in the main part of the Patterson structure 
and were “perforated” in the Mississippi Osage, Viola, and Arbuckle. No 
flow boundary conditions were specified above and below the injection 
zones as indicated by brine chemistry. CO2 was injected at rates deter-
mined by the petrophysical conditions at each injection site and within 

Table 10.2  Model input specification and CO2 injection rates.

Injection Interval Osage Viola Arbuckle

Temperature 60 °C (140 °F) 61 °C (142 °F) 62 °C (144 °F)

Pressure 1,650 psi 
(11.38 MPa)

1,700 psi 
(11.5 MPa)

1,800 psi 
(11.72 MPa)

Max. BHP 2250 psi () 2300 psi 2400 psi

TDS 100 g/l 140 g/l 180 g/l

Formation Top 5,260 ft 5,500 ft 5,740 ft

Formation Base 5,400 ft 5,700 ft 6,340 ft

Perforation Zone 110 ft 200 ft 150 ft

Injection Period 30 years 30 years 30 years

Number of wells 4 4 4

Injection Rate 3,050 T/day 1,400 T/day 1,080 T/day

Total CO2 injected 33.5 MT 15.3 MT 11.8 MT
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each perforated interval. The lateral boundary conditions were set as an 
infinite-acting Carter-Tracy aquifer [8, 9] with leakage.

10.5.2	 Simulation Results

Figure 10.10 shows the maximum lateral migration of the CO2 plume approx-
imately 100 years after cessation of CO2 injection activities at Patterson Field. 
The plume grows rapidly during the injection phase and is largely stabilized 
20–30 years after the end of injection period. CO2 travels throughout the reser-
voir for an additional several years and enters stabilization phase after several 
years post injection commencement. A significant amount of CO2 (~30%) is 
dissolved in water over the period of 50 years past injection commencement.

Figure 10.11 presents the distribution of reservoir pore-pressure at the 
maximum point of CO2 injection. The pressure increases are estimated to 
be below 500 psi on commencement of injection and then pressure gradu-
ally drops after the commencement of the injection as the capillary effects 
are overcome. The pressure decreases to almost pre-injection levels after 
approximately 15–20 years, as illustrated in Figure 10.12.

Figure 10.13 illustrates modeled cumulative injection volumes obtained 
via injection by four injection wells completed at Osage, Viola, and Arbuckle 
intervals. Maximum combined injection rate for four wells modeled for 
the Patterson site is 5,800 metric tonnes/day. The cumulative injected CO2 
estimate for the Patterson site is 60.7 M metric tonnes; however, the injec-
tion strategy could be optimized to inject even higher amount of CO2 at 
this site. 

Figure 10.10  Dynamic simulation results showing CO2 plumes after vertically stacked 
injection in the Arbuckle, Viola, and Osage. A. 3-D view of CO2 plumes in stacked saline 
aquifers with CO2 volume stored for each plume (million tonnes). B. Plate showing aerial 
extent of plumes for the four injectors and 132 wells that penetrate the Morrow caprock 
(~4,800 ft).
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10.6	 Summary/Discussion

For CO2 injection simulations at the Patterson site, four wells were placed 
in close proximity to the apex of the linear closed structure where there 
was higher porosity and permeability indicated in the 3-D static model in 
the three storage zones, the Osage, Viola, and Arbuckle. A fully composi-
tional simulation using CMG Gem software was performed. Injection was 
restricted to a delta P of 600 psi above reservoir pressure and a maximum 
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of 2,400 psi in the Arbuckle, approximately equal to hydrostatic pressure 
and 2,100 psi under fracture pressure (assuming 0.75 psi/ft). Daily injec-
tion rates were 1.6, 1.3, 1.5, and 1.4 kilotonnes/day for 30 years, storing 
60.7 million tonnes. Maximum plume diameter averages 2.9 miles (4.6 km)  
100 years after injection ceased.

This presented scenario is a conservative estimate and the performance 
of the dynamic model could be further improved. For example, it is pos-
sible to optimize well locations and increase the number of injectors; per-
forations could also be placed more strategically and perforated intervals 
could be extended to decrease injection pressures; and delta injection pres-
sure could be increased to 600 psi. Stated measures would allow injecting 
much larger volumes of CO2 in a safe manner without increasing potential 
risks.  
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Abstract
The Aquistore research program is part of SaskPower’s Boundary Dam Integrated 
Carbon Capture and Storage (CCS) Demonstration project. In this project carbon 
dioxide is injected into a 3400 m deep injection-well drilled specifically for CO2 
injection. The target aquifer is highly saline (TDS 330 g/L) with injection through 
four distinct perforation zones extending over about 200 m.

Drying-induced salt precipitation within the target reservoir has been identi-
fied as having the potential to cause formation damage in CO2 injection opera-
tions. Key parameters in assessing the possible severity are the initial salinity of 
the formation water and the residual water saturation under drainage. However, a 
second mechanism for reducing CO2 injectivity was observed at the Aquistore site. 
Downhole images from the injection well, together with recovered samples reveal 
that scales of simple salts have formed on the inside of a CO2 injection well. These 
are developed by evaporation of formation water to near complete dryness in the 
CO2 dominated wellbore fluids. The timing of the water backflow into the well and 
the mechanism driving it are uncertain, but the very high salinity of the formation 
water means that the total volume of scale observed could be due to minor vol-
umes of flow back fluid. Since large salt build-ups are associated with what is very 
likely small volumes of inflow, the salts precipitated in the wellbore may threaten 
CO2 injectivity. This observation suggests that an effort should be made prior to 
the onset of CO2 injection to reduce the likelihood of such a scale development. 
This requires a better understanding of the conditions responsible for any flow-
back of water into the injection well.

Images and other descriptions of the salt deposits will be presented along with 
an interpretation of their mechanisms of formation.

*Corresponding author: stalman@ualberta.ca
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11.1	 Introduction

The Aquistore research project managed by the Petroleum Technology 
Research Centre is part of SaskPower’s Boundary Dam Integrated Carbon 
Capture and Storage (CCS) Demonstration project [10]. Carbon dioxide, 
captured from the flue gas of Unit Three of the Boundary Dam coal-fired 
power generation station, is injected into a 3400 m deep injection well 
drilled specifically for CO2 injection. Carbon dioxide injection rates of 400 
tonnes/day are routinely achieved, and a net injected mass of 240 thousand 
tonnes injected as of August 2019. The target aquifer is highly saline (TDS 
330 g/L) with injection through four distinct perforation zones extending 
over about 200 m.

Saline aquifers can be susceptible to porosity and permeability reduc-
tions near the injection well, known as near-wellbore formation damage, 
due to salt precipitation driven by formation dry-out. Formation damage, 
caused by salt precipitation was studied by Lorenz and Muller [4], and later 
by Pruess and Muller [8] for gas storage systems in saline aquifers. Both 
studies identify that the initial salinity and the residual water saturation 
are critical properties in defining the potential for salt-induced damage. A 
comprehensive review paper of the salt precipitation literature was recently 
published [5], and more recent work is noted in Piao et al. [7]. The focus of 
these works is restricted to processes that occur within the aquifer; there is 
no consideration of salt migration back into the wellbore. A recent report 
by Berntsen et al. [2] is notable in that salt formation was detected within 
gas saturated portion (essentially the wellbore) of their bench-scale CO2 
injector model.

As discussed in Miri and Hellevang [5], the eventual mass, and spatial 
distribution, of salts precipitated in the drying aquifer are controlled by 
multiple factors. These are: the initial salt content of the brine; the effi-
ciency of brine displacement by the injected CO2; the solubility of water in 
the CO2 stream; the kinetics of water uptake into the injected CO2 (see also 
[9]); capillary forces which can pull brine in towards drier zones; diffusion 
of salts away down the concentration gradient induced by evaporation; and 
large scale flows associated with gravity override induced by the buoyancy 
of CO2. Although each of these factors will be important in controlling the 
formation damage, each of these processes will only allow salts to form in 
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previously water wet locations. As such they cannot be responsible for salts 
found within the wellbore.

Mineral precipitation, or scale formation, within producing wellbores is 
well known. Commonly, the precipitates are minerals which are less soluble 
at surface conditions than downhole [11] so their formation is driven by 
temperature and pressure changes during production. However, precipita-
tion of salts induced by water evaporation has also been observed in gas 
producers [3]. Furthermore, there is a short report dealing with the recov-
ery of both halite and calcium chloride salts (CaCl2·6H2O and CaCl2·4H2O) 
in a CO2 injection well associated with a CO2 sequestration project [12]. The 
recovery of CaCl2 salts, which are strongly deliquescent, is of especial inter-
est. It can only form in very dry conditions, and it will eventually dissolve 
by drawing water out of ambient air. As such, this salt may be lost, or at least 
transformed post-recovery so its presence and phase are likely to represent 
storage, rather than formation, conditions. We will refer here the calcium 
chloride salts by the generic CaCl2 rather than as a specific phase.

The material described by Sminchak et al. [12] was recovered as part 
of a well workover to clear a suspected blockage from within the injection 
tubing. It was formed at the placement depth of a packer which was used 
to isolate the injection zone. The injection zone immediately under this 
packer was reported to be scale free [12]. Calcium chloride rich annular 
fluid and formation brines were proposed as the primary source of the 
precipitated components with evaporation enhanced by the injection of 
dry CO2. Sminchak et al. [12] presented several strategies for preventing 
formation of scale associated with the packer.

In this paper, we present downhole photographic evidence of extensive 
evaporite scales within the CO2 injection well at Aquistore along with min-
eralogical details of solid recovered from the well. The predominant min-
eral in the recovered scale is halite, with lesser amounts of sylvite. A video 
taken within the injection well shows extensive salt formation extending 
downwards from some, but not all, perforations. Some scale formation was 
associated with each perforation zone, but the most extensive scale for-
mation was observed in a zone which was determined not to be actively 
receiving CO2 based on downhole spinner logs.

Formation of salts in previously dry environments may occur via a final 
mechanism mentioned by Miri and Hellevang [5]. This “salt self-enhancing  
mechanism” was described by Miri et al. [6] as:

… salt crystals preferentially nucleate and grow close to the interface 
between CO2 and water owing to the locally increased salt concentration. 
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These crystals are largely immersed in the aqueous phase, but partly 
protrude into the CO2 stream. This protruding surface is covered with a 
thin layer of water due to surface energy effects (i.e. hydrophilic nature). 
As a result of evaporation, this hydration layer rapidly becomes highly 
super-saturated, leading to further crystallization and surface roughen-
ing. In turn, this results in the formation of nucleation points on the sur-
face of crystal which promote further nucleation and lead to the growth 
of a massive aggregate of salt micro-grains.

Their experimental results showed salt crystals growing out away from 
the brine/gas interface; this phenomenon may also be responsible for the fea-
tures observed in the Aquistore injection well. Furthermore, repeated cycling 
of injection rates and pressures may lead to the repeated cycling of formation 
water into previously dried regions near the wellbore, which can increase the 
extent of formation damage and/or the flux of salts into the wellbore itself.

11.2	 Laboratory and Field Data

11.2.1	 Data Sources

The 3396 m injection well for the Aquistore project was drilled in the sum-
mer of 2012 [10]. Carbon dioxide injection through perforations that are 
distributed through 4 zones in the 4.5” diameter well began in April 2015. 
Formation water was collected during the drilling at several depths, with 
two samples taken from the CO2 injection horizon. This water was ana-
lyzed by a commercial lab (Isobrine Solutions).

In May 2017, a video camera was deployed down the injection well in 
order to evaluate the integrity of the injection tubing. The obtained images 
were black and white in medium resolution. Downward-viewing axial 
images were continuously collected as the camera descended while some 
horizontal images were taken in instances where the camera was stopped. 
While the upper portions of the well showed little or no abnormalities; sig-
nificant deposits of light coloured scale were present from 3170 m and below.

During a subsequent well-workover, samples of this material were from 
the well. Sub-samples of the material were studied in a commercial X-Ray 
Diffraction (XRD) laboratory under a contract with PTRC.

11.2.2	 Chemical Composition of Formation Water

The chemical composition of the formation water is presented in Table 11.1. 
The formation water is a very saline (TDS 330 g/L) Na+, Ca2+, Cl- rich brine. 
Chloride is far and away the dominate anion; it represents >99.8 mole% of 
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anions in solution. Mineral stability calculations performed with PHREEQC 
(using the [1], 2015 Pitzer activity model database) suggest that the water is 
at, or near, saturation with halite and anhydrite at reservoir conditions; anhy-
drite stability is achieved despite the near absence of SO4

2- in the formation 
water through the very high Ca2+ activity. The dissolved silica concentration 
(not reported here) is close to that expected from equilibrium with amor-
phous silica at near surface conditions. This suggests that some silica was lost 
from the solution via precipitation during, or subsequent to, sampling.

Evaporation of this water will precipitate trace amounts of anhydrite, 
barite and other metal sulphates, together with calcite and other metal car-
bonates. However, since the chloride so completely dominates the other 
anions, the bulk of the precipitates formed will be chlorides, as shown in 
the fourth column of Table 11.1.

11.2.3	 X-Ray Diffraction Analysis of Recovered Salt Samples

Material recovered from the Aquistore injection well was undertaken by 
Calgary Rock and Materials Services Inc. (Holderness, pers. comm.) on 

Table 11.1  Composition of formation water recovered at a depth of 3334 m 
at the Aquistore injection well. Only the dominant cations (> 0.1 moles/L) and 
anions (> 0.0005 moles/L) are reported. An estimate of the type and amount of 
each precipitate that would form from the complete evaporation of a litre of the 
formation water is given in the fourth through sixth columns. The phases were 
chosen based on their stability in the pure salt/water system at downhole conditions 
(e.g., MgCl2·6H2O would precipitate in the Mg-Cl-H2O system at 100 °C).

Solution composition Precipitates

g/L mmoles/L g/L cc/L

Na+ 87.7 Halite 3815.0 222.95 102.7

K+ 4.96 Sylvite 124.0 9.24 4.6

Ca2+ 32.5 CaCl2·2H2O 809.3 118.98 64.3

Mg+ 1.70 MgCl2·6H2O 70.0 14.23 9.1

Cl– 203.0 Anhydrite 1.6 0.22 0.1

SO4
2– 0.15 Calcite 0.4 0.04 < 0.1

HCO3
– 0.05 Total 180.9

Br– 0.71
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two samples, identified here as A and B. Both samples were predominantly 
halite (see Table 11.2), with minor amounts of sylvite. Sample B also con-
tained a significant amount of siderite which is likely a reaction product 
between the tubing and injected CO2. No other minerals were identified 
in either sample.

11.2.4	 Downhole Video Analysis and Image Sizing

Two cameras, one oriented with a downhole view and the other horizon-
tally, were run down the injection well. Although the images may be some-
what distorted, a sense of the size of the observed features can be estimated. 
For the axial images a reference dimension is the diameter of the wellbore 
(11.4 cm) and the illuminated zone extends some 80-100 cm downhole. 
The specifications for the perforation job were that the perforations define 
a helix, with a vertical offset between perforations of about 60 mm and 72° 
angular separation and the diameter of the holes is 1.1”. Figure 11.1-(a) is 
an image, taken perpendicular to the wellbore axis, showing two perfora-
tions in the wellbore. The vertical distance between the perforation centers 
is about 40% of the total image height, meaning that the field of view is 
about 150 mm. An axial image, clearly showing three perforations, is illus-
trated in Figure 11.1-(b). 

11.2.4.1	 Material Fixed to the Wellbore

Significant quantities of a stalactite-like scale have developed in the well-
bore. The scale is closely associated with the perforated zones, and it is 
non-uniformly distributed both within a particular perforated zone and 
between perforated zones. The upper two zones are much less affected 
than the lower two, with the most extensive deposition in the third zone. 
The scale is generally absent in the unperforated zones, although there is 
a pillar of scale extending from the third to the fourth perforated zone. 

Table 11.2  XRD analysis of recovered salt.

Weight %

A B

Halite (NaCl) 96.6 54.8

Sylvite(KCl) 3.4 3.2

Siderite (FeCO3) 0 42.0
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Several images of the perforations and associated scale are shown in 
Figure 11.1.

The perforations shown in Figure 11.1 appear to be clean. In contrast, 
many others are associated with a light coloured scale (e.g., Figure 11.2). 
This scale, and its adherence to the perforation pattern, is evident in the 
very uppermost perforations (Figure 11.2-a), and to a greater or lesser 
extent, throughout most of the perforated zones. The three axial images 
are all from the upper 2.5 m of the perforation zone; over this distance the 
amount of scale deposited ranges from extensive (Figure 11.2-b) to virtu-
ally absent (Figure 11.2-c). A close-up, horizontal image of two of these 
deposits show that they are highly porous.

The volume of each scale buildup shown in Figure 11.2-(a) is not large – 
on the order of 30 cc. The material itself is very porous (see Figure 11.2-d) 
so that its mass should be on the order of tens of grams. This mass of solid 
will form from the evaporation of roughly 100 cc of formation fluid mean-
ing that only a minor flow of formation water back into the well is required 
in order to create these features. Slightly further downhole (Figure 11.2-b) 
the deposits are larger so that some of the scale from vertically stacked per-
forations merge; however, their volume remains on the scale of a few litres.

The third perforated zone is much more heavily impacted by scale forma-
tion. Typical wellbore views within this zone, as well as directly underneath 
it, are shown in Figure 11.3. In this region, the total volume of scale formed 
reaches an appreciable proportion of the total volume of the injector. In par-
ticular, one body of scale extends some 50 m in length, much of it through 
the unperforated zone, separating the lowest two perforation zones.

3320.42 m
0.00 m/min

09/05/2017 16:42:44

Res: Medium
Temperature: 110.50°C

3238.99 m
1.50 m/min Res: Medium

Temperature: 104.25°C

09/05/2017 15:51:50

(a) (b)

Figure 11.1  (a) a horizontal view of two perforations in the injection well, (b) a vertical 
view of the well with three clearly visible perforations which are indicated by arrows. The 
white specks in this, and most of the following, images are due to material that is falling 
past the camera after being dislodged by it.
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11.2.4.2	 Lowest Reaches of the Well

At 3346 m depth, which is 29 m from plug back total depth of 3375 m [10] 
the appearance of the wellbore scale changes dramatically. Here, the scale 
is less massive, and seemingly unrelated to the location of the perforations. 
The form of the scale suggests that it formed in place by the drying of a sur-
face which had been coated by a highly saline solution. These deposits are 
shown in (Figure 11.4-a and -b). Figure 11.4-(c) was obtained from slightly 
below this level, at 3351 m, and it shows both some dislodged material 
(the bottom half of the Figure 11.4) as well as a few thicker particles with 
an ice-like appearance growing on the wall (upper half). The coherence 
of these crystals with the tubing wall suggests that they have grown from 
evaporation of a film of saline solution, presumably following a drop of the 
water level in the sump. 

09/05/2017 15:01:17

3173.55 m
3.50 m/min Res: Medium

Temperature: 112.00°C

09/05/2017 15:05:04

3174.51m
0.00 m/min Res: Medium

Temperature: 112.75°C

09/05/2017 15:06:29

3175.95 m
2.96 m/min Res: Medium

Temperature: 113.00°C

09/05/2017 15:03:50

3174.51 m
0.00 m/min Res: Medium

Temperature: 112.50°C

(a) (b)

(c) (d)

Figure 11.2  (a) axial view showing a region at the top of the first perforated zone 
indicating the formation of a scale at regular intervals, (b) transition from an extensively 
scaled zone to a relatively clean zone, (c) two clean perforations, with some less-well 
focused although also apparently clean ones below, (d) an axial view showing the scale 
and its highly porous nature.
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11.2.4.3	 Dislodged Materials

During visual scanning operation, a considerable amount of scale was 
dislodged. Some of this was caught up in the wellbore on other obstruc-
tions while other pieces could be observed in the downhole video as they 
were falling. These displaced pieces give a further sense of the shape and 
internal structure of the scale than the undamaged pieces stuck to the well-
bore. Three examples are seen in Figure 11.5. Figure 11.5-(a) shows a tubu-
lar piece that fills much of the field of view, making it a piece of a few cm 
length, while Figure 11.5-(b) shows a much blockier piece. Both are highly 
porous, although for Figure 11.5-(b) this is much more evident in other 
pictures taken when the camera is closer to it. The rounded shape in further 

09/05/2017 16:29:40

3309.39 m
1.50 m/min Res: Medium

Temperature: 107.25°C

09/05/2017 16:03:02

3263.82 m
1.35 m/min Res: Medium

Temperature: 113.50°C

09/05/2017 16:08:38

3264.66 m
1.40 m/min Res: Medium

Temperature: 113.50°C

09/05/2017 16:22:29

3298.20 m
1.55 m/min Res: Medium

Temperature: 108.50°C

(a) (b)

(c) (d)

Figure 11.3  (a) axial view showing extensive scaling observed in the third perforated zone  
(b) large deposits near the bottom of the third perforated zone. Some of the material, visible in 
the central portion of the picture, was dislodged from above, (c) clean perforations at the top of 
the fourth perforated zone together with an extensive scale deposit sourced from above. This 
body is contiguous with the rightmost sample in the previous picture and it extends further 
to a depth of 3319 m. (d) continuation of the previous feature showing that, at least in this 
section, it is seemingly hollow. 
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09/05/2017 17:15:14

3348.01 m
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Temperature: 122.00°C

09/05/2017 17:16:11

3348.01 m
0.00 m/min Res: Medium

Temperature: 122.25°C

09/05/2017 17:17:43

3351.06 m
2.05 m/min Res: Medium

Temperature: 122.75°C

09/05/2017 17:32:38

3356.54 m
−0.55 m/min Res: Medium

Temperature: 123.50°C

(a) (b)

(c) (d)

Figure 11.4  (a) a horizontal view of a more uniformly distributed scale that is present near 
the well bottom, (b) as the image to the left except as from the axial view. These images (a-b) 
show a scale that is more evenly distributed around the wellbore, and thinner than those 
seen in the previous Figure 11.3. (c) an image showing a precipitate (top-left quadrant) 
that is smoother, and with a different surface finish than that seen elsewhere in the well. (d) 
spherical forms than are floating, presumably in a water flooded zone at a depth 9 m above 
the last perforation and 20 m above the plug back total depth of 3375 m [10].
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Temperature: 117.25°C

(a) (b)

Figure 11.5  (a) and (b) Images of material falling down the well after having, presumably, 
dislodged by the camera and associated cabling.
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downhole in Figure 11.5-(b) is a distinct piece that is attached to the well-
bore which can be seen more clearly in the lowest image in Figure 11.6.

11.3	 Implication and Interpretation

Figure 11.6 is an overview of where the salt forms and it provides some 
measure of total volume of precipitated salt. Clearly, the second perforated 
zone has the least scale formed. Based on the well-logs, this perforation 
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Figure 11.6  An overview of the aquifer physical properties and regions associated with 
salt scale. Images from different depths are shown at the left with the red arrows indicating 
their location. The grey shapes indicate general locations where there is salt buildup. An 
indication of the volume of the deposits is given by the size of these forms.
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zone is associated with relatively homogeneous, high permeability, strata 
in the aquifer. The most scale is associated with the lowest injectivity, third 
perforation zone. Scale, when present in the first and fourth perforation 
zones, seems to be formed at the same depth as some of the less permeable 
strata in the perforated zone. This observation suggests that back-flow 
into the wellbore is related to permeability variations in the near-well-
bore region, although the exact mechanisms, driving the process, are not 
obvious. From previous work dealing with salt formation in the aquifer, 
it is clear that a number of processes may contribute to such a flow. The 
proposed flows arise from complex interactions between mechanical 
responses, capillary forces, and chemical potential gradients; however, 
with two exceptions, the salt formed will be associated with either a sta-
tionary or receding (away from the CO2 source) water/CO2 interface. Self-
enhanced salt formation has the potential to draw water into an advancing 
precipitation front [6]. Similarly, pressure driven flow back into the well, 
during low injection-rate episodes, can provide a source of brine into the 
wellbore. Detailed modelling of these flows is outside the scope of this 
observational study; however, these conceptual models are further dis-
cussed below.

During the early stages of injection there will be both a pressure gradi-
ent driving the injected CO2 into the aquifer, and a chemical potential gra-
dient drawing water into the dry injected CO2 at the wellbore-formation  
interface. Assuming that the aquifer is preferentially wetted by water rather 
than CO2, an overpressure will be required before the defending water phase 
will be displaced by the invading CO2 phase. In the event that two perfo-
rations near each other are backed by materials that have appreciably dif-
ferent entry pressures, CO2 will invade one perforation while its neighbour 
may remain water saturated. Salt will precipitate at this static CO2/water 
interface. Enhanced capillary suction from this precipitate will continue to 
draw brine inwards which may lead to deposits growing within the well-
bore. The ever-expanding salt deposit will lead to a continually increasing 
evaporative flux which will, eventually, reduce the local water pressure at 
the perforation. This reduced pressure in the defending phase will facilitate 
CO2 invasion and eventually deplete the brine source from the salt scale. 
The relative rates of evaporation into the wellbore and capillary suction 
will determine the amount of salt that can be transported by such a pro-
cess. This process is further complicated by the fact that the brine will pre-
cipitate both NaCl and CaCl2 within the very dry CO2 region; however, the 
brine itself will dissolve CaCl2. Consequently, the precipitated salts may be 
repeatedly dissolving and recrystallizing within the wellbore and surround-
ing rocks. This means that the suction forces may also vary considerably 
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through pore structure reorganization due to ongoing dissolution/ 
re-precipitation reactions.

Modelling of the flow field which develops around a CO2 injection 
well reveals that inward flows can develop near the lower perforations in 
response to the general upward drift of the buoyancy of the injected fluid 
(e.g. [7]). Under continuous injection, the modelling results indicate that 
this flow does not push fluids back into the wellbore; there seems always to 
be enough drive from the CO2 injection to keep the CO2 plume expanding 
albeit at different rates depending on depth. However, the lift that drives 
this inward flow will continue irrespective of the rate of CO2 injection. 
During extended shut-ins, it is conceivable that this counter-current flow 
will drive the bottom of the CO2 plume above some of the lower perfora-
tions in the wellbore. Should this occur, brine will flow out of the perfora-
tions back into the wellbore until the wellbore becomes filled to the level of 
the wet perforations, or the CO2 injection starts up to such an extent that 
the perforation can be invaded. Were this to occur, the potential to form 
salt is limited by the capacity of the presumably near stagnant CO2 column 
to absorb water.

Lacking information on when the salt deposits formed, it is not pos-
sible to ascribe a mechanism to the formation of any of the observed 
salts. However, it is possible to estimate the volume of water required 
to transport the precipitated salt. From Table 11.1, every litre of 
brine entering the wellbore carries solutes capable of depositing 180 
cc of salt on complete drying. Brine seepage through these precipi-
tates will preferentially dissolve the most soluble salts (presumably 
CaCl2 > MgCl2 > KCl), which will re-precipitate further from the 
brine source. Halite, once formed, is expected to be essentially inert 
as the invading brine is at or near halite saturation. However, irrespec-
tive of the eventual distribution of the particular salt types, the min-
imum amount of brine required to deposit the observed salt will be 
around six times the volume of salt that is observed. As an aside note, 
the total volume of the bottom 500 m of the injector is about 5000 L  
(or 10 L/m). CO2 injection rates at Aquistore can exceed 10,000 kg/hr; 
such a stream has the potential to dry some 60 kg of water per hour 
which would deposit around 8-10 L of salt per hour. Since the wellbore 
did not fill up with salt within the first month of operation, it means that 
the rate of salt deposition is limited by the rate of water ingress.

An accurate estimate of the mass of salt deposited in the wellbore can-
not be obtained from the available images. However, the total volume 
of precipitate is likely on the order of 25 L. This estimate is obtained by 
assuming that the bulk of the salt is found between 3365 m and 3410 m 
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(with a total volume of 450 L) and that in this region, the salt fills about 
10% of the available volume in the tubing. The porosity of the scale was 
arbitrarily assigned a value of 50%. Thus, some 150-200 L of formation 
brine leakage will provide sufficient fluid to deposit the salts observed 
within the wellbore.

The solubility of pure water in CO2 at downhole conditions, assumed to 
be 100 ⁰C and 35 MPa, is about 2.3 mole% [13]. At reservoir conditions, 
each metre of tubing will contain 160 moles of CO2 meaning that, under 
stagnant conditions, 3.6 moles of water can evaporate per metre of tubing. 
This is equivalent to 65 g H2O. Since the brine is both denser than water, 
and relatively water poor, some 90 mL of formation water, which would 
precipitate 15 mL of salt, can be evaporated to dryness by each meter of 
a standing column of dry CO2, assuming a density of 1300 kg/m3 for the 
brine. Presumably, solvation of water in the standing CO2 column will 
result in a density change in the CO2 rich phase; this could generate some 
density gradients that would initiate mixing, and consequently would 
increase the efficiency of evaporation.

A value of 15 mL of precipitated salt/m is lower than what observed in 
most locations where there is salt, but it is of the right order of magnitude 
for some of the more tubular deposits detected around individual perfora-
tions (e.g., Figure 11.2-a). These deposits could have formed shortly after 
CO2 injection, possibly during commissioning tests, by a process much 
like the self-enhanced growth described by Miri et al. [6]. The more brine 
required to form the massive deposit observed beginning in the third per-
forated zone (e.g., Figure 11.3-c), are likely due to a different driving flow. 
Additionally, the surface crust (Figure 11.4-a and -b) almost certainly is 
derived from evaporation of surface film left behind by a dropping column 
of brine.

11.4	 Conclusions and Remarks

Open perforations are demonstrated here to be a source allowing forma-
tion fluids back into CO2 injectors. The water in this backflow will rapidly 
evaporate into the dry CO2 rich fluids in the injector, and any associated 
salts will eventually precipitate. Since the formation water is saturated with 
respect to halite, salt precipitation will occur very near to the inflow site, 
and will continue until either the water detaches from the wall or evap-
orates to dryness. For the highly saline formation fluids at the Aquistore 
injection site, the volume of salts precipitated at total dryness will be on the 
order of 20% of the original fluid volume. Consequently, salt precipitation 



Salt Precipitation at an Active CO2 Injection Site  197

associated with any significant flux of water has the potential to disrupt 
CO2 injection in perforated zones below this water inflow.

A number of operational problems can be anticipated to arise due to the 
drying of any inflow and the associated salt precipitation. Firstly, many of 
the perforations in the injection well appear to be, at least, partially plugged 
by precipitated salts. Although these currently plugged perforations were 
likely never amongst those which received the greatest CO2 flux, continued 
salt deposition will result in the well underperforming in the long term. 
Such deposits may grow to eventually cover productive lower perforations. 
Additionally, scale which is dislodged will fall further clogging the lower 
reaches of the injection well. A final consideration is that the falling debris 
cause any water at the bottom of the well to become very saline, and highly 
corrosive.

Based on their analysis of a similar halide rich scale, Sminchak et al. [12] 
made several suggestions for minimizing the risk of scale buildup near the 
top of the injection zone. These include using of annular fluids that are 
unlikely to precipitate minerals in a dry (CO2) environment, and keeping 
the volume of fluids introduced into the well during well workover events 
low. Such measures will be effective when the source of the scale is the 
introduced water, but the results presented in this paper show that back-
flow of formation water into the injection well has the potential to also add 
significant volumes of scale into the injection well. Periodic injections of 
water would effectively remove the scale in the injector at the Aquistore site, 
although, unless sufficient water is used, the mobilized salts will remain 
in near wellbore pore spaces where they may end up re‑precipitating  
via formation dry-out.

Given that the mechanisms driving the backflow of water into the CO2 
injector at Aquistore are not yet fully understood, minimizing injection 
interruptions and injection variations would likely be beneficial in reduc-
ing the scale production, as at least some of the backflow into the injec-
tor will be driven by local pressure reductions. Most modelling studies 
of CO2 sequestration assume a constant injection rate (e.g., [7]), but this 
ideal will not be easily realized in practice. The observations presented in 
this study suggest that the consistent radial displacement of water away 
from the wellbore, predicted by these models, is not achieved in the field. 
Understanding behaviours, associated with transients in the injection rate, 
may also be critical in understanding flows in and around the wellbore 
during operations of actual CO2 injectors. Finally, the distribution of most 
of the salt in the Aquistore injector is associated with perforations in a zone 
with low injectivity. Scale formation in, and below, these zones may make 
the perforation of zones with only marginal injectivity counterproductive.
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Abstract
The carbon capture and storage (CCS) industry is developing rapidly worldwide, 
and projects are gradually turning from single-section items to whole-industry 
ones. The target of capture has expanded from power plants and natural gas pro-
cessing to steel, cement, kerosene, fertilizers, and hydrogen production. Among 
China’s CCS demonstration programs, use of carbon capture, utilization, and 
storage (CCUS) takes a main role. The scale of projects in operation and under 
construction is relatively small, but the scale of projects being planned is larger. 
High emission reduction cost has become the bottleneck in applications of CCS. 
Since the industry will develop from demonstration stage to industrial application 
in the future, national policies and carbon trading will be the main driving factors 
in the operation of CCS industrial chain, so for developing countries, in order 
to exploit the CCS techniques, it is more urgent to obtain technology and funds 
through market mechanism. Costs of CO2 sources are comprised of three main 
parts: capture, compression and transportation, all of which are affected by the 
scale of capture. The cost of capture is also related to the concentration of emission 
source. For the type of high CO2 concentration, the expense of compression takes 
the lead in accounting, and for the low CO2 concentration type is capture cost. 
Considering the tolerance of CO2 is lower than source cost for most oil fields, it is 
necessary to seek ways including technology, policies, markets, and so on to fill the 
gap and promote sustainable development.
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12.1	 Introduction

As one of the technical approaches in the global fight against climate 
change, Carbon capture and sequestration (CCS) has received extensive 
attention all over the world. According to the IEA, by 2050, among all the 
emission reduction technologies used to limit greenhouse gas concen-
tration to 450ppm, carbon capture, utilization, and storage (CCUS) will 
account for 20%. Nowadays, several main energy research institutes in 
the world, including the IEA, IEF and OPEC, as well as some organiza-
tions which actively advocate carbon reduction, have all agreed that CCUS 
technology will be the main carbon reduction technology in the future 

[1, 2]. Among the numerous carbon reduction technologies, CCUS has 
the following features: (1) It has a huge potential for emission reduction;  
(2) It will be well combined with fossil fuels; (3) CO2 could be utilized as a 
resource; (4) Costs for long-term emission reduction are relatively low. As 
a new industry, CCUS is still in the stage of research and demonstration in 
terms of the whole industry chain [3, 4].

12.2	 Characteristics of CCUS Project

12.2.1	 Distribution and Characteristics of CCUS Project

According to the statistics of GCCUSI, by May 2012, there were more than 
300 CCUS projects in the world, of which 74 were massive integrated items, 
14 were in operation and 52 were in planning. Figure 12.1 shows the dis-
tribution of the world’s large-scale integrated CCUS projects. It shows that 
most large-scale integrated items and the big amount of captured CO2 are 
mainly concentrated in North America and Europe, with 62%, followed by 
Canada, Australia and China [5, 6].

12.2.2	 Types and Scales of CCUS Emission Sources

Emission sources of large-scale integrated projects in the world cover sev-
eral categories, including power plants, natural gas treatment, syngas, coal 
liquefaction, fertilizer, hydrogen production, steel, refining and chemical 
industries (see Figure 12.2). Among them, the power plant has the largest 
amount of carbon capture (52%), followed by natural gas treatment (20%) 
and syngas (14%) [7].
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Considering the capture amount of an item on average, CO2 capture 
scale in the natural gas treatment, syngas, coal liquefaction and power 
plants is very large, up to 5.0~8.5 million tons per year, and the average 
capture amount of a single project is 2.0~3.7 million tons per year. The 
scale of fertilizer, hydrogen production, steel, oil refining and chemical 
industries is relatively small, ranging from 0.6~2.5 million tons per year, 
with an average of 0.9~1.2 million tons per year [8].
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Figure 12.1  Distribution of the world’s large-scale integrated CCUS projects.
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12.2.3	 Emission Scales and Composition of CO2 Emission 
Enterprises in China

Main types of emission sources in China are power plants, cement, steel, 
and coal chemical industry, accounting for 92% of the total, while the other 
4 categories account for only 8% (see Figure 12.3).

Among the emission sources collected, CO2 emissions from coal and 
electric power are about 10 million tons per year, while the CO2 emissions 
from companies like calcium carbide, refining, synthetic ammonia and 
polystyrene are relatively small, ranging from hundreds of thousands of 
tons to several million tons, mostly within 5 million tons per year (see 
Figure 12.4). CO2 emissions from coal chemical, steel and cement indus-
tries vary considerably, mostly from 1~30 million tons per year [9].

12.2.4	 Distributions of CO2 Sources in China

The distribution of carbon emission enterprises of the eight major indus-
tries is consistent with the population and economic development of China, 
mainly in eastern China, and relatively few in the west (see Figure 12.5). 
Most of them are power plants, cement, steel and chemical industries of low 
concentration. The sources of high concentration, including coal chemical 
industries, synthetic ammonia, calcium carbide and moderate concentra-
tion like polyethylene, are relatively small. Overall, abundant CO2 emission 
sources are all found near several main oilfields of PetroChina, such as 
Xinjiang Oilfield and Changqing Oilfield, which are surrounded by emis-
sion sources of relatively high concentrations, including enterprises of coal 

Pie Chart of CO2 Emission Constitution in China
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Figure 12.3  Pie chart of CO2 emission constitution in China.
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chemical, synthetic ammonia and calcium carbide. For Huabei Oilfield, 
Jidong Oilfield, and Dagang Oilfield, there are more medium concentra-
tion sources like polyethylene and low concentration sources like cement 
and electric power enterprises, while Daqing Oilfield and Jilin Oilfield in 
northeastern China are mainly surrounded by emission sources of low 
concentration, including thermal power plants, refineries and iron and 
steel enterprises [10].

12.2.5	 Characteristic Comparison Between Projects in China 
and Abroad

Among the world’s large-scale comprehensive CCUS projects in oper-
ation and implementation (under construction) in recent years, all the 
emission sources of the items in operation are high concentration indus-
tries like natural gas treatment, chemical fertilizer production and syn-
gas. For the execution items, CO2 are captured from power plants and 
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hydrogen production. For planning projects, capture targets extended to 
steel, cement, kerosene, chemical and other industries. The project scale is 
0.4-8.5 million tons per year, mostly more than one million tons per year. 
The distance of transportation is 0-315 kilometers, and most of which are 
more than 100 kilometers. As for the sequestration type, 62.5% of the proj-
ects in operation and execution are EOR projects, while the proportion of 
CO2-EOR items in planning projects is smaller, accounting for 46%. The 
number of saline layer sequestration projects has increased [11]. 

Compared with international items (see Table 12.1), there are less 
whole-industry-chain CCUS projects which are in operation and execu-
tion in China. Their scales are smaller, while the capture targets are rela-
tively monotonous. Pipeline transportation of long distance is hardly used. 
CO2 captured is mainly from the food and chemical industry and saline 
layer sequestration items are less.

Cement

Refining
Coal Chemical Industry

Polyethylene

Ammonia
Steel
Power Plant
Calcium Carbide

South China
     Sea Oilfield

Sichuan
    Oilfield

Dian-qian-gui
    Oilfield

Jianghan
    Oilfield

Henan
    Oilfield Jiangsu

    Oilfield

Shanbei
 Oilfield

Changqing
Oilfield Zhongyuan

   Oilfield

Huabei
   Oilfield Shengli Oilfield

Bohai Oilfield

Qinghai Oilfield

Tarim Oilfield

Tuha Oilfield

Karamay Oilfield

Yumen
     Oilfield Dagang

   Oilfield

Jidong Oilfield
Liaohe Oilfield

Jilin Oilfield

Daqing Oilfield

East China
     Sea Oilfield

Figure 12.5  Distributions of carbon sources in China.



Cost Analysis of CCUS Industry in China  207

Ta
bl

e 
12

.1
 C

ha
ra

ct
er

ist
ic

 co
m

pa
ris

on
 b

et
w

ee
n 

fo
re

ig
n 

an
d 

C
hi

ne
se

 p
ro

je
ct

s.

Ty
pe

A
br

oa
d

C
hi

na

W
ho

le
-I

nd
us

tr
ia

l-
C

ha
in

 P
ro

je
ct

M
or

e 
w

ho
le

-in
du

st
ria

l-c
ha

in
 p

ro
je

ct
s

M
or

e 
sin

gl
e-

se
ct

io
n 

pr
oj

ec
ts

Sc
al

e 
of

 P
ro

je
ct

M
os

t a
re

 m
or

e 
th

an
 1

06  to
n/

ye
ar

.
•	

Th
e 

sc
al

es
 o

f p
ro

je
ct

s i
n 

op
er

at
io

n 
an

d 
un

de
r c

on
st

ru
ct

io
n 

ar
e 

re
la

tiv
el

y 
sm

al
l 

(3
,0

00
-1

20
,0

00
to

n/
ye

ar
).

•	
Sc

al
es

 o
f t

he
 p

la
nn

in
g 

pr
oj

ec
ts

 w
ou

ld
 re

ac
h 

to
 

1-
5*

10
6 

to
n/

ye
ar

.

C
ap

tu
re

d 
O

bj
ec

t
•	

Em
iss

io
n 

so
ur

ce
s o

f p
ro

je
ct

s i
n 

op
er

at
io

n 
an

d 
un

de
r c

on
st

ru
ct

io
n 

ar
e 

fr
om

 n
at

ur
al

 
ga

s t
re

at
m

en
t, 

fe
rt

ili
ze

r p
ro

du
ct

io
n 

an
d 

sy
ng

as
 w

hi
ch

 a
re

 h
ig

h 
co

nc
en

tr
at

io
n.

•	
Fo

r e
xe

cu
tin

g 
pr

oj
ec

ts
 a

re
 fr

om
 p

ow
er

 
pl

an
ts

 a
nd

 h
yd

ro
ge

n 
pr

od
uc

tio
n 

co
m

pa
ni

es
.

•	
Fo

r t
he

 p
la

nn
in

g 
pr

oj
ec

ts
, c

at
eg

or
ie

s 
of

 c
ap

tu
re

d 
ob

je
ct

s e
xp

an
de

d 
to

 st
ee

l, 
ce

m
en

t, 
ke

ro
se

ne
 a

nd
 ch

em
ic

al
 in

du
st

ry
.

•	
C

ap
tu

re
d 

ob
je

ct
s o

f p
ro

je
ct

s i
n 

op
er

at
io

n 
an

d 
un

de
r c

on
st

ru
ct

io
n 

co
m

e 
fr

om
 p

ow
er

 p
la

nt
s a

nd
 

se
pa

ra
te

d 
na

tu
ra

l g
as

.
•	

Fo
r t

he
 p

la
nn

in
g 

pr
oj

ec
ts

 a
re

 fr
om

 p
ow

er
 p

la
nt

s 
an

d 
co

al
 li

qu
ef

ac
tio

n.

(C
on

tin
ue

d)



208  Gas Injection into Geological Formations and Related Topics

Ta
bl

e 
12

.1
 C

ha
ra

ct
er

ist
ic

 co
m

pa
ris

on
 b

et
w

ee
n 

fo
re

ig
n 

an
d 

C
hi

ne
se

 p
ro

je
ct

s. 
(C

on
tin

ue
d)

Ty
pe

A
br

oa
d

C
hi

na
Tr

an
sp

or
ta

tio
n

M
os

t i
te

m
s 

ar
e 

gr
ea

te
r 

th
an

 1
00

 k
m

, a
nd

 th
e 

lo
ng

er
 o

ne
 is

 u
p 

to
 3

15
km

.
•	

Pi
pe

lin
e 

tr
an

sp
or

t o
nl

y 
ar

e 
us

ed
 in

 Ji
lin

 a
m

on
g 

al
l 

pr
oj

ec
ts

 in
 o

pe
ra

tio
n 

an
d 

un
de

r c
on

st
ru

ct
io

n.
 Th

e 
di

st
an

ce
 is

 2
5k

m
.

•	
In

 th
e 

pl
an

ni
ng

 p
ro

je
ct

s, 
th

e 
lo

ng
 d

ist
an

ce
 o

f 
pi

pe
lin

e 
tr

an
sp

or
t c

ou
ld

 re
ac

h 
10

0-
20

0k
m

.
Ty

pe
 o

f S
eq

ue
st

ra
tio

n
•	

Th
e 

se
qu

es
tr

at
io

n 
of

 p
ro

je
ct

s i
n 

op
er

at
io

n 
an

d 
un

de
r c

on
st

ru
ct

io
n 

is 
EO

R 
m

et
ho

d 
(6

2.
5%

).
•	

Fo
r t

he
 p

la
nn

in
g 

ite
m

s, 
pr

oj
ec

ts
 

se
qu

es
tr

at
io

n 
by

 sa
ltw

at
er

 la
ye

rs
 in

cr
ea

se
 

(5
4%

).

•	
Fo

r p
ro

je
ct

s i
n 

op
er

at
io

n 
an

d 
un

de
r c

on
st

ru
ct

io
n,

 
m

os
t o

f w
hi

ch
 a

re
 fo

od
 a

nd
 ch

em
ic

al
 u

til
iz

at
io

n.
 

EO
R 

an
d 

sa
ltw

at
er

 la
ye

r s
eq

ue
st

ra
tio

n 
ar

e 
al

so
 

ad
op

te
d 

in
 a

n 
ite

m
 se

pa
ra

te
ly.

•	
Fo

r t
he

 p
la

nn
in

g 
pr

oj
ec

ts
, s

eq
ue

st
ra

tio
ns

 o
f 

sa
ltw

at
er

 la
ye

rs
 a

nd
 a

ba
nd

on
ed

 o
il 

re
se

rv
oi

rs
 a

re
 

co
ns

id
er

ed
.



Cost Analysis of CCUS Industry in China  209

12.3	 Industry Patterns & Driving Modes

12.3.1	 CCUS Industry Patterns at Home and Aboard

According to the combinations of capture, transportation, utilization 
and sequestration in the CCUS industry, three industry patterns at home 
and abroad can be divided. We can find the following features of each 
combination:

1.	 CU type: the capture - utilization combination, means that 
the captured CO2 is directly used in the chemical, refriger-
ation and beverages. For instance, the 120,000-ton flue gas 
capture project in the Shanghai Shidongkou power plant, 
which is supported by the Huaneng Group, is used for the 
food industry.

2.	 CTUS type: the capture - transport - utilization - seques-
tration combination, such as the Enid fertilizer project in 
Oklahoma, US. The captured gas, amount of which is 68 
million tons per year, transported by land-land pipeline 
used for CO2 drive in oil reservoirs.

3.	 CTS type: the capture - transport - sequestration combi-
nation, like Norway’s Sleipner project, undertaking in the 
North Sea, and captured CO2 will be injected into saline 
layers.

On the part of the world’s large-scale comprehensive projects, the United 
States, Canada and the Middle East are dominated by the CTUS-EOR 
industry pattern, while in Europe and Australia-New Zealand, CTS- saline 
layer and abandoned oilfields are the most. Among the 74 large-scale inte-
grated projects, CTUS (CO2-EOR) projects exceeded both in the number 
of items and capture amount in the projects in operation and execution. 
For planning ones, however, the number of CTS projects (sequestration of 
saline layers or abandoned oilfields) is in a dominant position.

In China, more attention is paid to the utilization of CO2 for projects in 
operation and construction. Therefore, the CU model becomes the main 
industry pattern, while there are less whole-industry-chain projects with 
CUS or CTUS patterns. Among the planning of large-scale projects, the 
whole-industry-chain and permanent-sequestration items with CTUS or 
CTS patterns have increased [12, 13].
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12.3.2	 Driving Modes of CCUS Industry

Basically, public funds, national incentive policies, tax (carbon tax), man-
datory emission reduction and carbon trading are five driving modes to 
the development of CCUS industry at present. The progress of CCUS tech-
nology will also bring about a lower cost, and further promote the devel-
opment of the industry [14].

Incentive policy: investment and subsidy from government
Incentives include investments and subsidies from government or orga-
nizations, tax breaks for mining royalties, CO2 price guarantees as well as 
government guarantees for investment loans and low-interest loans.

Financial support: developed countries have funded CCUS projects 
with $26-36 billion, most of which was provided to power systems. And 
CCUS industry projects in Canada, Australia and Europe are also eligible 
for funds. Several other agencies have also funded the CCUS programs.

Tax breaks for royalties: the 2008 Emergency Rescue Act in the US 
amended the tax credit for investment in advanced coal and coal gasifica-
tion projects. For advanced coal capture and sequestration projects with 
emission reduction of more than 65%, the tax credit of $1.25 billon could 
be increased, up to 30% of its cost, while for coal gasification projects that 
reduce emissions by more than 75%, the number is $250 million.

CO2 price guarantee: the Contracts for Difference (CFD), introduced 
in the draft of the UK Energy Act is a long-term transitional mechanism, 
used for different arrangements for CCUS, renewable energy and nuclear 
energy. In order to provide energy, a project always needs to receive a con-
stant price model (also known as “exercise price”) effectively through the 
protocol of CFD. If the exercise price is higher than the wholesale price of 
power market, the generator will receive funding for the difference; on the 
contrary, if the price in the power market is higher than the exercise price, 
the generator will compensate for the difference. Exercise price will be set 
at a level sufficient to support different types of technology.

Government guarantees for investment loans and low-interest loans are 
also incentives.

Improvement of carbon pricing mechanism 
The improvement of carbon pricing mechanism includes carbon tax and 
carbon trading market.

Concerning the increase of global carbon dioxide emissions and the 
pressure on carbon taxation, the carbon tax system has become the main 
policy for developed countries to promote the emission reduction of 
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domestic enterprises. A carbon tax system is established to control green-
house gas emissions, and on the other hand, carbon tax can provide a price 
signal for carbon emissions externalities. 

The carbon tax system was first introduced in 1990 in Finland, fol-
lowed by other countries like Sweden, Norway, the Netherlands, Denmark, 
Slovenia, Italy, Germany, Britain and Switzerland. In 2010, the National 
Development and Reform Commission (NDRC) and the Ministry of 
Finance jointly issued a special report on the Framework Design of China’s 
carbon tax system and put forward a proposal for the levy of carbon tax. 

Carbon trading, or greenhouse gas emissions trading, means a party of 
the contract can obtain a reduction amount of greenhouse gas emission 
by paying the other. Carbon trading can be divided into two sorts: one is 
quota-based trading, where buyers buy emission-reduction quotas under 
a “cap-and-trade” system. The other is project-based trading, where buyers 
buy emissions reductions from projects that prove to reduce greenhouse 
gas emissions like the clean development mechanism (CDM).

At present, many CCUS projects are in the stage of research and 
demonstration, the main drivers of which are the government’s financial 
support and national incentive policies, as well as taxation or other fac-
tors. Mandatory emission reduction and carbon trading market might 
become the main driving factors when the industry moves from the stage 
of demonstration to commercial operation.

The progress of CCUS technology: a lower cost 
The progress of CCUS technology itself can bring about a lower cost, and  
further promote the development of industry. The development of CCUS 
technology includes expansions of transport and sequestration, reduced capi-
tal costs and technological improvements. Early estimates of the experimental 
costs for small-scale projects are lower than those observed costs in subsequent 
large-scale applications. Due to the changes in design and improvements in 
the early state of commercial production, the cost always increases; but then 
will decrease with the more mature technology and the gained experience. 

Measures to reduce the cost of CO2 emission reduction include: expanding 
the scale of transport and sequestration, increasing the utilization; enhanc-
ing the financial capacity of CCUS chain, reducing investment risks, enhanc-
ing investors’ confidence for projects; improving the capture technology and 
expanding the capture capacity, as well as improving the engineering design 
and performance of projects. Capture cost is the main component in cost of 
emission reduction. The study shows that the capture cost is 24% lower in 
the early stage of commercialization than in the stage of demonstration, and 
34% lower in the stage of mature commercialization (see Table 12.2).
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12.4	 Composition & Factors of CO2 Source Cost
The CO2 source cost mainly includes capture cost, compression cost and 
transportation cost. At present, there are three kinds of estimation of CO2 
capture investment in power plants and industrial enterprises: engineer-
ing quantity, regression and scale index (scale factor). The method of scale 
index was used in this article, when the compression and transportation 
costs were calculated through the method studied by David L. McCollum 
and Joan M. Ogden at the University of California, Davis, USA [15].

Factors influencing CO2 source cost include CO2 flow, emission concen-
tration and transportation distance.

For capture cost, the main factors are emission concentration and flow 
rate. When the concentration is at a high level, the capture cost is low, and 
vice versa. At the same concentration, the capture cost decreases with the 
increase of CO2 flow rate. The influence degree, however, varies with the 
concentration. The effect of flow rate is more obvious when CO2 concen-
tration is low. This is shown in Figure 12.6a. 

As for compression cost, the main factors are CO2 flow and transporta-
tion distance (which is at a limit of 50 km). The trend that CO2 flow affects 
the cost appears as: in some flow range, the compression cost decreases 
with the rise of CO2 flow. When the flow reaches a certain scale, the com-
pression chains need to be increased because of the rise of the compres-
sion power, which improve costs of investment and operation, thus cause a 
jump of the curve. This is shown in Figure 12.6b. 

For transportation cost, the main influence factors are transportation 
distance and CO2 flow. Transportation cost increases in power function 
with the rise of distance and decreases in power function with the increase 
of CO2 flow. The longer the distance is, the faster the decreasing speed is. 
Transportation costs are shown in Figure 12.7. 
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For CO2 sources of high concentration, compression cost has a dom-
inant place of 90%, with the cost about 54~83 yuan per ton; for medium 
CO2 concentration the main part is capture cost, accounting for about 60%, 
and compression costs accounted for about 35%, while most of the cost at 
125~227 yuan per ton. As for CO2 source of low concentration, capture 
cost is accounted for 80%, while the source cost is 300~400 yuan per ton 
(see Figure 12.8).

The bearing capability for CO2 is lower than the source cost in most oil-
fields, thus the gap between them needs to seek technology, policies, mar-
ket and other ways to fill in order to forge ahead and continuously develop. 
According to the above results, two means could be considered to improve 
the situation gradually [16, 17].
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On the one hand, the CO2 source could be taken into account for the 
tendency of the future cost reduction to fill the cost blank. The CO2 source 
cost reduction mainly refers to the capture cost of the origin, thus for the 
supply source which owns origins of low concentration and high capture 
cost, the effect on increasing the financially feasible projects of oil areas is 
obvious. If the cost of CO2 source is reduced by 20% ~30% or even lower, 
the number of financially feasible oilfields could be greatly increased.

On the other hand, policy benefits could be considered throughout 
the links of sequestration in reservoirs, including reducing resource tax 
or granting certain sequestration subsidies. Then the development scales 
of CCUS projects of enterprises could be expanded in a great way, espe-
cially at low oil price. For some oil areas, it is necessary to rely on policy 
support. The CO2 bearing capacity of each oil field is evaluated with the 
assumption that resource tax exemption and granting sequestration subsi-
dies respectively.

If the CO2 source cost is reduced, and the preferential policies such as 
exemption of resource tax or the granting of sequestration subsidies are 
adopted, the supply cost could be decreased from sources; meanwhile the 
capacity cost in sequestration is also able to be improved, so that the num-
ber of financially feasible oilfields can be greatly increased.

12.5	 Conclusions

1.	 The types, distributions, scales and features of CCUS proj-
ects in China and abroad are compared and analyzed. The 
target of capture has expanded from power plants and natu-
ral gas processing to steel, cement, kerosene, fertilizers, and 
hydrogen production. CCUS projects are gradually turning 
from single-section items to whole-industry ones, of which 
scales become larger and larger with a broad prospect. 

2.	 According to the combination of capture, transportation, 
utilization and sequestration of CCUS industry, the CCUS 
industry models at home and abroad can be divided into 
three types: CU, CTUS, and CTS. The five industry driving 
modes include government and public funds, state incen-
tives, taxes (carbon tax), mandatory emission reduction and 
carbon trading.

3.	 Cost of CO2 sources is comprised of three main parts: 
capture, compression and transportation, all of which are 
affected by the scale of capture. The cost of capture is also 
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related to the concentration of emission source. For the type 
of high CO2 concentration, the expense of compression 
takes the lead in accounting, and for the low CO2 concen-
tration type is capture cost. For most oil fields, the tolerance 
of CO2 is lower than source cost, and ways like technology, 
policies and markets are needed to fill the gap.
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Abstract
This study benefits from the availability of unique field data on tracking of injected 
CO2 plume movement in the reservoir using results of reservoir fluid chemical 
composition monitoring, CO2 plume and injection impact delineation, and study-
ing effects of faults and naturally occurring fractures on fluid movement gathered 
from a field located in Kansas, USA. Approximately 20,000 metric tons of CO2 
were injected in the top sequence of the Mississippian age carbonate reservoir at 
Wellington Field in South Central Kansas to evaluate potential for CO2 Enhanced 
Oil Recovery (EOR) and to estimate potential of transitioning to geologic CO2 
storage through EOR. This paper focuses on tracking of CO2 plume movement 
in the reservoir using results of reservoir fluid chemical composition monitor-
ing, CO2 plume and injection impact delineation, and studying effects of faults 
and naturally occurring fractures on fluid movement at the Wellington Field. We 
found that one of the identified and mapped faults worked as a partial barrier to 
CO2 movement and the associated damage zone and fracture network performed 
as a flow conduit, determining CO2 flow paths.

Keywords:  CO2 EOR, CO2 geologic storage, CO2 plume delineation, reservoir 
fluids movement, carbonate reservoirs, MVA, mid-Continent USA
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13.1	 Introduction

Carbonate reservoirs are notoriously complex and very difficult to char-
acterize and study. The main objectives of this study are: to determine 
whether or not geochemical interactions of injected carbon dioxide (CO2) 
gas with formation minerals and brine have any effect on fluid flow in the 
reservoir and Enhanced Oil Recovery (EOR) performance in general; to 
investigate whether or not brine geochemistry signatures can be used to 
identify potential field compartmentalization; and to evaluate potential 
impact of mineralization on CO2 storage.

This study benefits from the availability of unique field data on track-
ing of injected CO2 plume movement in the reservoir using results of res-
ervoir fluid chemical composition monitoring, CO2 plume and injection 
impact delineation, and studying effects of faults and naturally occurring 
fractures on fluid movement gathered from a field located in Kansas, 
USA. 

Approximately 20,000 metric tons of CO2 were injected in the top 
sequence of the Mississippian age carbonate reservoir at Wellington Field 
in South Central Kansas to evaluate potential for CO2 Enhanced Oil 
Recovery (EOR) and to estimate potential of transitioning to geologic CO2 
storage through EOR. 

Collected organic and inorganic components measured concentration 
data from the field will be organized and compared to existing labora-
tory and field results; geochemical modelling will be performed at various 
scales, including equilibrium, kinetic rate, and field scale reservoir mod-
elling; results will be compared with existing data from several other car-
bonate reservoirs, including Weyburn CO2 EOR, Permian Basin floods, 
and others; and core flood experimental results from the Wellington field 
and other projects will be compared with field observations and modelling. 
Once geochemical data are analyzed, it will be important to compare field 
performance and flow patterns with observed geochemical changes and 
attempt to find correlations and quantify impact of geochemical reactions 
on field performance. 

Recent studies [1 3] and indications from industry [4] verify the impor-
tance of Kansas as a central region for a future of Carbon Capture and 
Storage (CCUS) in Midwest USA. When a source of CO2 becomes available 
in the region, many other reservoirs that are very similar to the Wellington 
Field with 250-350 million barrels of oil to be recovered [1] will benefit 
from current research findings. 

–
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13.2	 Wellington Field Faults and Fractures

Based on core observations, Formation Micro Imaging (FMI), dipole- 
dipole sonic logs, and regional earthquake focal mechanism analysis, the 
fracture intensity for a selected upper 35 m (115 ft) of Mississippian reser-
voir was present but estimated as low. Additional well test analysis and 3D 
seismic analysis reveal at least 12 vertical faults with NNE orientation in 
the Wellington Field reservoir and adjacent Anson Bates Field [5]. 

Previous investigations by [6] and [7] mapped reservoir thickness 
and porosity distribution at Wellington field. Later, 3D P-wave reflec-
tion seismic quantification of azimuthal anisotropy in the Mississippian 
cherty dolomite was performed, using Amplitude Variation with Azimuth 
(AVAZ) pre-stack method, which is linked to the subsurface stress field, it 
was possible to map fracture density and orientation in the Mississippian 
reservoir (Figure 13.1) [8].

Azimuthal analysis of the 3D P-P wave data collected in Wellington pro-
vides a sense of the anisotropy in the top of the Mississippian and Arbuckle. 
A defining feature observed in both is a fault that trends northeast through 
the injector/producers pattern between KGS 2-32 CO2 injector and pro-
ducer well #62 (Figure 13.1). The fault is associated with discrete facies 
changes across the field described in [6, 7]. The perceived fracture pattern 
surrounding the fault in the Arbuckle is also within the range of σH and 
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fracture orientations as determined from [8]. Results are consistent with 
observed rock properties known to cause detectable variations in seismic 
data; fracture and maximum horizontal stress direction. Large-scale fea-
tures such as faults are indirectly observed by its effect on the surround-
ing material. Fractures observed in FMI logs are consistent with patterns 
observed in the Wellington field seismic azimuthal analysis.

13.3	 EOR Field Operations and Production/ 
Injection History

The CO2 was transported to the site in trucks in liquid state at a pressure 
of approximately 17 bar and temperature of -24°C in a liquid state with 
each truck delivering 20 tons of CO2. Surface facilities consisted of: seven 
portable tanks that could hold up to 70 tonnes of cooled and pressurized 
CO2 delivered by tracks; pump system; programmable logic controller 
that can manipulate the control valve in order to not exceed the maxi-
mum specified flow rate and to ensure that the bottom hole pressure in the 
injection well does not exceed the maximum allowable pressure. Total of 
1,101 truckloads, 19,803 metric tons, average of 120 tonnes per day were 
delivered over the course of injection that lasted from January 9 to June 
21, 2016. 

After cessation of CO2 injection, KGS 2-32 well was converted to a water 
injector and it currently continues to operate as such. CO2 EOR progres-
sion in the field was monitored weekly with fluid level, temperature, and 
production recording, and formation fluid geochemical composition sam-
pling. As a result of CO2 injection, the observed incremental average oil 
production increase was about 68% (Figure 13.2), with only about 18% of 
injected CO2 produced back. 
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Figure 13.2  Oil production history for a CO2 EOR flood period of December 2015 to 
December 2016 at relevant tank battery.
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[9] explain field operations in more details. The CO2 injection schedule 
is provided in (Figure 13.3). Note that the first CO2 injection test was per-
formed in mid-December, 2015, where a few hundred tonnes of CO2 were 
injected. On January 9, 2016, regular operations started. In mid-March, 
2016, CO2 injection stopped for field maintenance for several days and 
resumed until full stop on June 21, 2016.

13.4	 Geochemical Monitoring Survey Setup

Geochemical water analysis of organic and inorganic components was per-
formed in order to understand if this method could be used as an early 
CO2 detection system, as a plume location and containment method, and 
in order to understand a degree of impact of CO2 on mineral composi-
tion, detect changes in water and rock geochemistry as a result of injec-
tion. Along with geochemical survey, pressure and production data was 
recorded at wells and tank batteries.

Wellington Field reservoir does not have gaseous component in pro-
duction. Gas separating units are not installed normally on wells and gas 
pressure is negligible. Therefore, the CO2 breakthrough could be easily 
detected and recorded by installing gas separating units on each well where 
CO2 breakthrough was anticipated and on tank batteries. 

Baseline data for chemical composition of reservoir brine was recorded 
on several occasions prior to CO2 injection: in 2011 and 2012 during well 
drilling operations at the start of a project (characterization phase), in 2015 
as a part of background geochemical survey and as a part of KGS 2-32 CO2 
injector drilling operations, and in 2016 as a repeat background survey. 
In total, 52 wells and two tank batteries were sampled as a part of baseline 
survey. The range for baseline pH was recorded on May 12, 2015, and on 
January 20, 2016, as 4.9 min and 6.5 max with 5.5 median. The range for 
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Figure 13.3  CO2 injection schedule for a CO2 EOR flood period of December 2015 to 
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baseline alkalinity was recorded on May 12, 2015, and on January 20, 2016, 
as 31 mg/l min and 152 mg/l max with 75 mg/l median. 

Based on reservoir simulations, wells surrounding CO2 injector were 
grouped in three areas: two inner circles with the radiuses of 182 m and 
460 m. Wells within first radius were sampled weekly during the course of 
CO2 injection and after injection commenced in June 2016 until January 
2017 were tested semi-monthly until mid-2017. Wells within radius of  
1 km around KGS 2-32 were sampled after initial breakthrough at the 
wells of the first inner circle; however, sampling interval for these wells was 
chosen according to flood performance and was not strictly set from the 
beginning of the injection. In total, sampling and water chemistry analysis 
of 17 wells surrounding CO2 injector well were performed. 

Additional water chemistry analysis on 17 selected for sampling wells 
was performed by contracting Baker and Hughes Oilfield Services in order 
to check for possible errors and to compare results from two separate 
laboratories. 

Total dissolved solids and pH measurements were analyzed in the field 
and alkalinity analysis was performed in the lab shortly after sample arrival 
(within 2-3 days). These results were used as an early detection for CO2 
arrival at well locations. The geochemical survey design and methodolo-
gies were outlined in more detail in [9].

13.5	 Geochemical Monitoring Survey Observations

The CO2 gas production registered by gas separating units was recorded 
at only 5 wells (Figures 13.1 and 13.4). Well proximity also did not assure 
CO2 breakthrough: wells to the west of the injector and to the west of the 
described fault produced CO2 and experienced oil production improve-
ment within weeks since the start of injection. Wells to the west of the 
injector and across the mapped fault experienced CO2 breakthrough only 
several months after the start of injection and oil production improve-
ments were marginal.

Continuous geochemical monitoring showed that the alkalinity has 
noticeably increased (Figure 13.5) and pH has decreased in 17 of the contin-
uously monitored wells and some randomly sampled wells around the CO2 
injector. The alkalinity increase was most noticeable at 5 wells with CO2 break-
through and recorded production: well 53 recorded a maximum of 622 mg/l, 
while other wells had maximums at 583, 580, 307, and 229 mg/l (Figure 13.5). 
Alkalinity increases correlated with produced CO2 volume. Wells to the west 
of a fault had higher production volumes and alkalinity increases.
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Alkalinity increases and pH decreases were also recorded at other 
wells beyond the zone with CO2 production (Figure 13.6). Wells 45 and 
69 observed the most noticeable increase in alkalinity: 165 and 109 mg/l 
respectively. Alkalinity departures from a baseline and CO2 gas detec-
tions were recorded as far away as well 136A to the north of CO2 injec-
tor. Wells 1 and 2 to the South and South-West of CO2 injector recorded 
a CO2 pressure for a brief period of one or two days and were reported 
by a neighboring operator (Figure 13.1). After this initial breakthrough 
at wells 1 and on in mid-March, wells were monitored but no indications 
of CO2 pressure nor alkalinity increases were detected; however, these 
wells did report oil production increase. Alkalinity increase could be 
observed on tank batteries as well and it is correlated with oil produc-
tion increase. 
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Figure 13.4  Stacked area plot of metered CO2 production at installed gas separators 
through time.
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Although the statistical modeling is yet to be completed, it is safe to 
assume that alkalinity increase in produced brine is correlated with CO2 
injection and movement in the reservoir; however, pH decrease patterns 
require statistical modeling to be used as indicators. In addition, alkalinity 
increases seem to correlate with oil production increases (Figures 13.7 and 
13.8); however, statistical modeling will better verify this hypothesis.

Based on this preliminary analysis the CO2 plume was delineated. The 
reservoir modeling forecast [9] could be interpreted as in agreement with 
field data; however, more analysis on CO2 concentrations in the reservoir 
is desirable. 
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13.6	 Conclusions

CO2 movement seem to correlate with mapped faults and discrete fracture 
network (Figure 13.1). Based on presented observations, it is hypothesized 
that CO2 movement in the reservoir was affected by (1) major structural 
elements and associated depositional and other changes in reservoir prop-
erties, and (2) fluid movement in the fracture network. The first phenom-
enon explains fluid delivery across the fault and the second phenomenon 
explains the discrepancy between actual CO2 production and observed ele-
vated alkalinity and decreased pH in the produced brine.

The major fault that is mapped in between CO2 injector and producer 
62 to the East acts as a partial barrier to fluid flow and associated frac-
ture network enhances fluid flow and helped to deliver CO2 to the wells 
along and to the West of a fault. Fractures, acting as conduits to CO2 flow, 
could not, however, deliver large volumes of CO2 to the wells beyond the 
“inner circle” of wells. Therefore, the fracture flow could not be directly 
translated into matrix flow. The preliminary volumetric calculations sup-
port this explanation of CO2 movement and concentrations at Wellington 
carbonate reservoir. 
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Abstract
Carbon dioxide injection, with the development of carbon dioxide capture technol-
ogy, is regarded as a promising method for enhanced oil recovery (EOR). Miscible 
flooding of carbon dioxide EOR theoretically provides a high recovery factor. 
However, there exists a minimum pressure requirement to achieve miscible flood-
ing, which is minimal miscible pressure (MMP). 

The study in this paper investigates the carbon dioxide flooding based on simula-
tion. The feasibility of reducing minimal miscible pressure by enriching the injected 
carbon dioxide is first analyzed through phase behavior simulation. Then, a carbon 
dioxide flooding test has been simulated and compared with real laboratory data. The 
sensitive parameters in carbon dioxide flooding were ranked in sensitivity analysis and 
updated through inverse history matching. The updated relative permeability curves 
not only reflect a residual oil saturation reduction due to the carbon dioxide interact-
ing with a fluid but also reduce the uncertainty of measurement in laboratory tests.

Keywords:  Carbon dioxide flooding, minimal miscible pressure, sensitivity 
analysis, history match

14.1 	 Introduction

After conventional primary and secondary oil recovery processes of reser-
voir fluids, there is usually a large amount of oil trapped and unrecovered 
in a reservoir. This residual oil is a target for enhanced oil recovery (EOR) 
techniques that contribute and help overcome the ever-increasing energy 
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demand in the future. Secondary recovery, water flooding, for example, 
can only reach a 50% recovery factor; then production comes to tertiary oil 
recovery or enhanced oil recovery [1]. Some EOR methods are conducted 
by injecting solvent or gas, among which CO2 EOR is one possible method 
of the tertiary oil recovery. Carbon dioxide, as a greenhouse gas, has always 
aroused public attention and requires treatments like carbon dioxide stor-
age. Owing to carbon dioxide’s physical properties, carbon dioxide can 
form miscible flooding with crude oil underground under certain condi-
tions. In this way, carbon dioxide has been proven and utilized as a good 
solvent for CO2 miscible flooding. With miscible flooding, an interface 
force is approximately zero and thus the recovery factor can be dramatically 
increased and reach over 90% [2]. One limitation of the CO2 EOR process 
is pressure; the CO2 miscible flooding can only be feasible when the res-
ervoir pressure is above the minimal miscible pressure which is also called 
MMP (see Figure 14.1). The MMP can be experimentally estimated or sim-
ulated. For those reservoirs whose pressure is below MMP, the CO2 EOR  
process may not promise a high recovery rate and economic production. 

Also, in most reservoirs, the minimum miscible pressure when injecting 
pure carbon dioxide is above the formation fracture pressure, which is not 
preferred in a real case. The idea is to look for a possible and economical 
method for reducing the system minimal miscible pressure and, finally, 
reaching the miscible flooding.
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Figure 14.1  Schematic view of the miscibility gap of the system CO2/crude oil and the 
influence of additive addition on the miscibility gas, with the MMP [3].
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Based on a simulation method, this paper studies reducing the miscible 
pressure of carbon dioxide injection and updating the sensitive parameters 
through inverse history matching during the carbon dioxide injection. 

14.2	 Phase Behavior Study

Common miscible flooding includes first contact miscible and multiple 
contact miscible. Related phase diagrams are illustrated below.

Figure 14.2 (a) illustrates the first contact miscible flooding phase behav-
ior. The oil sample lies closer to the side of the lighter components (C1-6). 
The line contact with pure carbon dioxide and the oil sample illustrates the 
mixture of these two fluids. From the phase diagram, a two-phase enve-
lope lies on the left side of the triangle envelope. In case a), the mixture of 
carbon dioxide and the oil sample will not separate into two phases. This 
condition is called first contact miscible. However, the pressure required 
for first contact miscible is usually too high to reach or greatly above the 
formation fracture pressure. In a real case, it is rare to achieve carbon diox-
ide first contact miscible flooding. 

In Figure 14.2 (b), the oil sample lies between the light components  
(C1-6) and heavy component (C7+). The mixture of carbon dioxide and 
the oil sample will fall into the separate process. However, when mixing, 
the fluids will be separated into gas and liquid. The gas including injected 
carbon dioxide and intermediate component (C2-6) always moves faster 
than the separated liquid in a reservoir. The enriched gas will contact with 
the original oil and finally become miscible. This process is called a vapor-
ized and condensate process or multiple contact miscible [4]. The multiple 
contact miscible pressure is less than the first contact miscible pressure. 
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Figure 14.2  Schematic view of the phase triangles of CO2 flooding process at constant 
temperature and pressure. (a) First contact miscible, (b) multiple contact miscible, and 
(c)  immiscible [3].
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However, the multiple contact miscible pressure is still not easy to reach 
for many reservoirs or the MMP is greater than the formation fracture 
pressure [5]. Thus, a reduction in multiple miscible pressure is necessary to 
promise the feasibility of carbon dioxide flooding projects.

In Figure 14.2 (c), more heavy components exist in the oil sample 
compared with the previous two samples. The mixture of carbon dioxide 
always lies into the two-phase zone. Even when the vaporization occurs 
and injected carbon dioxide is enriched, the mixture still lies in the two-
phase envelope. This implies that the carbon dioxide miscible flooding is 
not feasible for heavy oil. However, the vaporization characterization of 
carbon dioxide has been applied for some heavy oil or bitumen recovery 
(VAPEX). 

14.3	 Simulation Study

14.3.1	 Fluid Sample Properties 

The fluid sample composition and related PVT lab data in this study is pro-
vided by CMG. Fluid sample components and mole fractions are shown below.

PVT properties are general terms to express the phase behavior of a 
reservoir fluid as a function of pressure and temperature. Basic fluid PVT 
tests include saturation pressure, separator, constant composition expan-
sion, differential liberation, and swelling tests.

In the simulation study, the components of the reservoir fluid are first 
lumped into several pseudo components and the difference between the 
lumped fluid phase envelop and unlumped fluid phase behavior is min-
imized [6, 13]. Then an equation of state will be tuned by regression of 
different PVT test results to reflect the phase properties of this fluid.

14.3.2	 Phase Behavior Simulation

In the simulation study, CMG-Winprop is used to characterize the res-
ervoir fluid by using lab data. The purpose of this part is to use lab 
data to characterize reservoir data by using the CMG-Winprop phase 
simulator.

Winprop is an equation of state-based fluid behavior and PVT model-
ling package. In Winprop, laboratory data for fluids can be imported and 
an equation of state can be tuned to match its physical behavior [7]. The 
supplied data for reservoir oil contains a description of associated single 
carbon numbers and their fractions, and saturation pressure, separator, 
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constant composition expansion, differential liberation and swelling test 
results. The full composition is given in Table 14.1.

Due to the complexity of numerical simulation methods, it is not feasi-
ble to run models with 30 components. As such, a method for combating 
long run time is to lump similar components together into pseudo compo-
nents, as shown below in Table 14.2. However, when lumping, the interac-
tion between those components in one lump is not considered. Thus, the 
next step in a simulation study is to use regression to tune the equations of 
state to match the laboratory data. 

In the regression part, properties of lumped compositions are tuned, 
such as critical pressure and temperature, interaction coefficient expo-
nents and volume shift parameters, in order to match the provided lab data 

Table 14.1  Fluid sample components and mole fractions.

Components Mole fractions Components Mole fractions

CO2 0.011829992 C14 0.014488207

N2 0.001609801 C15 0.013373729

CH4 0.115410332 C16 0.010649451

C2H6 0.060057952 C17 0.00903965

C3H8 0.064763523 C18 0.009658805

IC4 0.022165718 C19 0.008172835

NC4 0.047551038 C20 0.005324726

IC5 0.032815169 C21 0.003962586

NC5 0.037025418 C22 0.003219602

FC6 0.065135016 C23 0.002352786

C7 0.084204963 C24 0.001981293

C8 0.098940832 C25 0.001857462

C9 0.078384914 C26 0.001857462

C10 0.051513624 C27 0.001981293

C11 0.031329199 C28 0.002105124

C12 0.021298902 C29 0.002105124
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(CCE, swelling, and separator and differential liberation tests) to reflect a 
reasonable equation of state (EOS) to describe the characterized oil sample.

The above regression curves show (Figure 14.3, 14.4, 14.5, and 14.6) 
a good match with saturation pressure and lab data illustrating that the 
tuned equations of state have a reasonable physical description of the 
characterized reservoir fluid. In addition, from the simulation output 
result in Figure 14.7, the error as shown above has been reduced less than 
one present. The triangle phase diagrams generated by CMG-Winprop 
of the given fluid sample under different operated pressure (1000 psia, 
2000 psia, 3000 psia and 3500 psia) are listed in Figure 14.8.

Table 14.2  Lumped pseudo components.

1st pseudo component CO2

2nd pseudo component N2-CH4

3rd pseudo component C2H6-NC4

4th pseudo component IC5-C07

5th pseudo component C08-C12

6th pseudo component C13-C19

7th pseudo component C20-C30+
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Figure 14.3  P-T phase envelope diagram.
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The phase simulation results have been shown above. Theoretically, the 
two-phase zone is shrunk when increasing the operated pressure, and thus 
miscible flooding is easier to achieve under higher pressure. Also, when 
the injected carbon dioxide is enriched with intermediate components, the 
injection point shifts towards the intermediate component. The mixture of 
crude oil and injected gas shifts towards the intermediate component in 
the triangle phase diagram. As a result, the system does not require such 
a small two-phase region compared with injecting pure carbon dioxide, 
which means that the required miscible pressure decreases and releases the 
limitation of a high-pressure requirement.

Minimal miscible pressure can either be predicted in the laboratory or 
by using a tuned equation of state [8]. Owing to expensive laboratory tests, 
simulation is an economic and fast method to calculate the minimal misci-
ble pressure when carbon dioxide flooding is used.

For validation, minimal miscible pressure was simulated under differ-
ent concentrations of solvent (C2-C5) co-injected with carbon dioxide. 
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The simulated results of different concentrations of intermediate compo-
nents (0%, 5%, 10%, and 15%) in co-injection are shown in Figure 14.9.

The result has a same trend with Voon’s lab result, where the minimal 
miscible pressure increases inversely after a critical concentration of sol-
vent [9]. Thus, there exists an optimum value of solvent concentration 
to achieve the minimum MMP. The mechanism of the later inverse part 
where minimal miscible pressure is increasing while increasing the sol-
vent concentration above 10% has not been studied clearly. As Voon also 
illustrated, this mechanism may be a relationship between polarity and a 
reduction in MMP.

14.3.3	 Lab Scale Core Flooding Simulation

The purpose of this core flooding simulation is to create a simulation 
which models a linear core flood done in the lab. Core floods are often 
used for determining interactions between fluids in rock samples and for 
further predicting field performance. In particular, relative permeabilities 
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are often obtained as well as displacement mechanisms, such as the addi-
tion of miscibility. 

The experimented core sample is 2.86614 ft in length and 0.122867454 
ft in diameter. The core is homogenous with 0.2439 in porosity, 11.43 md 
in absolute permeability and 4 × 10−6 psi−1 in rock compressibility. For 
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solubility of components, Henry`s constant value is applied with 8.1646 × 
104 psi and infinity is set as 3.5391 × 10−2 m3/kgmole as default for car-
bon dioxide component and assumed zero solubility for other carbon 
components.

Relative permeability curves shown in Figs. 14.10 and 14.11 are created 
from the analytical Corey equation based on laboratory-determined end 
points.

In the lab core flooding experiment, the core sample is first produced 
by water injection at 10 cm3/hr for 2.932 days, then CO2 injection at 
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Figure 14.11  Relative permeability vs liquid saturation.

Time

0.0E+000

1.0E-004

2.0E-004

3.0E-004

Pr
od

uc
er

 C
um

ul
at

iv
e 

O
il 

SC
 (b

bl
)

4.0E-004

5.0E-004

6.0E-004

7.0E-004

8.0E-004

1990-01-01 1990-01-02 1990-01-041990-01-03 1990-01-05

Figure 14.12  Simulated cumulated oil production and lab data.



238  Gas Injection into Geological Formations and Related Topics

10 cm3 hr for 0.098 days and, finally, chasing water injection at 10 cm3/hr 
for 1.876 days.

Owing to the small volume carbon dioxide injection, this is like a car-
bon dioxide slug displacement. Additional production has been observed 
on the cumulative production curve in the final stage. The additional pro-
duction during the chasing water injection is due to the carbon dioxide 
slug interaction with the oil and causing swelling (for example, a density 

Table 14.3  Parameterization of uncertain parameters.

Relative permeability parameters
Observed value 

from lab

Initial guess

Min Max

SWCON - Endpoint Saturation: 
Connate Water

0.2 0.01 0.25

SWCRIT - Endpoint Saturation: Critical 
Water

0.2 0.06 0.4

SOIRW - Endpoint Saturation: 
Irreducible Oil for Water-Oil Table

0.2993 0.05 0.4

SORW - Endpoint Saturation: Residual 
Oil for Water-Oil Table

0.2993 0.05 0.4

SOIRG - Endpoint Saturation: 
Irreducible Oil for Gas-Liquid Table

0.3702 0.01 0.45

SORG - Endpoint Saturation: Residual 
Oil for Gas-Liquid Table

0.43461 0.01 0.45

KROCW - Kro at Connate Water 0.3 0.1 1

KRWIRO - Krw at Irreducible Oil 0.2 0.1 0.7

Nw-Exponent for calculating Krw from 
KRWIRO

3 2 4

No-Exponent for calculating Krow from 
KROCW

3 2 5

Nog-Exponent for calculating Krog 
from KROGCG

3 1 4

Ng-Exponent for calculating Krg from 
KRGCL

3 1 4
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and viscosity decrease) and relative permeability changes such as a Sorw 
reduction.

The simulation result has a same trend with the experimental test result. 
However, it can be observed that the simulation model does not perfectly 
match the lab data. The difference between them will be discussed and 
updated by history match.
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Figure 14.13  Parameter effect estimation from sensitivity analysis.
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14.3.4	 Sensitivity Analysis of Uncertain Parameters

Based on the previous simulation and lab results, it can be seen that the oil 
production in the simulation model did not match that from the laboratory 
perfectly. When analyzing the sensitive parameters, relative permeability data 
is typically placed at the top of uncertain parameters [10] (see Figure 14.13).

The most commonly used relative permeability model is a functional 
model, which determines a relative permeability curve by the endpoints 
and exponential factors. Thus, the most uncertain parameters in which we 
are interested in sensitive analysis are those endpoints and exponential fac-
tors in relative permeability curves [11].

The relative permeability end points were measured in the laboratory 
for a core sample. These values are measured as the entire core length, 
while a simulation model incorporates absolute values. As such, the rela-
tive permeability curves need to be adjusted in order to obtain an appro-
priate match over the length of the core. 

Before updating a relative permeability curve, sensitivity analysis is 
carried out to determine the sensitivity of uncertain parameters and their 
interaction with the simulation result. Uncertain parameters are first 
needed to be parameterized within an initial guess range. The result from 
sensitivity analysis should give an indication of which parameters should 
be investigated further in order to obtain a history match between the sim-
ulation model and laboratory result.
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In the sensitivity analysis, CMG’s CMOST is used automatically 
handling numerous simulation models based on various parameters 
set within a range instead of carrying them manually. The uncertain 
parameters related to a relative permeability curve are plotted in a tor-
nado plot illustrating how sensitive a parameter is to the cumulative oil 
production.

From the effect estimation chart, parameters with higher values in the 
plot can be considered to be more sensitive to the cumulative oil production. 

The parameters of an oil-water table are more sensitive to the produc-
tion performance. The parameters of the gas phase, as ranked in the above 
effect estimation (Table14.3), do not have much effect on the result. Based 
on the sensitivity analysis result, it can be observed that the laboratory data 
falls within the range we set, which means that the optimal values of each 
parameter also fall within the set range. Thus, those high sensitive param-
eters are needed to be refined within a defined range in history match in 
order to match the laboratory data and describe the physical properties 
along the core length with more accuracy.

14.3.5	 Updated Relative Permeability Through History Match

From the previous sensitivity analysis, the objective function falls within 
the range we set. High sensitive parameters as ranked in the effect esti-
mation table are refined to minimize the discrepancy between the simu-
lated production data and lab observation data. Once the discrepancy is 
minimized, the corresponding relative permeability curves are regarded as 
approximations of real permeability curves [12].

In the history match part, owing to the refined sensitive parameters, the 
case number is increased to one thousand. The simulation result is showed 
in Figure 14.12.

The measured cumulative oil production in the lab is represented by 
blue dots. The black line represents the base case. Other grey lines rep-
resent individual cases, while the red line represents the optimal case by 
adjusting the uncertain parameters.

The optimal case, which is high light in red, has decreased the error 
to 2.81% compared with the lab measured cumulative oil production. 
The adjusted parameters in the optimal case are plotted in Figs. 14.16 
and 14.17 compared with the base case. As mentioned in the sensitivity 
analysis, the parameters of gas saturation are not much sensitive to the 
result, and the endpoints of the gas relative permeability and saturation 
are kept as the measured values in the laboratory in the adjustment 
process.
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The shift of the endpoints in the relative permeability curves, on one 
hand, reflects the extra oil production owing to a carbon dioxide slug 
interacting with oil, causing swelling (a density and viscous decrease) 
and reducing the residual oil saturation; it, on the other hand, reduces the 
uncertain parameters measured in lab experiments.

The updated relative permeability curves have been obtained inversely 
by history matching the production data from displacement measurement. 
Owing to the minimum discrepancy compared with the observed data, the 
updated relative permeabilities are regarded as an optimal case describing 
the fluid-core properties with the minimum uncertainties and can be uti-
lized for further field scale prediction.
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14.4	 Conclusions

In this simulation study, slim tube simulation is conducted as a fast method 
to determine the minimal miscible pressure of carbon dioxide injection 
with different concentrations of intermediate solvents. The simulation 
results show that it is possible to enrich the injected carbon dioxide by 
co-injection with intermediate components and decrease the minimal 
miscible pressure for miscible flooding. The limitation of pressure required 
for carbon dioxide EOR is released to some extent.

Also, based on a minimal miscible pressure curve, there exists an opti-
mal concentration of an intermediate component when reducing the MMP 
during carbon dioxide flooding, and thus optimization analysis is needed 
for planning carbon dioxide flooding projects.

Sensitivity analysis and history match are conducted by CMG’s CMOST. 
Based on the sensitivity analysis, the sensitive parameters are plotted in a 
tornado plot. The sensitive properties of relative permeability curves are 
updated inversely from history match and can be used for predicting fur-
ther field scale prediction.

Carbon dioxide injection has been developed for over fifty years. Owing 
to the limitation of a gas source, few projects were successful. Under such 
a low oil price background, carbon dioxide flooding with booming of the 
carbon dioxide capture technology is regarded as an economic produc-
tion method and is more attractive than other conventional methods. 
Economically, this study makes it easier and more economic to get CO2 
miscible flooding and highly improve the recovery factor. In addition, 
environmentally, CO2 EOR can also decrease the CO2 emission in the 
atmosphere. For further research it is possible to continue CO2 storage if a 
reservoir has a good storage capacity and seal rock over itself. 
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Blowout Recovery for Acid 
Gas Injection Wells

Ray Mireault* 

Independent Consultant, Calgary, AB, Canada 

Abstract
How does the industry develop specialized recovery equipment and procedures 
a priori, to quickly stop a blowout from an acid gas injection (AGI) well while 
protecting health, safety and the environment? This paper presents an ongoing 
process to address the challenge.

A key first step was recognizing that the composition of the acid gas would 
result in very different plume behaviour compared to a conventional sour gas 
blowout, making some aspects of conventional blowout recovery operations 
impossible or too dangerous to attempt. With a high likelihood that escaping acid 
gas cannot be ignited or will not achieve sufficiently high combustion tempera-
tures to reduce ground level concentrations of H2S, SO2 and CO2 to relatively safe 
(ppm) concentrations:

•	 The atmosphere at the wellsite may be too dangerous for person-
nel to manually assess the extent of wellsite damage through an 
initial reconnaissance, or to be at the wellsite during recovery 
operations.

•	 The industry cannot count on ignition of the plume to protect the 
public and environment from the lethal effects of H2S, SO2 and 
CO2. Monitoring ppm air-quality trends to determine when to 
evacuate the public does not work if the first reading could be 30% 
H2S.

•	 The industry does not currently have electrically powered heavy 
equipment with remote power generation; capable of operating in 
an oxygen deficient environment. 

Email: ray.mireault.peng@gmail.com
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The next key realization was that no single person or organization could have the 
scope of expertise to “solve” the problem. Thus, the search was on for individuals/ 
organizations with:

•	 The knowledge and experience to better define particular aspects and,
•	 The enthusiasm and creativity to collaboratively develop an overall 

solution. 

An early finding is that the required areas of expertise do exist but in isolated 
pockets. The next challenge is bringing everyone together. 

Keywords:  Acid gas, well, blowout, blowout recovery

15.1	 Introduction

In the event of an uncontrolled release of acid gas, how would the 
industry effect recovery operations? Collaboration with international 
acid gas processing experts, emails and meetings with blowout recov-
ery experts (Wild Well, Capstone Well Servicing and Safety Boss), 
and searches of well safety and regulatory websites indicate research 
is needed to inform safe and effective well control methods involving 
acid gas release. 

While there is published literature on acid gas system surface design 
and reservoir/aquifer considerations for acid gas injection, papers on 
acid gas wells are extremely limited and until 2018 did not address the 
thermodynamic behaviour of acid gas during an uncontrolled release. To 
illustrate:

1.	 Lynch et al. (1985) describe a dynamic kill of an under-
ground blowout while drilling a well for a naturally occur-
ring CO2 deposit [1].

2.	 Galic et al. (2009) present an initial attempt at modelling a 
conceptual CO2 capture and storage system, comprising an 
onshore power plant CO2 source, a transport/distribution 
pipeline and multiple offshore wells injecting into one or 
more depleted gas reservoirs in the North Sea [2].

3.	 Mireault et al. (2010) present some wellbore dynamics for 
acid gas injection well operation [3].

4.	 Mireault et al. (2010) present some wellbore dynamics for 
CO2 sequestration well operation [4].

5.	 Mireault (2018) presents the wellbore thermodynamics of 
an acid gas release [5].
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The rarity of such incidents is encouraging but the worldwide lack of 
knowledge to regain control is concerning.

15.2	 Methodology

In the absence of industry experience, a collaborative, non-linear approach 
was adopted to brainstorm and evaluate potential well control measures 
that address the unique conditions and risks associated with an acid gas 
release. The study objectives included:

•	 Increasing the understanding of the unique thermodynamic 
aspects of acid gas releases and associated challenges of safe 
mitigation.

•	 Identifying potentially effective acid gas release control 
methods and equipment for two release scenarios (low 
rate and medium-high rate) for further discussion and 
evaluation.

Investigations proceeded simultaneously and iteratively on several lev-
els as questions and challenges were uncovered. The primary means of 
communication were phone calls, emails and face-to-face meetings with 
individuals and companies with the experience and expertise to provide 
insights. The investigation topics can be roughly grouped as follows:

1.	 Acid Gas Wellbore Behaviour During a Blowout
2.	 Acid Gas Flammability and Toxicity 
3.	 Acid Gas Escape Plume Behaviour
4.	 Acid Gas Blowout Recovery Operations

A summary of the findings to date follows:

15.3	 Wellbore Behaviour

At the 7th AGIS, Mireault [5] presented wellbore thermodynamics that 
demonstrate the escaping fluid temperature could be extremely cold, in 
the order of -50 to -80°C, over a wide range of acid gas compositions when 
acid gas is a dense phase fluid or 2-phase liquid in a reasonably pressured 
reservoir. However, by late 2018 it was realized that an uncontrolled release 
from a low pressure, depleted reservoir, where acid gas is in a gaseous 
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phase at reservoir conditions, might yield a markedly warmer escape gas 
temperature. Such a situation could be encountered early in the life history 
of a disposal well.

The depleted reservoir case was modelled using the VMG Symmetry 
software platform, which encompasses the VMGThermo property package 
and Pipe, the multiphase flow modelling software. The VMG Symmetry 
suite was selected because of its proven track record in accurately modelling 
acid gas properties and phase behaviour, as well as multiphase flow. While 
the industry more commonly uses the Pipe software to model multiphase 
flow in pipelines, particularly those with significant elevation changes, in 
the hands of an experienced user it proved quite capable of modelling acid 
gas wellbore behaviour.

As an example, a 2700 m deep injection well was modelled with:

•	 Reservoir temperature of 85° C and depleted reservoir pres-
sures of 828 and 2280 kPaa.

•	 Acid gas composition of 78/20/2% H2S/CO2/C1
•	 73 mm tubing and 178 mm production casing
•	 An AOF of 3.41 and 24.01 103m3/d at reservoir pressures of 

828 and 2280 kPaa, respectively.

Operating points for the 4 blowout scenarios are visually presented by 
overlaying the tubing/casing performance curves against the IPR curves 
(Figure 15.1). The simulations confirm that escape gas temperature is in 
the range of 48 to 58°C.

Acid Gas - IPR/VLP Plot
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Figure 15.1  Depleted Reservoir Low Blowout Rate Example.
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15.4	 Acid Gas Flammability and Toxicity

Ignition is the cornerstone of emergency response planning and blow-
out recovery operations for sour gas blowouts. However, discussions with 
Alberta Sulphur Research and Questor Technology Inc. (CAN) personnel 
quickly ruled it out as a solution for an acid gas blowout because:

•	 The CO2 concentration of the acid gas may be such that it 
can’t be ignited.

•	 The flammable limits for H2S are 4 to 44% by volume in air. 
Thus, an escaping acid gas cloud may be too lean or too rich 
to ignite, or perhaps only isolated “pockets” within the cloud 
can be ignited.

•	 Although H2S may initially be ignited (with a -60°C boiling 
point it vaporizes readily), it may be unable to heat the area 
around the flame enough to sustain the fire. The auto igni-
tion temperature of H2S is 232°C. (https://en.wikipedia.org/
wiki/Hydrogen_sulfide) 

•	 Even if the fire can be sustained, insufficient heat may be 
generated to dilute and dissipate CO2, SO2 and unburnt H2S 
to safe ground level concentrations. The low heating value 
of H2S is why incinerators require supplemental fuel gas 
to meet emission standards – the heating value of H2S is 
6545 Btu/lb vs 21,537 Btu/lb for methane.

Conventional air quality monitoring and emergency response evacuation 
procedures for sour gas blowouts also rely on ignition of the escaping gas. 
After ignition, ground level concentrations of H2S, CO2 and SO2 are contin-
uously monitored and the sizes of the evacuation area adjusted as needed to 
protect the public. It’s a proven response procedure when ground level con-
centrations change gradually and consistently remain within the ppm range. 

However, conventional monitoring procedures are not a solution if 
ground level concentrations can suddenly become lethal. The alarm-to-
evacuation response time may not be fast enough for a toxic gas cloud  
with a rapid rate of travel. Exposure to 100 ppm of SO2 or H2S is consid-
ered immediately dangerous to life and health. https://www.atsdr.cdc.gov/
toxfaqs/tf.asp?id=252&tid=46

High CO2 concentrations are also a concern. According to one safety 
data sheet, a 10% CO2 concentration can cause unconsciousness in 1 min-
ute or less. (http://www.generalair.com/pdf/Safety%20Topics/Carbon%20
Dioxide%20Asphyxiation.pdf
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15.5	 Escape Plume Behaviour

If acid gas toxicity cannot be addressed through ignition, then a detailed 
understanding of the escape plume behaviour is critical to developing 
effective emergency response and blowout recovery procedures. Proximity 
to population centres will be a key factor in determining the appropriate 
response times and recovery measures for a given situation.

Plume modeling experience suggests that at -50 to -80°C the cold 
escaping gas would have essentially no loft such that the industry would 
be faced with an advancing ground level blanket of lethal, heavier-than-
air acid gas; a blowout scenario the industry has no experience with. 
Anecdotal evidence is consistent with the wellbore and plume modelling 
predictions:

•	 Lynch et al. [1] report frozen chokelines and casing valves 
and “softball size chunks of solid CO2 spewing hundreds of 
feet into the air” out of surface fissures that resulted from an 
underground blowout while drilling a CO2 reservoir in the 
Sheep Mountain Unit, Huerfano County, Colorado.

•	 An informal presentation [6] on a blowout from a CO2 
injection well that was part of an EOR scheme at a temper-
ate latitude in Eastern Europe showed photos of a stable 
blanket of CO2 that reached from ground level to the tops 
of the deciduous trees (perhaps 10 to 12 m) in hilly, rolling 
farmland.

•	 The 1986 CO2 limnic release from Lake Nyos, Cameroon, 
created a white cloud of gas up to 100 m tall over the lake. 
A river of gas up to 50 m tall then flowed down the valley, 
killing more than 1,700 people and 3,500 livestock within 
25 km of the lake. http://volcano.oregonstate.edu/silent-
deadly, https://en.wikipedia.org/wiki/Lake_Nyos_disaster. 
Although it is not a perfect analogy to an acid gas release† it 
does confirm the stability of a heavier-than-air cloud travel-
ling at ground level over long distances. 

How quickly the blanket expands depends on the release rate, while the 
thickness and geometry of the blanket and its direction of travel are likely 

†From Wikipedia, the release volume was estimated at 100,000 to 300,000 (metric) tons; 
(51 153 109 m3 or 1.8 to 5.4 TCF at STP).–
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influenced by factors that include air temperature, wind conditions, topog-
raphy and vegetation. For example:

•	 Mountainous terrain may tend to create a very thick blanket, 
with gravity directing expansion and travel down to lower 
elevations and along the length of a valley. 

•	 Treed terrain may trap the blanket and reduce or delay any 
dilution and dissipation from the wind and sun.

•	 Open prairie or an offshore blowout might reduce the depth 
of the blanket but allow it to spread more quickly over a 
larger area.

A ground level blanket of toxic gas over the wellsite, plant and access 
roads further presents unique challenges for blowout recovery operations 
that include:

•	 Personal protection for recovery personnel working in a 
toxic atmosphere. 

◦◦ Standard supplied air (SCBA) units are good for approxi-
mately 30 minutes, which is too short a time period for iso-
lation and repair efforts. Diving bell or NASA style “space” 
suites with long umbilical cords would be too bulky.

◦◦ Visibility could be limited by “fog” within the blanketed 
area, particularly at very cold acid gas exit temperatures. 
The cold temperatures would also cause water vapour to 
condense, which creates the potential for sulphuric acid 
formation.

•	 Protection of off-site support crew, as well as first responders 
and the public, from sudden shifts in the advancing cloud’s 
direction. 

•	 Operation of reconnaissance and heavy equipment in an 
oxygen deficient atmosphere.

•	 The safe conduct of operations when wellsite steels (e.g., 
pipeline, wellhead, valves, tubulars) are susceptible to brittle 
failure at temperatures below -20°C.

Plume escape modelling for a depleted, low release rate reservoir has yet 
to be undertaken. A depleted, low pressure reservoir implies a warmer exit 
gas temperature with a lower exit gas velocity and smaller release volume 
for a given time period. However, the impact on cloud height and disper-
sion behaviour is unknown and requires further investigation.
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15.6	 Blowout Recovery Operations

From discussions with Capstone Well Servicing and Safety Boss Inc. the 
steps in conventional blowout recovery operations can be broadly catego-
rized as follows:

1.	 Initial wellsite reconnaissance and assessment.
2.	 Recovery Plan Development and Equipment/Material/

Personnel Logistics
3.	 Site Equipment Preparation, Fabrication and Testing – (e.g., 

heat shields, water supply/storage, fire hoses, pumps, etc.)
4.	 Preparation for and Removal of Damaged Wellsite 

Equipment and Piping
5.	 Fire Extinguishing (temporary) and Installation of New Well 

Control Equipment (typically BOP stack)
6.	 Testing of the newly installed pressure control equipment 

leading to shut-in of gas flow.

The same sequence was assumed as a starting point to develop recovery 
procedures for an acid gas blowout. However, points to consider in devel-
oping acid gas recovery procedures include:

•	 Acid gas blowouts from the initial injecting well(s) should 
only be cased hole blowouts that occur during injection or 
well servicing operations, since well drilling occurs prior to 
the start of injection. The exception is if subsequent wells are 
deliberately or unknowingly drilled into an existing acid gas 
reservoir plume.

•	 An initial reconnaissance and damage assessment are essen-
tial first steps in any recovery operation.

•	 Ultimately, a well has to be accessed in order to replace dam-
aged valving to secure the well. 

•	 Explosion-proof electric or hydraulic motors can operate in 
an oxygen deficient atmosphere. The challenge is providing 
an adequate power supply.

•	 Although erosional velocity damage would still be a con-
cern, if there isn’t a fire at the wellsite there may be less dam-
age to above ground BOP /wellhead valves and piping, as 
well as any service equipment on location at the time of the 
blowout; unless the loss of wellbore integrity is below the 
casing flange.
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•	 Procedures to protect recovery support personnel and the 
general public from a ground level blanket of immediately 
toxic gas will be different from conventional procedures. 

15.6.1	 Initial Reconnaissance

Initial reconnaissance is conventionally done by donning an air pack and 
walking through the wellsite lease. With an acid gas environment, a better 
approach might be a combination of:

➢➢ A camera-equipped drone for an initial fly-over of the well-
site and for real-time monitoring of the escape cloud’s loca-
tion, direction and rate of advance.

➢➢ A remotely operated “bomb” squad style robot for “up-close” 
assessment and possibly light duty recovery operations (e.g., 
rotate valve handle).

The power requirements for reconnaissance work are low enough to 
be supplied by batteries; creating mobile, self-contained units. If success-
ful, remotely operated units could avoid or at least minimize exposure of 
recovery personnel to the acid gas blanket. 

15.6.2	 Heavy Equipment for AG Recovery Operations

The large power requirements for heavy equipment including bulldozers, 
cranes, and water pumps can, in theory, be supplied by electric motors 
connected (with very long cables) to a power generating system located a 
safe distance from the wellsite. TransAlta uses electric shovels/excavators 
to mine coal for power generating plants near Edmonton (https://www.
transalta.com/facilities/mines-operation/highvale-mine/), so the technol-
ogy might be adapted for wellsite blowout recovery operations. 

Another potential technology might be the hydraulic motors/options 
used for undersea work, which provide the benefit that there is no possible 
source of spark ignition.

While service rigs that are on the well at the time of a sour gas blowout 
are invariably destroyed by the resulting fire, an on-site service rig during 
an acid gas blowout may not suffer the same fate. An electric drive rig con-
nected to remote power generation might still be operational for subse-
quent recovery operations. 

Another area for investigation is the degree to which heavy equipment 
(including the rig) could be automated. While 100% remote operation may 
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not be achievable, the minimum objective would be to prevent personnel 
from being simultaneously exposed to the hazards of moving equipment 
and rotating machinery in a toxic atmosphere.

15.7	 Recommendations for Further Investigation

The following areas require further investigation to develop recovery pro-
cedures for an acid gas blowout:

•	 Acid Gas Escape Cloud Modelling, including behaviour 
under attempted ignition.

•	 Personnel Training 
•	 Blowout Recovery Procedure Development and Testing
•	 Blowout Equipment Development and Testing

15.7.1	 Acid Gas Escape Cloud Modelling

Further insight on the behaviour of an escaping cloud of acid gas is required 
for emergency planning to protect the public and personnel, and develop 
wellsite blowout recovery procedures. Questions for simulation modelling 
include:

•	 The behaviour of an escaping cloud in different terrains and 
at different well locations within a given terrain. What shape 
is the cloud likely to take; long and narrow, round or irreg-
ular? What might be the height of the cloud? What factors 
significantly influence cloud shape and travel over the area? 
Is there an advantage to locating the well at the base of the 
valley, near the crest or on a high plateau?

•	 Does acid gas composition significantly affect cloud 
behaviour?

•	 Can the escaping effluent be ignited under any conditions? 
What is the impact of ignition? At what concentration of 
CO2 is ignition no longer possible?

•	 By what mechanism(s) and how quickly could an acid gas 
cloud be diluted to safe concentrations?

•	 What are the concentration gradients between the edge and 
core of an acid gas cloud? How much time / distance is there 
between the first reading of an advancing cloud and a lethal 
concentration reading?
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•	 How quickly does a cloud travel and what are the important 
factors that determine travel speed?

•	 How quickly can a cloud change direction and what are the 
significant affecting factors?

•	 Should acid gas wellsites have 2 different access/escape 
routes pre-built, to deal with the variability in cloud forma-
tion and migration? Should there be a minimum arc radius 
between the routes? How will evacuation of residents or ten-
ure holders be handled? 

Questor Technology Inc. (CAN) has confirmed their willingness to be 
involved in researching these questions. Questor is a well-established incin-
erator manufacturer with proven expertise in modelling emission concen-
trations from acid gas sources. Questor has developed proprietary software 
to quantify emission concentrations from a source such as an incinera-
tor, flare stack, or damaged wellhead. Incinerators in acid gas and tail gas 
clean-up service achieve >99.99% combustion efficiency and successfully 
maintain emissions within the prescribed limits for regulatory compliance.

15.7.2	 Personnel Training 

Two (2) levels of training are recommended as follows:

1.	 For those who work around the wells on any kind of basis 
BEFORE a catastrophic event, including operators, field 
foremen and well maintenance and rig service personnel. 
Training would be centered around personal safety, leak 
detection, best operating practices, example situations that 
could result in a loss of well control, and the basics on how 
to recognize a problem, who to call and exactly how deadly 
problems can be.

2.	 The second level would be geared toward the recovery team 
and those who would have input/participation of any kind 
in a recovery operation including operator company office 
and field emergency response personnel, and regulatory 
personnel. Training for this level would include the level 1 
subjects plus:

	 a)	� Wellsite initial reconnaissance and assessment – 
equipment and procedures

	 b)	� Damaged wellsite equipment and material removal 
procedures
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	 c)	� Specialized on-site recovery equipment and operating 
procedures

	 d)  � Well blowout control equipment and installation 
procedures

It is envisioned that training would be delivered via a combination of 
classroom instruction and field exercises, with rental of 3rd-party facilities 
for the field component of the course(s).

A third course or seminar may also be appropriate for municipal/
regional first responders (police, ambulance crews, fire departments, hos-
pital staff), and other non-industry personnel who would become involved 
in the event of an emergency.

15.7.3	 Development of Recovery Equipment and Procedures

Once funding arrangements are in-place, Safety Boss has indicated their 
willingness to lead/be involved with the development and testing of spe-
cialized blowout recovery equipment and procedures, as well as Level 2 
training for emergency response personnel.

Prototype development and testing would necessarily go hand-in-hand 
with course development for the level 2 training, and would similarly 
require rental of 3rd-party facilities. One possibility is the Energy Safety 
Canada Training facility at Genesee, which normally provides hands-on 
safety training in the controlled ignition and extinguishing of hydrocarbon 
plumes. 

Ultimately, development of test objectives and detailed test procedures 
should lead to a full-scale test exercise of the equipment and procedures.
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Abstract
Despite their variations in length, pipelines are required to move acid gas from 
gas processing facilities to injection wells in an acid gas injection project. Effective 
and reliable acid gas pipeline leakage awareness and alarms are key due to com-
mon concerns regarding the toxicity, hazardous effects and high pressure inside 
the pipeline. Up to now, there are many different leak detection methods and sys-
tems available for gas/liquid pipelines, such as different CPM methods defined by 
API 1130, acoustic and fabric leak detection system, and distributed or fix point 
[1] H2S sensor [2] along the pipeline. What is the best and most proper leak detec-
tion solution for specific acid gas pipelines, which may be short or long, in gas or 
liquid phase, through a high consequence area, and etc.? Detailed considerations 
are discussed here, regarding features and behaviors of acid gas flows with/without 
leakage, the selection and expected performances of leak detection systems (LDS) 
over different acid gas pipeline scenarios, and the implementation and operation 
of LDS.

Keywords:  H2S, acid gas, pipeline, leak detection

*Corresponding author: wangsx@yahoo.com



260  Gas Injection into Geological Formations and Related Topics

16.1	 Introduction

The economic and environmental benefits of acid gas injection (AGI) are obvi-
ous and well known by the government, scholarship, industry and public. But 
the development and implementation of AGI facilities and projects are not as 
quick as expected. The worries and concerns regarding operation safety may 
be one of the key reasons that are slowing down the development, because 
safety is as important as its technology for an AGI project. Among the worries 
and concerns is the potential leak occurrence [3] of toxic acid gas from pipe-
lines that move the acid gas from gas processing facilities to injection wells.

The best response to the leak occurrence of pipelines is to discover the 
leak early and quickly, alarm the leak reliably and locate the leak accu-
rately, so that the impact and loss from unexpected leak accidents can be 
controlled and limited to acceptable ranges. Quick awareness and accurate 
location of the leak event are important to reduce losses and avoid disaster.

Up to now, there are many different leak detection methods and systems 
available for gas/liquid pipelines, such as different Computational Pipeline 
Monitoring (CPM) methods defined by API 1130 [4], acoustic and fabric 
leak detection system, and distributed or fix point H2S sensor along the 
pipelines. Acid gas pipelines of an AGI project are very different from the 
normal oil/gas pipelines. What are the features of their flow and layout, 
leak detection requirements, the implementation and operation regarding 
the leak detection and safety operations of acid gas pipelines?

Detailed consideration are discussed here, regarding the features 
and behaviors of acid gas flows with/without leakage, the selection and 
expected performances of leak detection systems (LDS) over different acid 
gas pipeline scenarios, and the implementation and operation of LDS.

16.2	 Flowing and Layout Features, Leak Detection 
Strategies of the Acid Gas Pipelines

Flow and layout features of the pipeline are key factors for the decision 
making of the systems, methods, data requirements, expectations, and 
strategies of its leak detection. Compared to normal oil and gas pipelines, 
acid gas pipelines from AGI projects have the following common flow and 
layout features:

1.	 Short in length and small in size: the length of acid gas pipe-
lines of an AGI project is usually short due to the requirements 
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of the AGI project. For short acid gas pipelines, the location 
of the leak is not as important as the long-distance pipeline, 
because leakage can be tracked easily and quickly after a 
reliable leak alarm is issued. The length of the pipeline is an 
important factor for choosing the LDS method: MB method 
may be good enough for a short pipeline, but PPA and RTM 
methods should be selected for a long pipeline;

2.	 High pressure and supercritical flow: most of AGI pipeline 
flows are small, stable and in high pressure and supercritical 
state. In high-density states, the thermodynamic properties 
of acid gas are closer to liquid than gas. Thus, all the CPM 
leak detection methods are suitable to be applied to acid gas 
pipeline even it is in high pressure gas phase. The fluid phase 
inside the pipeline, gas or liquid, has a determining impact 
on the performance and effectiveness of LDS system. For 
example, the PPA method will not work properly for most 
of the gas pipeline;

3.	 Toxic fluid and high consequences: the fluid inside is 
extremely detrimental and may result in serious conse-
quences. The LDS system must be responsive to small leaks 
to avoid these outcomes. The alarms should be reliable by 
installing and setting up different alarm methods in the 
affected areas, such as H2S sensors in the lower sites along 
the pipelines. Whether it is a high consequence area is a key 
consideration for selecting the reliability and available LDS 
system;

4.	 Short of variations: most of the pipelines in AGI projects are 
short of variations, such as their relatively stable flow, sim-
ple composition, predictable phases and thermodynamic 
behaviors. This feature will enhance the performance of 
their pipeline LDS.

16.3	 The Behavior of the Acid Gas Flows with Leakages

16.3.1	 Leak Experiments on Liquid Pipeline

A series of experiments was conducted on the measurement responses at 
two ends of a water pipeline to leaks of different sizes and locations. The 
water pipeline system, which used 3 pump stations to drive water from 
one tank to another through the DN40 mm and 1210 m long pipelines, 
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was designed specially for online simulation and leak detection and set up 
in Xi’an Shiyou University, as shown in Figure 16.1. The online simulation 
was conducted for 876 m trunk pipelines with upstream and downstream 
pressures set by real-time measured data from SCADA.

There are 6 valves allocated along the pipeline for the test of pipeline 
leak location (PLL) of any sizes. Table 16.1 lists the measurement response 
tests of the water pipeline to leaks of different sizes and locations.

Figure 16.2 presents the responses of pipeline measurements to the 
leaks of different locations and sizes. The measurements and changes of 
pressures and flow rates are stamped with leak sizes and locations, which 
are significant to be used to diagnose the occurrence of a leak with a suf-
ficient size.

16.3.2	 Leak Experiments on Gas Pipeline

Figure 16.3(a) is a sample copy of the gas leak detection system and 
Figure 16.3(b) shows its process. In the system, air is compressed and goes 
through the pipeline with a normal flow-rate of approximately 45 L/min. 
The monitored pipeline, from PT-1 to PT-2, is 300 meters long with 2 leak 
test points at 100 meters and 200 meters from the upstream PT-1. The 
real-time measurement data are collected by the computer to apply the 
predefined leak detection procedures. The 2 leak test points are used to 

Figure 16.1  Lab of online simulation and LDS.
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test the performances of LDS and check the behaviors and response of the 
real-time data to leaks of different sizes and locations.

With this LDS system shown as Figure 16.3, 6 sets of leak experiments 
were conducted on each leak test point to obtain a total of 12 sets of mea-
surement behaviors and responses, shown in Figure 16.4. Here, P1_1-5L 
indicates pressure readings from upstream PT-1 when there was a leak 
of 5 L/min at test position Leak1, Q2_2-25L indicates flow readings from 
upstream FT-2 when there was a leak of 25 L/min at test position Leak 2. 

(a) Changes of up and down stream �ow-rate with leak sizes  

(b) Changes of up and down stream pressures with leak sizes 
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Figure 16.2  Measurement responses of water pipeline to leaks.
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The measurement behaviors are presented in Figure 16.4 in response 
to leaks of different sizes and 2 locations of the air pipeline. Each curve in 
Figure  16.4(a) shows the over time upstream inlet pressure (P1) changes, 
recorded by PT-1, while there was a leak occurrence at Leak1 or Leak2 with a leak 
size from 5 L/min to 30 L/min. The over time downstream outlet pressure (P2) 
changes were recorded by PT-2 and shown in Figure 16.4(b). The upstream inlet 
flow-rate (Q1) and downstream outlet flow-rate (Q2) were measured by FT-1 
and FT-2 respectively. Figure 16.4(c) gives the trends and compares of inlet  
and outlet flow due to leaks at Leak1, and same as Figure 16.4(d) at Leak 2.

16.3.3	 Summary of Leak Responses

The leak experiment data, shown in Figure 16.2 and Figure 16.4, reveal the 
measurement responses to leak occurrences, locations and sizes, and these 
flow behaviors and features are important symptoms of pipeline leaks that 
can be used to detect and diagnose the leaks. According to Figure 16.2 

(a) Test box of gas leak detection system

(b) Process of the gas leak detection system
Out�owSource

100m

FT-1 PT-1

TT-1

FT-1PT-1

TT-1

100m 100m
Leak 1 Leak 2

Figure 16.3  Sample copy of the gas leak detection system.
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and Figure 16.4, the pipelines’ measurement responses to leak occurrences 
have the following common features:

1.	 The pressure at both ends will drop drastically if a leak 
occurs in the pipeline. The bigger the leak size, the more the 
pressures will decrease. At the same leak size, the closer the 
leak to the measurement point (up or down stream), the big-
ger the drop at the point. The pressure dropping rate of gas 
pipeline is not as significant as liquid pipeline’s;

2.	 The time of the leak occurrence impact on the measure-
ment point depends on the distance between the leak and 
measurement point. The impact of the leak will initiate 
from the leak location and develop along the pipeline to 
both ends at an acoustic speed. The closer the leak to the 
measurement point, the earlier the readings at the mea-
surement point will be flooded. The pressure and flow-rate 
measurement readings, excluding temperature, are to be 
affected quickly;

3.	 The upstream flowrate will increase and downstream flow-
rate will decrease in response to the leak occurrences. The 
bigger the leak size, the more the flowrate will change. At the 

(a)  Inlet pressure trends due to leaks at locations and sizes (PT-1) (b) Outlet pressure trends due to leaks at locations and sizes (PT-2)  
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Figure 16.4  Measurement responses to leaks at different sizes and locations of the gas pipeline.
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same leak size, the closer the leak to the upstream, the higher 
the upstream flowrate will increase.

16.4	 Specification, Measurement Requirements 
and Features of the Available Pipeline Leak 
Detection Methods

There are many different leak detection methods available for the AGI 
pipelines [5]. The CPM methods, which relied upon the SCADA system 
with the minimum measurement requirements at only the two pipeline 
ends, are the most effective, economical and easy to be implemented [6].

16.4.1	 Mass Balance (MB)

MB method is the most reliable leak detection method which checks the 
pipeline leak size and status by balance analysis of the inlet/outlet flow 
measurements and line pack variation over time (Equation 16.1).
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Here, Min and Mout are the flow measurements at the inlet and outlet of 
the pipeline, kg/s; M0 is the estimated leak size; line pack change is consid-
ered by integration along the pipeline which is very important when the 
fluid inside has high compressibility. 

Stochastic process should be applied to ensure the reliability of the leak 
alarm, such as the SPRT (Sequential Probability Ratio Test) algorithm 
based on Neyman-Pearson’s probability ratio.

The MB method issues leak alarm by leak size without leak location. It 
suffices when the pipeline is not too long and leak location can be easily 
tracked which is the most common case of the AGI pipelines. Besides the 
alarm reliability, MB method can discover small leakage over longer times 
by accumulative impact of the leakage.

But MB method is sensitive and reliable for both gas and liquids pipe-
line systems, as long as the flow measurements at the two pipeline ends are 
accurate and effective.
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16.4.2	 Pressure Point Analysis (PPA)

The PPA method issues leak messages by leak location without size, which 
is caught by the combination of the wave transfer speed along the pipeline 
and the time differential of the first pressure sudden changes at the two 
pipeline ends (Figure 16.5, Equation 16.2).
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(16.2)

Here, x0 is the leak location estimated, m; C is the acoustic speed, m/s; 
V is the average flowing speed, m/s; L is the length of the pipeline, m; 
t1 and t2 is the time the leak wave reach the upstream and downstream 
measurements.

The PPA method obtains the fastest response to the occurrence of 
leakages and is easy to be implemented. It is very effective to the leak 
detection for acid gas pipelines of liquid or high density phases, but not 
for gas phase where no sudden pressure change will occur due to small 
leakages because of the compressibility. The key process is the discovery 
of the times from which the pressures at the two pipeline ends begin to 
drop suddenly. 

Despite its immediate response and less measurement requirement, 
PPA provides lower reliability of leak alarm because 1) there is only one 
chance to locate the leaks and no update and correction are available after 
the occurrence; 2) the pressure trends at pipeline ends are also affected by 
up/down stream connections, fluid inside, and etc.

C−V C+V

L

Flow to

t3

t1

t2

t0

x0

V

Figure 16.5  Transfer of leak wave along the pipeline.
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16.4.3	 Real-Time Model (RTM)

The RTM method issues both leak size and location based on the flow 
rate discrepancy analysis of measured and simulated which comes from 
the real-time transient models driven by online data and setting [7] 
(Figure 16.6, Figure 16.7, and Equation 16.3). 
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Figure 16.6  System and structure of RTM leak detection.
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270  Gas Injection into Geological Formations and Related Topics

where, e e j i
e j
e j

M M

M

j
i

t
j j

n
j

= ={ } =








=
−

( ), ,
( )
( )

1 2 1

2

0 0

−−











Mn
j

, M is the flow rate
 

measured and simulated, kg/s; subscript 0 for upstream, n for downstream 
and L for leak.

The RTM method is suitable for acid gas pipeline flow in gas, liquid and 
high-density phases. The correlations for leakage locating and quantity diag-
nosing are derived on the basis of the online real-time observation and the 
readings of pressure, temperature, and flow rate at both ends of the pipeline. 
As an online real-time system, great attention has been paid to the stochastic 
processing and noise filtering of the meter readings and the models to reduce 
the impact of signal noise. It is also essential for the robust real-time pipeline 
observer to have the self-study and adjustment abilities that are needed to 
respond to the large varieties and uncertainness of pipeline configuration, 
pipeline operation conditions, and fluid properties.

16.4.4	 Data Requirements of the CPM Leak Detection Methods

One of the important advantages of the internal CPM methods over exter-
nal methods is their complete compatibility of measurement and online 
data requirements with the ordinary pipeline managements and opera-
tions. The real-time flow rates, pressures and temperatures at both pipeline 
ends can be easily collected and gathered to control centers by SCADA 
systems which are the standard option of modern pipeline projects.

Each CPM method has its own leak detection measurement require-
ments and alarm message. Table 16.2 shows the measurement required and 
alarm message available for the leak detection methods mentioned above. 

Table 16.2  Data requirement and solution of CPM leak detection.

Leak detection methods

MB PPA RTM

Measurements required at 
line ends

Pressure √ √ √

Flow rate √ √

Temperature √ √

Leak detection and alarm Leak Size √ √

Leak Location √ √
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Obviously, PPA has the minimum real-time data requirement and is easiest 
to be implemented.

16.4.5	 Matrix Features of the Pipeline LDS

In addition to the internal CPM methods, external LDS methods become 
more and more popular and provide some featured functions to pipeline 
leak detection and invasion monitoring. Special consideration must be 
taken when selecting external methods due to their extra installation and 
long term maintenance costs. The detailed features of each LDS method 
are shown in Table 16.3.

16.5	 Evaluation of the Erhaolian AGI LDS System

16.5.1	 Erhaolian AGI System

Figure 16.8 shows the process and PNS model of Erhaolian AGI system 
of Sinopec Northwest Company. The pipeline, 3/4” Sch-STD from Inlet_
Pipe to Outlet_Pipe, is 2.5 km long with 3 inline pipeline leak locations 
(PLL) for testing purpose: PLL1 at 0.6 km, PLL2 at 1.25 km and PLL3 at 
1.9 km. The injection well, ID 76 mm, is 6040 m long and 5547 m deep. The 
acid gas to be injected has the following components (mole percentage): 
0.440044 of H2O, 49.4649 of H2S, 49.785 of CO2, 0.240024 of C1, 0.040004 
of C2 and 0.010001 of N2.

Figure 16.9 gives the pressure and flow profiles of the system. 11861.2 
m3/d(0.2273 kg/s) of acid gas will be injected through the 6040 m well-
bore to the well bottom at 5547 m deep. The well head injection pressure is 
7.852 MPa and the well bottom pressure is 60.07 MPa.

16.5.2	 Measurement Responses to Different Leak Size  
and Location

For the pipeline of Erhaolian AGI system, two different leak sizes (0.02 kg/s 
and 0.03 kg/s) are used for each of the 3 leak testing points (PLL1, PLL2 
and PLL3) to do the experiments on measurement responses. Figure 16.10 
shows measurement responses to leaks at different sizes (8.8% and 13.2% 
of the normal flow) and locations (600 m, 1250 m and 1900 m from the 
upstream). 
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1.	 Each curve in Figure 16.10(a) gives the trends and com-
pares of inlet and outlet flows due to leaks at different sizes 
and locations. With the occurrence of leaks, the differen-
tials between the upstream and downstream flows increase 
from zero at normal status to leak sizes at leak status. The 
bigger the leak size, the more the differential of the up and 
down stream flows. While there is a leak at any location, the 
upstream flow rate will go little bit higher and the down-
stream flow rate will go much lower than the flow without 
leaks;

2.	 Figure 16.10(b) shows the upstream pressure changes over 
time. With the occurrence of leaks, the upstream pressure 

WellBottom

InjectionW
ell

WellHeadOutlet_PipePLL3PLL2PLL1Inlet_PipeInlet_Main

Compressor

Pipe_1 Pipe_2 Pipe_3 Pipe_4

ControlVelve

x x x x x x x

x

Figure 16.8  Process and PNS model for Erhaolian AGI system.
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Considerations of Leak Detection Solutions  277

(a) Flow trends of pipeline ends on different leak size and location 

(b) Inlet pressure trend on different leak size and location
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Figure 16.10  Measurement responses due to leaks of Erhaolian AGI pipeline.
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drops quickly and significantly, depending on both the leak 
sizes and locations;

3.	 The overtime downstream pressure changes are shown in 
Figure 16.10(c). With the occurrence of leaks, the down-
stream pressure drops quickly but not as significantly as 
the upstream pressure. The leak size has more impact than 
the leak location on the pressure drops, such as a drop of 
2.8 kPa on a leak of 0.02 kg/s and a drop of 4.06 kPa on 
a leak of 0.03 kg/s. In this case, the PPA method will not 
work properly for the small leaks because the pressure 
measurements are insensitive to insignificant pressure 
drop.

Comparing Figure 16.2 and Figure 16.4 with Figure 16.10, the measure-
ment responses of an AGI pipeline are very close to and similar with the 
experiments done in labs, although the AGI pipeline system differentiates 
greatly from the pipeline systems in lab.

16.5.3	 The Performances of CPM Leak Detection Methods

A series of leak detection experiments was conducted to check the per-
formances of the CPM leak methods by the virtual AGI system shown 
in Figure 16.8. Five different leak sizes (0.01 kg/s, 0.02 kg/s, 0.03 kg/s, 
0.05  kg/s and 0.08 kg/s) are applied to each of the 3 leak testing points 
(PLL1, PLL2 and PLL3). 

The architecture of virtual LDS for Erhaolian AGI system consists of 
the virtual AGI system and the virtual LDS model for the AGI pipeline, as 
shown in Figure 16.11. The virtual LDS model is driven by the real-time 
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Figure 16.11  Architecture of virtual LDS for Erhaolian AGI pipeline.
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pressure, flowrate and temperature from Inlet_Pipe and Outlet_Pipe to do 
the following processes at given time interval:

1.	 Online RTM simulation driven by up and downstream 
pressures;

2.	 Line-pack calculation based on the simulated pressure and 
temperature profiles;

3.	 Mass balance leak detection according to up/down stream 
flow readings, line-pack variations, and stochastic diagnosing;

4.	 RTM leak sizing and locating by correlation analysis of the 
differential between simulated and measured flow rates at 
the pipeline ends.

Figure 16.12 shows the screen shots of leak detection procedures by 
PNSTM 4.2, including the leak locating by RTM and the leak sizing by MB. 

Figures 16.13 and 16.14 demonstrate the overall performances and pro-
cedures of leak locating and sizing. Figure 16.13 shows the diagnosing pro-
cedures of leak size by MB method for different leak sizes and locations. 
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Figure 16.12  Performances of PNS leak detection on Erhaolian AGI pipeline.
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Figure 16.14 shows the leak locating procedures  by RTM method for dif-
ferent leak sizes and locations. The following phenomena can be observed 
from the procedures:

1.	 As long as a leak occurs and continues, the sizing procedure 
by MB and locating and sizing procedures by RTM will work 
and update continuously and target at the better solution;
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0:28:480:21:360:14:24
Time

0:07:120:00:00
0

500

1000

Pi
pe

lin
e 

le
ak

 lo
ca

tio
n 

fo
un

d 
by

 P
N

S 
(m

)

Leak size: ▪ 0.01 kg/s ⦁ 0.02 kg/s ♦ 0.03 kg/s ▵ 0.05 kg/s ⨯ 0.08 kg/s

0.01kg/s

0.05kg/s

0.08kg/s

0.03kg/s
0.02kg/s

1500

2000

2500

PLL3X0-0.02 PLL3X0-0.03
PLL2X0-0.03
PLL1X0-0.03

PLL1X0-0.05
PLL3X0-All
PLL2X0-All
PLL1X0-All

PLL2X0-0.02
PLL1X0-0.02

Figure 16.14  Procedures to find leak size by RTM for different leak sizes and locations.



Considerations of Leak Detection Solutions  281

2.	 The estimation procedures of leak size by MB are mainly 
affected by the leak size, despite where the leak occurs. 
Alarms will be issued faster if the leak size is larger;

3.	 The locating and sizing procedures of leaks by RTM are 
effective in response to the occurrence and development 
of leaks. The estimated leak location and size will approach 
eventually to its best solution over time. The bigger the leak, 
the faster and closer the estimation will approach the correct 
values. 

16.6	 Conclusion

1.	 Every AGI system is different. Special considerations should 
be taken into whenever selecting the LDS for an AGI pipe-
line, such as the composition, lengths, phases, high conse-
quences, measurements and SCADA, and etc.;

2.	 For a short acid gas pipeline, more attention should be paid 
to increasing the sensitivity and reliability of the LDS than 
locating the leak. In this case, MB method may suffice;

3.	 The CPM leak detection methods, based on the internal 
flow of the pipelines defined by API 1130, should be the 
first option when selecting the LDS system because it is 
easy, effective, efficient, and economical to be implemented, 
installed, and operated. The CPM methods should provide 
acceptable leak detection performances because the AGI 
pipeline is short of variations; 

4.	 For high consequence areas of an AGI project, multiple leak 
detection systems should be considered. For example, in addi-
tion to the MB and RTM methods that monitor the pipeline 
leak status systematically, H2S sensors should be installed at 
sensitive points, such as well head, lower points that are close 
to the AGI facilities in the high consequence areas.
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Abstract
The objective of this research is to examine the feasibility of NCG co-injection 
with steam in SAGD using modified well configurations using numerical sim-
ulation. The NCG used in this project is methane. The aim is to form a more 
stable insulating layer just below the top of formation, which results in lowered 
overburden heat loss and cSOR. To place the NCG directly below the overbur-
den rock, vertical steam injectors with dual completions are implemented in this 
study. Simulation runs are created using CMG STARS (Thermal and Advanced 
Process Simulator). These simulation results demonstrated substantial improve-
ment in cSOR by injecting NCG separately from steam using the dual completed 
vertical injectors. 

The producer operational constraint is a combination of maximum live steam 
rate and minimum bottom-hole pressure (BHP). The base case covers produc-
tion from May 2011 to January 2020 in steam only SAGD operation. The base 
case of non-flowing boundary condition showed approximately 157,000 m3 oil 
production in about 10 years, with a cumulative Steam Oil Ratio (cSOR) of 9.0. 

The simulation results show that injecting the non-condensable gas improved 
cSOR but maintained similar cumulative oil production compared to conven-
tional SAGD process. As expected, non-condensable gas reduces the gas mobility 
and stabilizes the insulating blanket formed by high gas saturation at the top of the 
steam chamber. The optimized simulation case with three vertical wells enabled 
the cSOR to be as low as 2.27. 

Keywords:  SAGD, NCG, modified well configuration, heat loss
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17.1	 Introduction

17.1.1	 Background

Canada has one of the world’s third-largest oil reserves, and 97% of 
the reserves are Alberta’s oil sands. Alberta’s oil sands can be found 
in three deposits: Athabasca, Cold Lake, and Peace River [1]. Due to 
the high viscosity of bitumen, additional treatments are required to 
produce oil. About 20% of the oil sands are close enough to the sur-
face to be mined. The rest of the oil sands are too deep to be mined. 
For those in situ oil sands, steam assisted gravity drainage (SAGD) and 
cyclic steam stimulation (CSS) are commonly used technologies to  
produce oil. 

This project focused on the Long Lake type reservoirs. In a SAGD 
operation, two horizontal wells are drilled – namely the injector and the 
producer. Steam is injected through the injector to lower the viscosity 
of the bitumen. The producer is normally placed five meters below the 
injector. Bitumen is drained to the producer primarily due to the gravi-
tational force. 

17.1.2	 Project Objectives

The proposed NCG (non-condensable gas) injection project takes place at 
the fourth well pair of Pad 11 (Injector: 04/04-01-086-07W4/0, Producer: 
10/04-01-086-07W4/0). The main objective of the project is to assess the 
effects of co-injection of NCG with steam on reservoir performance that 
includes production and steam losses to top water/high water saturation 
zones [2]. 

In this project, methane is used as the NCG to be co-injected with 
steam at rate of 1 vol% to 3 vol% [3]. The Long Lake SAGD project 
is an in situ oil extraction project 40km southeast of Fort McMurray 
in the Athabasca oil sands region of Alberta. The proposed NCG 
(non-condensable gas) injection project will take place at the fourth well 
pair of Pad 11 (Injector: 04/04-01-086-07W4/0, Producer: 10/04-01-086- 
07W4/0). 

Steam circulation at Pad 11 began in December 2009 and SAGD pro-
duction commenced 5 months later. As of May 2015, Pad 11P04 had recov-
ered approximately 23.3% (90254.0 m3) of the estimated bitumen in place 
(386630.2 m3). 
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17.2	 Relevant Field History

17.2.1	 Depositional History

The Long Lake SAGD project is focused on the oil sands reservoir within 
the lower McMurray Formation, the basal unit of the Lower Cretaceous 
Mannville Group. The McMurray formation directly overlies the sub-
Cretaceous uniformly that is developed on the Paleozoic carbonates of the 
Beaverhill Lake Group (4). Directly overlying the McMurray Formation are 
the Wabiskaw, Clearwater and Grand Rapids formation of the Beaverhill 
Lake Group.

17.3	 Reservoir Characterization

17.3.1	 Geology Overview

The characterization of the McMurray formation was examined through  
the use of logs, core data and literature [5]. Six Observation and 
Abandoned wells within Pad 11 were investigated. Well logs provide 
the insight of the formations and conditions in the subsurface, and 
primarily aim at detection and evaluation of possibly productive  
horizons. 

17.3.1.1	 Core Analysis

In general, the laboratory works on a core sample that may yield permea-
bility, porosity, pore size distribution, grain size and density. Core analysis 
data for OB and AB wells in Pad 11 are obtained [5]. Core porosity was 
compared with values read from the log interpretation. The average core 
horizontal and vertical permeability data can be also obtained.

17.3.1.2	 Log Analysis

Open-hole well logs of six observation and abandoned wells were inter-
preted. Gamma ray, density and neutron porosity, and formation resistivity 
logs were interpreted at a one-meter interval. From all the log reading, the 
cumulative shale volumes, the effective porosity, net pay, water saturations 
and oil saturations were calculated.
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17.3.1.3	 Shale Volume Calculations

Shale has great impact on porosity, permeability and fluid distribution. The 
Gamma Ray log was used to estimate the shale content of Sandstone. The 
shale volume (Vsh) was determined by using the following equations [6].

Let,

	 X GR ss GR clean
GR shale GR clean

= −
−

	 (17.1)

	 Vsh = 1.7 – [3.38 – (X + 0.7)2]0.5	 (17.2)

Values of GR shale = 110 and GR clean = 20 were used in our calculation. 

17.3.1.4	 Porosity Calculations

The estimated average porosity of the formation was calculated using the 
neutron and density porosities obtained from the logs using the following 
equations [6]:

	
φ φ φ

total
D N= +

2 	
(17.3)

The presence of shale content requires further correction in order to 
calculate the effective porosity [6]:

	 Φeff = (1 − Vsh)*ϕtotal	 (17.4)

The effective porosity for Pad 11 was calculated to be 32% by using the 
best log representation. 

17.3.1.5	 Water and Oil Saturation

Water saturation (Sw) determination is the most challenging of petro-
physical calculations and is used to derive the hydrocarbon saturation 
(1-Sw). Because of the content of shale affecting the resistivity responses in 
the formation, Simandoux method is used when Vsh > 0.20 and Rsh < 8.0. 
Therefore, the Simandoux expression for shaly sands was used to calculate 
the water saturation [7]. 
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From log interpretation, only the best well logging data were used for 
the water saturation calculation. This resulted in average water saturation 
from Pad11 observation and abandoned wells to be 26.3%. 

17.3.2	 Permeability Data

A linear relationship between logarithm permeability and porosity was 
developed in order to get more reliable data [8]. Kmax values were obtained 
from AccuMap, and the correlation of Kmax and porosity was created. The 
data points of Kmax and porosity are scattered around and could not obtain 
a linear line from the plot.

Clayton V Deutsch and his team developed a core and FMI image-based 
hierarchical permeability modeling approach that applied to several Long 
Lake wells in 2011 [9]. Since the correlation is not obvious from our per-
meability data, the permeability modeling approach will be used to cal-
culate permeability values at each pay depth according to porosity data. 
Equation listed below were used to calculate horizontal permeability and 
vertical permeability:

	 KH = 92121* ∅2.7193	 (17.5)

	 KV = 0.8848*KH – 137.02	 (17.6)

The calculated average vertical permeability is 2915.9 mD and calcu-
lated average horizontal permeability is 4671.24 mD, respectively. 

17.3.3	 PVT Data

Athabasca bitumen viscosity differs over a temperature range from 20 to 
300oC [10]. Viscosity vs. Temperature curves for Long Lake bitumen were 
obtained [11]. 

Based on STARS User Guide (2017), the distribution of solution gas 
between liquid and gas phases is determined by the temperature and pres-
sure dependent K-value correlation. Therefore, Gas-Liquid K values coef-
ficients for methane were used in simulation for flash calculation, and K 
values can be calculated using the equation [12]:

	
K KV

P
* KV

T KV
=

−






1 4
5

exp
	

(17.7)
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where KV1, KV4 and KV5 correspond to the units of P and T. Specifically, 
K values of methane are calculated using the following equation.

	
K

P  kPa
*

T( )
= ( )

−
° +







545470 879 84
265 99

exp .
.C

	
(17.8)

17.3.4	 Reservoir Values

From the log analysis, the reservoir characterization results are listed in 
Table 17.1. 

17.4	 Analytical Production Forecast

17.4.1	 Butler Model

The Butler model is based on a quasi-steady state approximation, and 
it treated an ideal situation where heat lost by condensed steam occurs 
uniformly along a two-dimensional, symmetric steam chamber-bitumen 
interface [13]. 

Thermal diffusivity and bitumen kinetic viscosity values listed in the 
reservoir property were used in the Butler model. Butler’s model assumes a 
homogenous reservoir, and therefore, uses an average effective permeabil-
ity for the calculations. Average vertical permeability is used in the Butler 

Table 17.1  Reservoir characterization results.

Formation properties Average values

Gross Pay (m) 40-50

Net Pay (m) 20-32

Porosity (%) 32

Water Saturation (%) 26.3

Oil Saturation (%) 73.7

Horizontal Permeability (mD) 4671.24

Vertical Permeability (mD) 2915.9
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model since vertical permeability plays the most important role in Gravity 
Drainage. Therefore, the average vertical permeability is used as initial per-
meability input in the Butler model. 

Figure 17.1 shows the bitumen rate in the field and the rate obtained 
from Butler’s model for well 11P05 after tuning input parameters. A decent 
history match to field data is obtained, and it plays an important role for 
production forecasting. In this analytical model, permeability decreases 

Table 17.2  Average reservoir properties used in 
the history matched Butler’s model.

Steam Pressure (kPa) 1860

Permeability (Darcy) 0.5

Porosity 0.32

Initial Oil Saturation 0.737

Change in Oil Saturation 0.637

Viscosity “m” Value 4

Reservoir Width (m) 39

Reservoir Length (m) 440

Reservoir Height (m) 28
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Figure 17.1  Production rates forecast for 11P04 based on optimized history match 
model.
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from 3.996 Darcy to 0.5 Darcy, and reservoir length shrinks from 647 
meters to 440 meters. Moreover, the residual oil saturation also decreases 
from 0.2 to 0.1, which corresponds to a changeable oil saturation of 0.637. 
Overall, the analytical model over predicts the amount of bitumen pro-
duced. Table 17.2 lists average reservoir properties used in the history 
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matched Butler's model. The field cumulative production for 11P04 after 
1611 days of operation is 90169 m3. At this time, Butler’s model predicts 
90597.6 m3 of bitumen produced, resulting in a % error of 0.48%. At the 
end of field operation, the recovery factor is about 54% but the recovery 
factor using Butler’s model is 58.10% due to a decrease in reservoir length. 
Butler’s model shows the life of the well is around 5.67 years.

Figure 17.2 shows the comparison between the model recovery factor 
(using effective reservoir length) and the field recovery factor (using ini-
tial reservoir length). Depletion and rising chamber oil rates are plotted in 
Figure 17.3. In the end of production using the Butler model, the cumu-
lative oil production is about 96855.2m3, and the overall recovery factor is 
about 58.10%. 

17.4.2	 Reservoir Performance with NCG Co-Injection

The main goal for this project is assessing the potential benefits of 
non-condensable gas (NCG) co-injection with steam using a modified 
well configuration. NCG at the top of the steam chamber improves SOR 
by reducing heat loss to the overburden. From reservoir interpretation, top 
water is identified above the net pay formation. 

NCG forms a stable isolation below top formation and prevents direct 
contact between hot steam chamber and formation. Therefore, methane 
provides further insulation and reduction of overburden heat loss, which 
contributes to reduction of injecting steam [14]. 

17.5	 Reservoir Simulation

17.5.1	 Geological Model

The model was constructed with lateral homogeneity (i and j direction) 
and vertical heterogeneity (k direction). Since the SAGD process depends 
on growth of the steam chamber, which is predominantly influenced by the 
vertical reservoir properties, therefore a vertical heterogeneous reservoir 
was deemed adequate for this simulation model. 

The geological model consists of 68 layers in the vertical direction 
(k direction), 43 x 1m layers perpendicular to the horizontal well direc-
tion (i direction), and 25 x 50m layers along the horizontal well direction 
(j direction). The zone of interest for grid top is from depth of 185m (top 
of the gas cap) to 228m (2m below the producer). Because of the model is 
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laterally homogeneous in the horizontal direction, this will improve the 
simulation run time. 

Initially, the grid top structural map and gross pay map for the Pad 
11P04 area were digitized. Maps were originally obtained and contour 
map interpretations were obtained [5]. The model consists of several 
uniform reservoir parameters but it does not accurately represent the 
complexity of this reservoir. The actual geostatistical model accounts 
for lateral and vertical heterogeneity. Due to the available data on 
AccuMap, the current model is built vertical heterogeneously and lat-
eral homogeneously. 

17.5.2	 Reservoir Property

The gross pay and net pay of the reservoir were determined through the log 
interpretation and volumetric calculation. The grid top, top gas and cut off 
depths were also determined. This reservoir is a live-oil reservoir. The gas 
zone is located from 185m to 190m. In the gas zone, each component of 
saturations (Sw=0, So=0.30, Sg=0.70) is specified. Top water zone (Sw=0.70, 
So=0.30, Sg=0) is located from 190m to197.5m. The oil saturation and water 
saturation in the bitumen zone, porosity and permeability were also deter-
mined from reservoir interpretation. 

The properties were calculated from the log analysis from all obser-
vation wells located within Pad 11, which was closest to 10/04-01-086-
07W4/0. In order to improve maps prior to simulation, the grid top 
contour map and gross pay contour map were retrieved again (5). The 
porosity, water saturation and oil saturation were determined at each 
1-meter interval. 

Given that Pad 11 is an unconventional reservoir, the vertical perme-
ability is most imperative to fluid flow for SAGD. The horizontal perme-
ability is laterally homogenous in the model. The vertical permeability is 
calculated using correlation ratio (Kv/KH). The calculated average vertical 
permeability is 2915.9 mD and calculated average horizontal permeability 
is 4671.24 mD, respectively. 

17.5.3	 Well Location

The surface-hole UTM Easting (501532.74m) and the UTM Northing 
(6252105.33m) is used as surface reference point for the CMG model. The 
surface reference point is located 687 m west and 200.6 m south of the 
wellhead of 11P04. It defines the origin point (0, 0) for the CMG model on 
the i-j grid. The surface UTM coordinates and true vertical depth (TVD) 
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for the 11P04 were also obtained and were corrected to the reference point 
to obtain CMG model coordinates [5]. This allows the exact well trajec-
tories to be generated in the CMG model. The coordinates for horizontal 
well pair were obtained from the AccuMap. Figure 17.4 illustrates the well 
trajectory side view in reservoir simulation model.

17.5.4	 Initial Reservoir Simulation Inputs

Reservoir simulation inputs were required to initialize the reservoir model. 
Initial reservoir temperature for the model is 7°C [15]. Initial pressure is 
set to be 1100 kPa at reference depth of 228 m. The initial GOR of reservoir 
is 10 SCF/1 STB, which converts to oil mole fraction at reservoir condition. 
Therefore, the calculated oil mole fraction for bitumen is 0.9548, and oil 
mole fraction for methane is 0.0452, respectively. 

17.5.5	 Relative Permeability Data

The oil-water and the gas-liquid relative permeability curves are shown in 
Figures 17.5 and 17.6. The end-point relative permeability data were from a 
generic Athabasca oil sands reservoir [16]. The relative end-points of the curves 
were adjustable parameters for history matching production from 11P04. 
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Figure 17.4  Well trajectory side view.
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17.5.6	 Well Operational Parameters

It is essential that well communication to be established during the SAGD 
pre-heating stage. This is accomplished in the circulation period by increas-
ing the temperature of the reservoir in between the injector and producer, 
resulting in lower bitumen viscosity and increased mobility. The circula-
tion stage model was simulated using heaters. Heater Wells were used for 
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injector and producer to model the heat transfer that occurs before begin-
ning SAGD operations. 

The SAGD mode was initiated after two months of circulation from April 
2011 to May 2011. Well operational constraints were specified for the ini-
tial simulation run. The primary constraint for the injectors was the surface 
water rate obtained from field data. The injected steam was set to a tempera-
ture of 208°C with 90% saturated steam. The producer’s constraint was ini-
tially set to surface oil rate from field data and then changed to surface liquid 
rate in history matching. In order to prevent excess steam production, the 
steam constraint for the producer was set to a maximum value of 5 m3/day. 

17.5.7	 History Match

The preliminary simulation results were plotted on a graph and compared 
to the field production history exported from AccuMap [5]. 

The objective of the history match is to calibrate oil and water production 
rates and steam chamber development from the model to compare with 
actual field data. Therefore, reservoir parameters were adjusted in order to 
obtain an adequate match. The key parameters are relative oil permeability 
at connate water saturation (Kro), relative water permeability at irreducible 
oil saturation (Krw), relative gas permeability at connate liquid saturation 
(Krg), critical water saturation, irreducible oil saturation, residual oil satu-
ration, and vertical permeability to horizontal permeability ratio (Kv/KH). 
The non-flowing boundary and the flowing boundary production history 
matching were conducted throughout the semester. 

17.5.7.1	 Flowing Boundary Condition

The simulation with flowing boundary is created to obtain better history 
matching results. We add total 30 vertical producers at the sides of the grid 
block shown in Figure 17.7. Each edged well has three meter well spacing. 
The reservoir pressure for the producer is 1100 kPa, which is close to initial 
reservoir pressure of 1043 kPa. The main objective of adding the flowing 
boundary for our model is to drop the water production when preforms 
history matching and to prevent pressure build-up in the reservoir. With 
the flowing boundary, the fluid flow is more realistic. 

17.5.7.2	 Final History Match Results

Based on the results from the above changes, it was determined that a sufficient 
history match was obtained using the following relative permeability data. 
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The simulation cumulative oil production was almost overlapped of the 
field production data as seen in Figure 17.8. It was the best history match 
case using above parameters. 

The surface liquid rate was exactly history matched because the total 
surface liquid is set to be an operational constraint. The cumulative oil pro-
duction for the model is 96, 000 m3, and the recovery factor is 24% for the 
entire field in 2016.

Literature research was conducted to determine how to further calibrate 
the water production and oil production from the simulation. Once the lean 
zones are accurately identified, the critical water saturation of different regions 
is adjusted to obtain a better history match. The produced water from our 
simulation matches up almost perfectly with the field result; the oil appears 
to have an accurate history match. Various changes to simulation parameters 
were attempted to improve produced oil, but this final run presented was the 
most representative of overall field production and pressures. Due to limited 
data and time constraints, the final history match presented is deemed accept-
able to run forecasts and evaluate the modified well performance. Table 17.3 
lists input parameters for best history matching in reservoir simulation studies.
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17.5.8	 SAGD Production Forecasts

Production forecasting provides insight into the longevity of a well. 
Indicators such as recovery factor, production rates, SOR’s and energy 
lost to all boundaries can be used to estimate future performance. A 
base case production forecast was completed using the achieved his-
tory match to observe future reservoir performance of well pair 11P04  
until 2020. 

Table 17.3  Input parameters for best history matching.

SWCON - Endpoint Saturation: Connate Water 0.2

SWCRIT - Endpoint Saturation: Critical Water 0.3

SOIRW - Endpoint Saturation: Irreducible Oil for Water-Oil Table 0.1

SORW - Endpoint Saturation: Residual Oil for Water-Oil Table 0.1

SOIRG - Endpoint Saturation: Irreducible Oil for Gas-Liquid Table 0.1

SORG - Endpoint Saturation: Residual Oil for Gas-Liquid Table 0.1

SGCON - Endpoint Saturation: Connate Gas 0

SGCRIT - Endpoint Saturation: Critical Gas 0

KROCW - Kro at Connate Water 1

KRWIRO - Krw at Irreducible Oil 0.4

KRGCL - Krg at Connate Liquid 0.4

Kv/Kh Ratio 0.4

Steam Quality 0.95
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17.5.8.1	 Base Case HZ Well Production with Steam Only 
(Flowing Boundary)

Production forecasting were applied to the model in order to obtain 
a forecast. Models were run based on their operational constraints 
which were the bottom-hole pressure (BHP) and maximum steam 
injection rates. A series of production forecasts at different opera-
tional constraints and were run for comparison. The following is the 
traditional horizontal production forecast model with steam as a base  
case. 

Well ran on since May 2011. The production data forecast to January 
2020. The operational constraints were changed from surface water rate 
to bottom-hole pressure 3000 kPa for injector in January 2016. The pri-
mary operational constraint for producer changed from liquid rate to 
minimum bottom-hole pressure 1073.72 kPa in January 2016. The sec-
ondary operational constraint for producer was set the maximum steam 
rate to 5 m3/day. 
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Figure 17.8  Final run cumulative oil volume.
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The cumulative oil production for the model is 104, 000 m3, and the 
recovery factor is 29% for the entire field in 2020. 

17.5.8.2	 Forecast Results: Production Rate

Based on the current operational constraints, the daily oil production fore-
cast for 11P04 is also analyzed. From 2011 to 2016, the simulation has a 
very good history match to actual field data. But from 2016 to 2020, the 
model experienced significant production drops due to reservoir deple-
tion. Detailed production forecast of oil rate is illustrated in Figure 17.9.   
The average oil drops to below 20 m3/day. The peak oil rate is 132 m3/day. 
Cumulative oil production forecast is shown in Figure 17.10.

17.5.8.3	 Forecast Results: Steam-to-Oil Ratio

The field SOR performance is shown in Figure 17.11. The current cSOR is 
around 4.80. The steam oil ratio increases dramatically when it produces 
less oil with same injection rate. The SOR reaches to 9.0 by 2020 in our 
following forecast. 

17.5.9	 Modified Well Simulation Forecast

17.5.9.1	 Modified Well Configuration with Non-Flowing Boundary 

The traditional horizontal injector was modified to three vertical injec-
tors. NCG would inject below the top formation or below the top water 
zone. The following tables indicate the operational constraints for the 
steam injector and NCG injector using modified well configuration with 
non-flowing boundary condition. The minimum bottom-hole pressure is 
set to 1073.75 kPa and maximum steam rate for producer is 5 m3/day. The 
steam injector operational constraint is maximum 100 m3/day of sur-
face water rate and 3000 kPa of bottom-hole pressure. The NCG injector 
operational constraint is maximum 1348 m3/day of surface gas (meth-
ane) rate. 

17.5.9.2	 Perforating Below Top Water Zone

The well spacing between each vertical well remains at 250 m. The vertical 
injectors were perforated right below the top water zone. This allowed the 
non-condensable gas to form an insulation layer just right below the top 
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Figure 17.12  Grid top structure when perforates below top water.
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water zone. Grid top structure is shown in Figure 17.12 when perforations 
located below top water.

17.5.9.3	 Forecast Results: Production Rate

Figure 17.13 shows the cumulative oil production is less comparing to the 
modified well configuration without NCG case. The cumulative oil drops 
from 157,000 m3 to 113,000 m3 when perforations are shot below water 
zone. The cumulative oil drops to 97,000 m3 when perforations are shot 
below top formation. In the last test case, the NCG was injected when the 
steam chamber reaches the top formation in October 2011 but the cumu-
lative oil rate is the lowest compared to other three cases. Therefore, the 
NCG should be injected at the beginning of SAGD process and right below 
the top water zone due to a larger oil production. This conclusion applies 
to the next few test cases.

17.5.9.4	 Forecast Results: Steam-to-Oil Ratio

It clearly shows a decrease in SOR from 2.94 to 1.87 when adding NCG 
to the modified well configuration model. SOR for both cases (NCG 
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below formation and NCG below water zone) are almost identical. In 
Figure 17.14, the SOR was improved when co-inject steam with NCG.

17.5.9.5	 Steam Chamber Development without NCG

These are the figures of steam chamber development without non-condensable 
gas. Without forming an insulation layer, the temperature is extremely 

5.0

4.0

3.0

2.0

1.0

0.0
2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022

Time (Date)

St
ea

m
 O

il 
R

at
io

 C
um

 S
C

TR
 (m

3/
m

3)

Steam Oil Ratio Cum SCTR Optimized Well Con�guration with NCG_3000_TopPerforation_NFB.irf
Steam Oil Ratio Cum SCTR Optimized Well Con�guration without NCG_NFB.irf
Steam Oil Ratio Cum SCTR Optimized Well Con�guration with NCG1_NFB.irf
Steam Oil Ratio Cum SCTR Optimized Well Con�guration with NCG1_201110_NFB.irf

Entire Field

Figure 17.14  SOR performance in NFB.
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high at the top of the formation, such as is shown in Figure  17.15. This is  
the main reason that a large amount of heat will be directly lost to overburden. 

17.5.9.6	 Steam Chamber Development with NCG

In the tests above, the best result is from the case with NCG that injected 
at the beginning of SAGD process. This simulation run includes 1 mole % 
of NCG in the total injected fluid (Steam and NCG). The steam chamber 
development is observed in the following figures. The NCG injector con-
straint for each well is injecting 1348 m3 of NCG per day. Even though the 
NCG layer will protect heat loss to the overburden, the excess injection 
of NCG will greatly influence steam chamber development. In this case, 
the steam chamber could not reach to the top bitumen zone, shown in 
Figure 17.16. In order to determine the acceptable mole fraction of NCG 
that needs to be injected, a sensitivity analysis with different mole fraction 
of NCG is conducted.

17.5.9.7	 Simulation Sensitivity Analysis in Non-Flowing Boundary 

The SOR comparison with various moles of NCG is shown in Figure 
17.17. The highest NCG mole fraction (1.5%) results lowest steam oil 
ratio. This is due to the reason that it minimized the overburden heat 
loss. Overall, SOR 2.27 is acceptable and cumulative oil is relatively 
large for 0.25 mole % NCG case. Cumulative oil rate is illustrated in 
Figure 17.18.

The temperature profile figures are illustrated in Figure 17.19. They 
explains that why the 0.25 mole % NCG case is the most optimized case 
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since the high temperature steam chamber reaches to the top of bitumen 
zone. In this situation, there is less overburden heat loss and the bitumen 
zone is mostly depleted at the high temperature condition. 

17.5.9.8	 Summary of Simulation Results

For simulation cases with non-flowing boundary condition, results are 
listed in Table 17.4. The base case SAGD shows a cumulative oil production 
of 157,000 m3 and SOR of 9.0. The optimized NCG case would consider 
both cumulative oil rate and SOR. The cumulative oil production should 
not be too low compared to the base SAGD case. Therefore, the optimized 
case has cumulative oil production of 145,000 m3 and SOR of 2.27 for the 
0.25 mole % of NCG case. 

17.6	 Conclusion

The overburden heat loss is less when adding NCG due to the effect of 
isolating NCG layer below cap rock. It has been expected to attain the 
objectives of this project through a series of goals. These goals include res-
ervoir characterization, recovery and production forecasting, preliminary 
drilling and completions, and facilities design followed by the economic 
evaluation. 

The conventional SAGD well configuration cases showed little 
improvement in SOR no matter NCG was injected. The modified well 
configuration cases showed clearly improvement in SOR. In the end, 
the NCG mole % sensitivity analysis was conducted. The results demon-
strated the case with 0.25 mole % NCG have better cumulative oil rate 
and improved SOR. 
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The modified well configurations allow the injection of steam and NCG 
separately at different perforations. This is achieved by replacing the hori-
zontal injector with three vertical injectors. The total drilling and comple-
tion costs for modified well configurations is $1,709,487.00. 

Table 17.4  Summary of Simulation Results (Non-Flowing Boundary Condition).

Injected fluid

Type of 
injection 
well(s)

Injector BHP 
constraint 
(kPa)

Cumulative 
oil 
production 
(m3)

Cumulative 
SOR

Steam only Horizontal 
well

3,000 157,000 9.00

Steam with 
1.0 mole % 
NCG

Horizontal 
well

3,000 145,000 6.00

Steam & 1.5 
mole% 
NCG 
(segregated 
injection)

3 Vertical 
wells

3,000 155,000 1.75

Steam & 1.0 
mole% 
NCG 
(segregated 
injection)

3 Vertical 
wells

3,000 113,000 1.87

Steam & 0.5 
mole% 
NCG 
(segregated 
injection)

3 Vertical 
wells

3,000 125,000 1.98

Steam & 0.25 
mole% 
NCG 
(segregated 
injection)

3 Vertical 
wells

3,000 145,000 2.27

Steam only 
(segregated 
injection)

3 Vertical 
wells

3,000 160,000 2.94
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According to the economics analysis, the total project cost is around 
$3.9 billion for base case. Sensitivity analysis is conducted on the fixed 
capital investment (FCI), oil production, and Western Texas Intermediate 
(WTI). From the sensitivity analysis, it is found that the project is most 
sensitive on the oil price change. NPV for base case is $-580.9 million, 
and for NCG case is $-704.6 million. Rate of return for base case is 17.3%, 
and for NCG case is 16.5%. Payout period for base case is 4.1 years, and 
for NCG case is 4.3 years. NCG injection does reduce cost associated 
with steam generation and lower carbon intensity of the plant; however, 
it reduces the production by 12%. It is concluded that NCG injection 
is not economically beneficial under current oil price and carbon tax 
regulation. 
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The Study on the Gas Override 
Phenomenon in Condensate Gas Reservoir
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Abstract
The cyclic gas injection technique is commonly used in the development of condensate 
gas reservoir. However, the override of injected gas induces severe gravity segregation 
in formation, greatly limits the application of this technique, and relevant studies are 
rarely found in literatures. This paper studied the phase behavior of the mixture com-
posed of injected dry gas and condensate gas during the process of dry gas injection. 
The visual PVT cell exhibits a combination of dry gas - condensate gas - condensate oil 
for pressure fluctuate around dew pressure and a combination of dry gas - condensate 
gas for pressure above dew pressure. Considering the main influencing factors, a cor-
responding theoretical model is established to portray the formation and development 
of injected gas override in condensate gas reservoir. The case study indicates that the 
injected dry gas would surpass the original condensate gas and break through from  
the top of the reservoir. In addition, a transition zone is formed between the injected 
gas and condensate gas, and the transition zone would evolve over time. 

Keywords:   Condensate gas, cyclic injection, phase behavior,  
numerical simulation

18.1	 Introduction

The depletion of a condensate gas reservoir results in low recovery 
efficiency of condensate oil due to retrograde condensation under a 
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pressure lower than dew point pressure. Development based on main-
taining pressure production through gas injection can inhibit the pre-
cipitation of condensate oil and increase recovery efficiency [1, 2]. At 
present, gas injection is considered a good method for mining a con-
densate gas reservoir that is rich of condensate oil. Maintaining pressure 
production through gas injection is mainly divided into full and partly 
maintaining pressure production, on the basis of global mining prac-
tices concerning condensate gas reservoirs. Appropriate maintenance of 
pressure production through gas injection is applied in light of the con-
tent of condensate oil, the ground-dew point pressure difference and air 
source condition. Dry gas, nitrogen, air, and CO2 are the main gaseous 
media of injection [3, 4]. Dry gas is considered an injection medium for 
condensate gas reservoirs. It is categorized among hydrocarbon gases 
and can be used to extract heavy components in wet gas effectively after 
being mixed with wet gas in the formation, thereby realizing phase equi-
librium. As a result, the gaseous condensate oil content in formation 
decreases, which results in the reduction of retrograde condensate oil 
saturation in formation. The recovered wet gas is processed into dry gas 
and then injected in formation for cyclic use [5]. Therefore, compared to 
other nonhydrocarbon gases, dry gas can effectively increase the recov-
ery rate of condensate oil.

The dry gas overlying on condensate gas is found to greatly affect 
the recovery efficiency, although the effects of gravity difference and 
thermodynamics during the migration of reservoir components under 
high temperature and pressure on the component migration law are 
unknown. This paper uses PVT tests to demonstrate the phase behavior 
of the condensate gas in the dry gas injection process. In addition, the 
gravity segregation in the PVT tube is measured by chromatographic 
instrument.

18.2	 Experimental

18.2.1	 Pressure-Volume-Temperature Tests

The PVT apparatus is used to study the phase behavior of the oil and gas 
hydrocarbon mixtures. The core component of the system is a fully visual 
PVT cell, and mixtures of oil and gas are transferred into the cell for tests. 
The visual cell gives a vivid presentation of the changes in the volumetric 
properties of mixtures during the testing process. The schematic diagram 
for the apparatus is given in Figure 18.1. 
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18.2.2	 Pressure-Volume-Temperature Tests Design

1.	 The dry gas is injected from the top of the PVT cylinder in a 
slow and continuous manner, and the phase behavior of the 
two pseudo phases is recorded. The testing conditions are set as: 
(1) testing pressure (49MPa) is a little lower than the dew point 
pressure (49.98MPa) to simulate a reservoir condition that near 
the critical area; (2) testing pressure (53MPa) is higher than 
dew point pressure (49.98MPa) to simulate a reservoir condi-
tion far from the critical area. This step stops when the injected 
gas volume equals the volume of the original condensate gas.

2.	 After the first step, the fluid in the PVT cylinder is kept sta-
ble for a certain period of time to monitor the phase behav-
ior of the mixture under the influence of mass transfer. 

3.	 After the second step is completed, the mixture is made 
to stand still for 8 hours, and then the mixture is slowly 
removed from the PVT cylinder to test the composition at 
different vertical sections.

18.3	 Results and Discussion

18.3.1	 Phase Behavior During the Injection Process

Figure 18.2 shows the phase behavior of the mixture composed of the orig-
inal condensate gas and the injected dry gas. The first run was carried out 

Temperature senserTemperature senser

Pressure senserPressure senser

ComputerComputer

Intermediate
vessel
Intermediate
vessel

PVT testing unitPVT testing unit

PumpPump

PVT cellPVT cell

Pressure mediumPressure medium

Metal pistonMetal piston

Sample �uidSample �uid

Figure 18.1  Schematic diagram of the PVT experiment.
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under conditions (133oC, 49MPa) which lay in the adjacent area of the dew 
point, and with the second one (133oC, 52MPa) a little far from the dew 
point. The dry gas was injected from the top of the visual cylinder, and the 
testing process was recorded by camera.

The image (1) in Figure 18.2 was taken when there was only condensate 
gas in the PVT cylinder. This image was used as a reference photo to com-
pare with other photos, and in this image, the condensate gas is dark red. 
At this stage, the condensate gas is under the conditions which lay in the 
vicinity of the dew point, and the condensate gas demonstrated uniform 
fluid phase with no obvious interfaces.

Images (2) through (3) were taken at the initial injecting stage. At this 
time, the injected gas at the top of the visual cylinder show a bright yellow 
color and is very different from the color of the condensate gas at the bot-
tom. It implies that there is a significant difference in the physical proper-
ties between the dry gas and condensate gas at 133 °C and 49 MPa. 

With the continuous injection of dry gas, the PVT tube presents the 
upper dry gas phase and the lower condensate gas phase with a clear inter-
face between the two pseudo phases (Figure 18.2. image (4)). The dry gas 
is transparent and the condensate gas is yellow.

The volume of the upper dry gas phase continues to increase with the 
injection of dry gas. Due to the fact that the testing pressure is close to the dew  
point, the injected gas easily leads to the instability of the system. Consequently, 
the condensate liquid emerges. In that case, the dry gas, condensate gas and 
condensate oil coexist in the PVT cylinder with two obvious interfaces.

The upper gas phase continues to increase with time. In image (7), 
the interface between dry gas and condensate gas thickens as a result of 
mass transfer process, and the boundary between the two pseudo phases 

(1) (2) (3) (4) (5) (6) (7)
Silicon oil

Condensate gas

Condensate oil

Piston

Dry gas

C

Figure 18.2  Phase behavior of the mixture (133oC, 49MPa).
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gradually becomes blurry. This test stops when the injected gas volume 
equals the volume of original condensate gas in the PVT cylinder.

Figure 18.3 shows the phase behavior of the mixture when the test is 
carried out under a higher pressure. For the run with the higher pressure, 
the change of the phase behavior is close to the one with lower pressure. 
The primary difference is that the condensate liquid phase was no longer 
witnessed during the process.

In general, the results exhibited a lighter dry gas phase at the upper part, 
an intermediate gas phase (mixture of dry gas and condensate gas) in the 
middle, and in some cases, a heavier condensate oil phase (the oil phase 
is prone to emerge when the testing condition lay in the vicinity of the 
critic areas) in the lower part. Besides, due to the mass transfer process, the 
boundaries of the three pseudo phases would maintain a certain amount of 
time before they became blurred and vanished.

18.3.2	 The Effect of Mass Transfer on the Phase Behavior

Figure 18.4 presents the change of interfaces over time for the test with the 
lower pressure. For the 16 images in Figure 18.4, the time interval between 
every two images is 30 minutes. The image shows that the “pseudo phase 
interface” between the dry gas and the condensate gas would remain sta-
ble for a certain period of time, and the condensate gas-condensation liquid 
interface exhibits a stronger stability. In addition, the dry gas-condensation 
gas “pseudo interface” gradually thickens and becomes blurred, and barely 
exists in the end. However, the condensate gas-condensation liquid phase 
interface remains through the whole testing process and clearly separates the 
upper yellow transparent condensate gas and the lower red condensate gas.

(1) (2) (3) (4) (5)
133oC. 52MPa

(6) (7) (8) (9) (10)

Condensate gas

Piston

Dry gas

Figure 18.3  Phase behavior of the mixture (133oC, 53MPa).
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It indicates a stronger diffusion process between the dry gas and the con-
densate gas, as well as a weaker diffusion process between the condensate gas 
and the condensate liquids in the PVT cylinder. As a result, it takes even lon-
ger for the interface between condensate gas and condensate liquid to vanish. 

The images in Figure 18.5 were taken every hour. The image shows that 
the interface becomes more and more blurred with the extension of time. 
The dry gas is getting darker and darker, which is mainly caused by the 
diffusion the condensate gas into the dry gas. In this process, the dry gas 
become heavier, and the volume of the dry gas phase gradually increases, 
indicating the extraction of the condensate gas by the dry gas. Yet it still 
takes a long time to witness the disappearance of the interface. The PVT 
tests verifies the existence of the gravity segregation in the development of 
condensate gas reservoir by cyclic injection technique.

(1)(0) (2) (3) (4) (5) (6) (7) (8) (9) (10) (11) (12) (13) (14) (15) (16)

Condensate gas

Condensate oil

Piston

Dry gas

Figure 18.4  The vertical diffusion process (133oC, 49MPa).

(1)(0) (2) (3) (4) (5) (6) (7)

Condensate gas

Piston

Dry gas

(a)

Figure 18.5  (a) The vertical diffusion process (133oC, 53MPa).
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18.3.3	 Composition of the Mixture in the Cylinder

Chromatographic composition tests were performed on different sections 
in the PVT tube. The images were taken every 0.75 cm the piston moves up. 
It can be seen from Figure 18.6 and Table 18.1 that as the depth increases, 
the content of C2 to C6 increases gradually except the decrease of methane.

The equilibrium state between the condensate gas and dry gas widely 
exists in the condensate gas reservoir developed by cyclic injection 
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Figure 18.6  The composition of the mixture at different sections (133oC, 53MPa).
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Figure 18.5  (b) The remove of the mixture from the top of the cylinder.
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technique. The development process shows a binary system when the for-
mation pressure is above the dew point pressure, and a ternary system when 
the formation pressure is lower than the dew point pressure. Generally, the 
top of the reservoir is segregated by the gas phase composed of dry gas 
and condensate gas, and the higher the elevation is, the lighter the gas will 
become. Similarly, the gas gradually becomes heavier with the increase of 
depth, specifically, the gas-oil ratio is getting smaller and smaller, and the 
density is getting larger and larger.

18.4	 Conclusions

When the injection pressure is near the dew point during the gas injection 
process, the pressure fluctuations will lead to the formation of three phases 
in the PVT tube, and the dry gas, the condensate gas, and the condensate 
phase are witnessed from the top to the bottom of the PVT tube. 

The dry gas-condensate gas interface gradually becomes blurred with 
time, but the gas-liquid interface is obvious and stable.

 When the gas injection pressure is higher than the dew point pressure, 
the pseudo phase boundary is stable and barely disappears.

As the depth increases, the methane content decreases with the increase 
of the intermediate component and the heavy component.

References

	 1.	 Jessen, K. and Orr, F.M., Gas cycling and the development of miscibility in 
condensate reservoirs. SPE Reserv. Eval. Eng., 7, 05, 334–341, 2004.

	 2.	 Sadooni, M. and Zonnouri, A., The effect of nitrogen injection on produc-
tion improvement in an Iranian rich gas condensate reservoir. Petrol. Sci. 
Technol., 33, 4, 422–429, 2015.

	 3.	 Nasiri Ghiri, M., Nasriani, H.R., Sinaei, M. et al., Gas injection for enhance-
ment of condensate recovery in a gas condensate reservoir. Energ. Source 
Part A: Recovery, Utilization, and Environmental Effects, 37, 8, 799–806, 2015.

	 4.	 Linderman, J.T., Al-Jenaibi, F.S., Ghori, S.G. et al., Feasibility study of substi-
tuting nitrogen for hydrocarbon in a gas recycle condensate reservoir[C]//
Abu Dhabi International Petroleum Exhibition and Conference. Soc. Petrol. 
Eng., 2008.

	 5.	 Yuguan, L., Adjustment measures of circulating gas injection in kekeya con-
densate gas field in xinjiang province and its development effectiveness. Nat. 
Gas Ind., 20, 4, 61–62, 2000.



321

Ying Wu, John J. Carroll, Mingqiang Hao and Weiyao Zhu (eds.) Gas Injection into Geological 
Formations and Related Topics, (321–332) © 2019 Scrivener Publishing LLC

19

Study on Characteristics of Water-Gas  
Flow in Tight Gas Reservoir 
with High Water Saturation
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Abstract
Aiming at the characteristics of tight gas reservoirs with low gas saturation, 
based on the experimental results, a new mathematical model of gas-water two-
phase flow in tight reservoirs is presented. For multi-scale flow characteristics of 
tight reservoir fluids, a dynamic cross-scale relative permeability curve system 
for gas and water is presented, which corresponds to distinct relative permeabil-
ity curves for different flow condition. The gas-water problem has a high degree 
of nonlinearity, and has high requirements for wellbore processing and matrix 
calculation. In order to ensure the stability of the solution, the full implicit 
finite difference method and the full implicit well processing method have been 
adopted for calculation. The model is verified and a series of influence factors 
have been analyzed. The results show that the TPG has a significant impact on 
gas well productivity. It has a relatively shorter stable production period and the 
gas production in the later stage of production is significantly reduced when 
TPG is taken into account. 

Keywords:  Tight gas, low gas saturation, confined water, relative permeability, 
numerical simulation
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19.1	 Introduction

As is known, liquid flow in the low or ultra-low permeability reservoirs is 
low-velocity non-Darcy flow, namely, flow with a threshold pressure gra-
dient (TPG) [1]. The model was presented first by Soviet Union scholars in 
1951 and further studied by many scholars [2–4].

However, gas flow with TPG in porous media is a controversial issue. 
There is the slippage effect with gas flow in porous media without irre-
ducible water, which was first presented by Klinkenberg in 1941. The 
result of laboratory cores containing water tested by Rose in 1948 indi-
cated that the higher the water saturation, the weaker the slippage effect. 
The same conclusion was obtained by Estes and Rushing in 1956. The 
slippage effect is positive for the development of gas reservoirs, but the 
flow behavior of fluids in many water-bearing gas reservoirs developed 
was shown as low-velocity non-Darcy flow, which is a negative effect. The 
view that gas flow, similar to liquid in porous media, could be the low- 
velocity non-Darcy flow was first proposed in 1986. In recent years, 
some researchers tried to verify the view and find the conditions of low- 
velocity non-Darcy gas flow by experimental measurements and theoret-
ical analysis [5–16].

The study is organized as follow. First, we conducted the gas-flooding 
experiments with different flooding pressure. Then the NMR measure-
ments were used to analyse the water occurrence in the core samples 
after the experiments. After that, a mathematical model was established 
to consider the gas-water interaction behavior under different pore and 
production pressure. Finally, a reservoir simulator was presented to 
study the characteristics of two-phase flow in the duration of reservoir 
exploitation.

19.2	 Experiments 

19.2.1	 Materials

The core samples in this paper originate from Sulige gas field, China, which 
is a typical sandstone reservoir. The properties of the cores are shown in 
Table 19.1.

The characteristics of the formation water content are shown in 
Table 19.2. From the analysis results, it can be known that formation water 
in this reservoir is type of CaCl2.
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19.2.2	 Experimental Procedure

It can be known that NMR technology can measure parameters like the 
content of mobile water and remaining water saturation in a core sample 
precisely. When the core is fully saturated with water, T2 map manifests 
the pore distribution in the core. By comparing with the T2 map after gas 
flooding, it is accessible to study the pore characteristics of pore which 
contain great amount of remaining water.

1.	 Drill the plunger rock sample with a diameter of 2.5 cm 
and align the ends. Then use solvent (alcohol + benzene) 
extraction method to wash the core. The rock sample is then 
dried in a vacuum oven at 105 °C until it maintains a con-
stant weight. Weigh the core sample.

2.	 Evacuate the core, saturate it with formation water. Weight 
the core sample after saturating. Measure the NMR T2 curve 
in fully saturated condition. Calculated the water saturation, 
and the mobile water saturation.

3.	 Put the core into the gripper. Check the connection of 
apparatus. Start the gas flooding experiment at a certain 
flooding pressure. Continue the experiment until there is 

Table 19.1  Properties of cores from Sulige gas field.

Core 
number

Diameter, 
cm

Length, 
cm

Porosity, 
%

Permeability, 
mD

GA110-1 2.55 3.60 15.0 7.41

GA110-1 2.55 3.60 14.2 4.71

GA110-1 2.56 3.61 10.9 0.628

GA110-1 2.55 3.61 5.1 0.048

Table 19.2  Properties of formation water in Sulige gas field.

Ion type Ca2+ Na+ K+ Mg2+ Cl- HCO3- SO4
2−−

Ion concentration, 
mg/L

2528 13793 2414 270 29703 337 734
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no water flow out the core and the gas rate reaches a con-
stant state.

4.	 After the gas flooding process in one flooding pressure. 
Weigh the core again and conduct the NMR measurement 
again.

5.	 Increase the flooding pressure. Repeat steps 3 and 4, until 
the whole experiment ends. 

19.2.3	 Experimental Results and Analysis

According to a large number of experimental experiences, it is determined 
that the boundary T2 value of the mobile water and residual water in the 
sandstone core pores is between 12ms and 16ms. The part larger than the 
boundary value indicates the mobile water in the large pores, and the part 
smaller than the boundary value indicates the water in the small pores. 
Hence, according to the core magnetic test T2 spectrum, the existence of 
water in the core of different pore types could be identified.

Representative experimental results are presented in Figure 19.1. It can 
be seen from the figures that in the low-pressure gas flooding stage, as the 
gas-flooding pressure gradually increases, the signal larger than the bound-
ary value gradually weakens, and the signal less than the boundary value 
remains generally unchanged. When the gas-flooding pressure increases to 
a certain extent, the signal drop which is greater than the boundary value 
is very low and remains generally unchanged. This indicates that the water 
in the macropores is mainly in the form of mobile water, the water in the 
small pores is mainly in the form of residual water. At the same time, the 
smaller the pore, the less the mobile water in the pores, and the residual 
water occupied a larger ratio.
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Figure 19.1  NMR experimental results.
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To further analyze the characteristic of water distribution in tight res-
ervoir and its effect, we discussed the relationship between mobile water 
saturation, the gas-flooding pressure and core physical properties as shown 
in Figure 19.2.

After that we can conclude that: (1) The residual water saturation in 
the small pores is also related to the permeability K and the gas flooding 
pressure (production pressure) ΔP. For a tight gas reservoir, when the pro-
duction pressure is less than the critical driving pressure, the residual water 
saturation approximately keeps constant and high; when the production 
pressure is higher, the residual water saturation decreases linearly:

	
S (K, ΔP) =

Sw_constant1(K)

A(K)ΔP + B (K)

ΔP ≤ ΔP1 (K)

ΔP1 (K) ≤ ΔP ≤ ΔP1wc (K)	
(19.1)

	 Sw_constant1(K) = −0.076ln(K) + 0.6472	 (19.2)
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Figure 19.2  Analysis of NMR results.
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	 ΔP1(K) = 0.282K−0.289	 (19.3)

	 ΔP1wc(K) = −0.043 ln(K) + 1.22	 (19.4)

	 A(K) = −0.0097K2 + 0.1085K – 0.5255	 (19.5)

	 B(K) = 0.0185K2 – 0.206K + 1.085	 (19.6)

(2) The residual water saturation in the large pores is also related to the 
permeability K and the gas flooding pressure (production pressure) ΔP. 
For a tight gas reservoir, when the production pressure is less than the 
critical driving pressure, the residual water saturation approximately keeps 
constant and high; when the production pressure is higher, the residual 
water saturation decreases logarithmically:

	
S (K, ΔP) =

Sw_constant0(K)

A(K)ln(ΔP) + B (K)

ΔP ≤ ΔP0 (K)

ΔP > ΔP0 (K)	
(19.7)

	 Sw_constant0(K) = 0.0748ln(K) + 0.3498	 (19.8)

	 ΔP0(K) = 0.568e−0.539K	 (19.9)

	 A(K) = 0.0035K2 – 0.0309K – 0.0717	 (19.10)

	 B(K) = 0.0023K2 – 0.0232K + 0.0392	 (19.11)

After we get the residual water saturation in different production pres-
sure and pores with different permeability, a new relative permeability 
curve could be obtained which varied a lot in different place and time of 
calculation. In the numerical simulation, we added this mobile relative 
permeability curve for calculation.
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19.3	 Numerical Simulation for Tight Gas Reservoir 
with Low Gas Saturation 

19.3.1	 Model Description

To simplify the gas-water two-phase flow modeling while honoring non-
linear flow behavior, the following assumptions are made in the model 
construction and percolation simulation:

(1) The simulation process is gas-water two-phase flow with 
capillary force taken into account.

(2) Gas and water are mutually immiscible and water phase is 
incompressible.

(3) Stress effect to the formation porosity is neglected.
(4) Fluid flow happens under constant temperature.
(5) Gravity force is ignored.

1. Motion equation:
In order to consider the multi-scale flow effects of gas, the Knudsen num-
ber is added here to carry out gas-water two-phase multi-scale numerical 
simulation. The Knudsen number is assigned to each grid in the form of 
matrix.
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2. continuity equation:
In gas-water two-phase percolation, the continuity equations are as follows:
Gas-phase:
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Water-phase:
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3. Fundamental Differential Equation: 
From all the aforementioned equations together, we can get the fundamen-
tal differential equation as follows:

Gas-phase:
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Water-phase:
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Numerical simulator was established utilizing finite difference method 
based on a fully implicit approach. The interface of the simulator is shown 
in Figure 19.3.

19.3.2	 Model Validation

In order to verify the correctness of the calculation model, this paper 
compares the model with the CMG calculation model. Since the CMG is 
temporarily unable to effectively deal with the threshold pressure gradient 
function, we degenerate into an ideal reservoir for comparison, regardless 
of the threshold pressure gradient. The calculation parameters are: res-
ervoir permeability of 0.5 mD, reservoir porosity of 0.08, fluid density of 
1000 kg/m3, fluid viscosity of 1.023 mPa.s. The reservoir thickness is 10 m, 
the half-length of fracture is 100 m, and the initial water saturation is 0.6. 
The calculation results are shown as follows:

The numerical model is validated by comparing with the CMG results. The 
results of comparison are shown in Figure 19.4. We can see from Figure 19.4 
that the numerical model runs according to the CMG results strictly. 
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19.3.3	 Effect of Threshold Pressure Gradient 

After model validation, threshold pressure gradient of water phase was 
added into the model to considering its effect. The calculation parameters 
in the numerical model was from an actual reservoir in China which are 
shown as follow:

Figure 19.3  Interface of the reservoir simulator.
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In the numerical model, we regulated that the production well (vertical 
well) should operate at a constant gas rate (15000 m3/d) at first. When the 
production rate cannot reach that level gradually, the well would operate at 
a fixed well- bottom hole pressure (15 MPa). The effect of the water phase 
TPG is shown as follow:

In terms of gas rate, the productivity curves of the two situations have 
similar decline patterns. However, under the conditions of TPG effect, the 
stable production period is relatively shorter (approximately 20%). In the 
later stage of production, both of situations have a rapid decline in daily 
gas production, of which the value is close to zero. In terms of water rate, 

Table 19.3  Calculation parameters in the numerical model.

Parameter Value Unit 

Reservoir initial pressure 25 MPa

Reservoir average porosity 9.8 %

Reservoir average permeability 0.5 mD

Initial water saturation 62 %

Reservoir height 5 m

Fluid viscosity 0.1 mPa.s

Half-length of hydraulic fracture 100 m

Fracture conductivity 15 D.cm
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daily water rate gradually increases at first, and after conversion to constant 
bottom-hole pressure conditions, the amount of water produced gradually 
decreases. It could be seen from the figure that the TPG effect has a signif-
icant influence on the water production. In the case of the TPG effect, the 
water production is significantly reduced, the peak production of water is 
reduced by 40%, and the final production of water is reduced by 90%.

19.4	 Conclusions

(1) The occurrence of water and its mobility in different core 
sample are various, which is mainly related to the pore struc-
ture and flooding pressure.

(2) Residual water saturation in different part of reservoir may 
be distinctive due to different production pressure and 
reservoir properties. Thus, a mathematical description of 
the residual water saturation was presented and a mobile 
relative permeability curve was added into the numerical 
model.

(3) Through the numerical simulation, it could be seen that 
TPG has a significant effect on gas rate and water rate. Under 
the situation of TPG, the stable production period was 20% 
shorter and water rate was 40% smaller.
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Abstract
The override of injected gas in condensate gas reservoir leads to poor displace-
ment efficiency, and research that presents a specific description of gas overburden 
encountered in condensate gas reservoir is rare. This paper presents a mathemat-
ical model to describe the override of injected gas, and finite element method is 
performed on a two-dimensional (2D) cross-section to achieve the results. The 
paper studies the effects of several key factors involved in the development of gas 
overburden, including the densities of injected gases and other factors related to 
reservoir properties as well as exploitation methods. The results demonstrate that 
the density difference between injected gas and condensate gas plays a vital role in 
the overburden phenomenon, and injected dry gas would surpass the condensate 
gas with injected CO2 flowing along the bottom of the condensate gas. A further 
case study exhibits that perforation position and dip angle are two other dominant 
factors in the development of gas overburden.

Keywords:  Gas override, condensate gas, mathematical model,  
orthogonal experiment

20.1	 Introduction

As one of the unconventional gas reservoirs, condensate gas reservoir has 
very important economic value. During the development of condensate 
gas reservoirs, the pressure drop leads to the occurrence of retrograde 
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condensate phenomenon, the formed condensate oil would block the gas 
seepage channels and hamper the gas production process. Therefore, the 
condensate gas reservoirs are usually developed by cyclic gas injection 
technique. The main function of the procedure is to maintain the forma-
tion pressure and prevent the occurrence of condensate oil. However, in 
the process of gas injection, gravity overburden of different degrees is likely 
to occur, during which the injected gas breaks through from the upper part 
of the reservoir and forms a secondary “gas cap,” greatly decreasjng the 
recovery efficiency.

Yet most studies regarding the gas override phenomena were focused 
on those taking place during steam flooding processes and gas-liquid dis-
placements. In the course of steam flooding, premature breakthrough of 
steam results in unfavorable sweeping areas and poor displacement effi-
ciencies [1, 2].

Nzekwu [3] studied the effect of density difference on the override of 
injected agent. They observed the gravity overburden in liquid – liquid dis-
placement even with low density differences. They also reported the over-
ride and underride with different density combinations of injected fluid 
and the in – place liquid during simultaneous injection of gas and liquid. 
There were also studies that took advantage of gas’s own density to displace 
the bottom oil and achieved good results, especially in the dipping reser-
voirs, which has exhibited significant effect [4].

Rossen [5] and Shi [6] the gravity number to measure the degrees of 
gravity overburden. The gravity number is related to the pressure differ-
ence between the gaseous and liquid phases. Rossen argued that the larger 
mobility and gravity would induce a more obvious gravity overburden, and 
in continuous injection mode, a larger injectivity would result in a higher 
speed and pressure, and the consequently smaller gravity number can mit-
igate the influence of gravity overburden. 

Based on their study, Boeije [7] studied the influence of injection speeds 
on gravity overburden, and Boeije suggested different injection strategies 
for the injected foam with different mobilities to reduce the influence of 
overburden. Shi [8] confirmed with numerical simulation that the attain-
able maximum injection pressure at the maximum injection rate brought 
the most favorable result in the continuous foam injection process, and at 
the same time, led to the least development of the gravity overburden. 

Taking into consideration the viscosity-gravity ratio, Stone [9] and Jenkins 
[10] studied the starting point where gravity overburden took place for gas- 
water mixing zones in rectangular and radial reservoirs. They divided the 
reservoir into gas phase zone, gas-water mixing zone and water phase 
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zone, and they established a theoretical model for the gas-water mixed-
phase displacement at steady-state. 

Generally, most research regarding the override phenomenon was con-
centrated on gas – water phases, and only rarely has it focused on the over-
ride in the gas phase alone. The major differences lie in that the diffusion 
process is of great importance for the emergence of this phenomenon.

In this paper, the injector-producer model is established according to 
the actual well spacing. A mathematical model is established on the basis of 
the Darcy flow theory and the concentrated matter transfer theory to pre-
dict the formation and development of injected gas override. The effects of 
different injection strategies and reservoir properties on the development 
of gravity overburden were also studied. The results show that the gravity 
overburden is mainly affected by the density difference between injected 
gas and condensate gas, and the dry gas demonstrates the greatest degree 
of overburden, and the carbon dioxide can greatly mitigate the unfavorable 
effects caused by overburden. In addition, studies have shown that reser-
voir thickness, sedimentation pattern, well spacing, and injection-pressure 
differential also have different impacts on gravity overburden. 

20.2	 Mathematical Formulation

This study aims to solve the problem of override of injected gas during the 
cyclic gas injection process for condensate gas reservoirs. In this paper, a 
two-dimensional porous medium was constructed with width b and height h.  
The porous medium was considered to be saturated with condensate gas 
in the first place.

Generally, the mass transfer easily takes place during the development 
of condensate gas reservoirs. Considering the density difference between 
the injected gas and the condensate gas, and in the same time, to simplify 
the calculation process, the fluid involved in this study are divided into 
three pseudo phases: dry gas phase, condensate gas phase, condensate liq-
uid phase, the formation fluid are categorized in three pseudo components: 
C1 (CH4), C2~C4 (C2H6~ C4H8), C5+ (C5H10~C7+).

The conservation equations for injected gas and condensate gas in this 
study is:

	

∂
∂
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In the above equation, Wi, Fi, Di, Ji represent the mass concentration, the 
convection flux, the diffusion flux, and the override flux. Their definitions 
are given as:

	
W S ci j j ij
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=
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3

	
(20.2)

Where ϕ, j, ρj, Sj and cij are the porosity, the phase identification, the density 
of phase j, the saturation of phase j, and the mass concentration of compo-
nent i in phase j.
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The subscripts c, d, L represent the condensate gas phase, the dry gas 
phase and the condensate liquid phase. Similarly, the subscripts 1, 2, 3 rep-
resent the three pseudo-components: CH4, C2H6~C4H8 and C5H10~C7+ 
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Where Dij is the Maxwell-Stefan diffusion coefficient of component i in 
phase j.

	 Ji = ϕvgsρdcid	 (20.5)

In this part, we constructed a term vgs to describe the vertical overbur-
den velocity. vgs is related with the vertical velocity and a function f affected 
by permeability, their definitions are given as:

	 vgs = f(Ng, K)vz	 (20.6)

Where Kz, Kx are the vertical permeability and horizontal permeability of 
the formation, and a, b are regression coefficients. Ng is a parameter related 
to the pressure gradient, the density difference between phases and the for-
mation thickness. 
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Flux generated by chemical reaction
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The velocity is described by Darcy’s Law
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Where K, μ, ρ, g, and H are the permeability, the viscosity, the density, the 
gravity acceleration, and the formation height.

20.2.1	 Numerical Scheme

This study adopted the Crank-Nicolson implicit difference method, which 
is a second–order implicit scheme and can generate numerically stable 
results. The differentially processed equations feature strong nonlinearity, 
and in this paper, the modified Newton-Raphson iterative method was 
used to solve the nonlinear equations.

20.3	 Results and Discussion

20.3.1	 The Development and Assessment of Gas Override 

In Figure 20.1, one can observe the occurrence of gas override, specifically, 
the methane surpasses the condensate gas and breaks through from the top 
of the reservoir. In order to gain an intuitive understand of the overburden 
phenomenon, in this section, we adopt the concepts of override angel and 
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horizontal override distance to assess the degree of gas overburden, and 
their definitions are depicted in Figure 20.1. In Figure 20.1, the d represents 
the horizontal overburden distance and θ represents the overburden angle.

	
θ π= −
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arctg h
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(20.11)

Notably, the θ is proportional to the degree of gas overburden. That is to 
say, when θ is 90°, it means that the dry gas does not flow over the conden-
sate gas, and when θ is greater than 90°, the dry gas exceeds the condensate 
gas. The larger θ implies a heavier development of gas overburden.

It can be seen from Figure 20.2 that from day 0 to day 700, the horizon-
tal overburden distance and the overburden angle experience an increase 
of 158m and 68° respectively. The override angle exhibits a drastic increase 
in the early stage and a moderate one afterwards. 
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Figure 20.1  The shape of the injected gas override.
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Figure 20.3 depicts the mole fraction distribution of methane on the 
imaginary interface at different times, from which one can observe that 
methane is more likely to aggregate at the upper part of the reservoir, and 
the aggregation of methane would evolve over time. 

After gas is injected, a transition zone is formed between the injected gas 
and the condensate gas as the result of mass transfer process, and the tran-
sition zone is further widened over time. Figure 20.1 shows a typical com-
position contour plots of injected methane. In this paper, the mixture width 
is defined as the distance between the position where the mole fraction of 
injected gas is 0 and the position where the mole fraction of injected gas 
is 0.99. It can be noticed from Figure 20.1 that with the injection of meth-
ane, the mixture zone composed of methane and condensate gas emerges, 
and its width expands from the initial 15m on day 50 to 124 m on day 800  
(Figure 20.4). One can also observe that the width increases fast at earlier 
stage and slows down in the later period.

20.3.2	 Sensitivity Analysis

In this section, we investigated the influence of density differences on grav-
ity override, which were reflected in the choice of different injected gases 
(dry gas, nitrogen and carbon dioxide). 
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Figure 20.3  Molar fraction distribution along the z direction.
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20.3.2.1	 The Influence of Density Difference on Gas Override

In this section, the effect of density difference on gas override was reflected 
by different injected gases. Three typical gas agents (methane, nitrogen and 
carbon dioxide) were chosen for that purpose. The primary differences 
among those agents lie in their different densities under formation condi-
tion, which are 246 kg/m3, 321 kg/m3, and 731 kg/m3 for dry gas, nitrogen 
and carbon dioxide, respectively. As the density of condensate gas in this 
study is 309 kg/m3, the density ratios between injected gases and conden-
sate gas are 0.80, 1.04 and 2.37 for dry gas, nitrogen and carbon dioxide.

Figure 20.5 shows the molar fraction distributions of CO2, N2 and C1 
at producer on day 1000. It can be seen that along the z direction, from  
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z= 0m to z= 50m, the molar fraction of dry gas increases from 0 to 0.225, 
with the one for nitrogen decreases from 0.306 to 0.104 and the one for 
CO2 decreases from 0.740 to 0, indicating that injected dry gas would 
cause the most severe overburden, and N2 can relieve the override in a 
large scale. Furthermore, for the case of CO2, it can even lead to a reverse 
override. When the time comes to day 1200, the vertical molar fraction 
difference for methane, nitrogen and carbon dioxide along the z-axis are 
0.270, -0.239 and -0.883, respectively. In other words, the overburden of 
the three injected gases all become stronger over time.

20.4	 Conclusions 

The mathematical model in this study provides a quick and appropriate 
solution to the gas override phenomenon in the development of conden-
sate gas reservoir, facilitating the prediction and prevention of the unfa-
vorable results the gas override might bring. Some of the conclusions are 
drawn as follows. 

1.	 A transition zone is formed between the injected gas and the 
condensate gas as the result of mass transfer process, and the 
transition zone is further widened over time.

2.	 Among the various factors involved in the development of 
gas override, the density difference is the largest contributor. 
The dry gas would surpass the original condensate gas and 
CO2 would flow along the bottom of the original condensate 
gas.
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Abstract
In conventional reservoir assessment, porosity and permeability are generally used as 
characterizations of reservoir properties. The test of the movable water and the core 
flooding experiments show that for the low-permeability and ultra-low-permeability 
reservoirs, it is deficient to evaluate the reservoir physical properties only by poros-
ity and permeability. As a supplementary parameter, the content of movable water 
can better characterize the physical properties and seepage characteristics of tight 
sandstone gas reservoirs. To study the movable water in the rock pores, a combina-
tion of gas flooding experiments and nuclear magnetic resonance (NMR) technique 
are adopted in this paper. After each gas flooding experiment, the core is weighed, 
and NMR is used to test the water distribution. Experiments show that the water 
in the tight sandstone gas core greatly reduces its effective permeability, and there 
is remarkable negative correlation between the permeability loss and the core per-
meability. Secondly, when the injection pressure is greater than the critical pressure, 
the movable water in the pores will all be driven out, and as the injection pressure 
increases, the residual water will also be partially driven out. 

Keywords:  Tight sandstone gas reservoirs, low permeability, water saturation, 
movable water 

21.1	 Introduction

Most tight sandstone gas reservoirs in China have the characteristics 
of low porosity, low permeability, high water saturation, high stress 
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sensitivity, high capillary pressure, and the reservoir geological con-
ditions are very complicated. Seepage theory and gas reservoir engi-
neering method can no longer meet the needs of low-permeability gas 
reservoir development. The seepage mechanism of low-permeability  
gas reservoirs is quite different from that of medium-high permeability 
gas reservoirs [1]. The influencing factors are numerous and the situa-
tion is complicated. At present, gas-water seepage law, the changing char-
acteristics of reservoirs in the development process, and the gas supply 
mechanism in different regions of heterogeneous reservoirs are still not 
clear. It is necessary to continue to study, grasp the development mech-
anism and laws, and take corresponding countermeasures to effectively 
improve the development benefits of low permeability sandstone gas  
reservoirs.

The initial water saturation of the tight sandstone gas reservoirs is gen-
erally high, and the water/gas ratio of gas wells is also high at the same 
time. Whether it is Sulige gas field or Guang’an gas field in China, gas 
wells generally produce water, and some have high water production [2]. 
It is indicated that part of movable water is produced from the stratum. 
In order to study the mechanism of water production, different types of 
cores are selected in this paper, and gas flooding experiments with different 
pressure are carried out to analyze the change of water saturation and its 
mobility in the pores.

21.2	 Experimental

21.2.1	 Experimental Equipment 

The experiment was conducted under normal temperature and pres-
sure. The confining pressure system uses a high-precision multi-stage 
plunger displacement pump (Teledyne isco100-DX) for pressure control. 
A DXD high-precision digital pressure sensor is used for pressure mea-
surement, and a high linear differential pressure sensor is used to accu-
rately collect the pressure across the core. Back pressure control system 
uses BP-100 air spring back pressure valve manufactured by an American 
company and uses high-precision multi-stage piston displacement pres-
sure pump to control. In order to simulate the characteristics of formation 
stress, the experiment adopts three-axis core holder. Gas metering using 
soap-film flow meter. The experimental equipment diagram is shown in  
Figure 21.1.
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21.2.2	 Experimental Procedure 

Cores with different physical properties (Table 21.1) were selected to con-
duct gas percolation experiments (dry cores) and gas flooding experiments 
(water-saturated cores).

(1) gas percolation experiments (dry cores): Put the dry cores into the 
holding unit, keep the net confining pressure to 3.0MPa, and set the gas 
drive pressure to 0.05, 0.1, 0.2, 0.3, 0.4, 0.5, 0.6, 0.7, 0.8, 0.9, 1.0, 1.5, 2.0, 
3.0 MPa (from low to high) for gas flooding, when the gas flow rate is fixed 
at certain gas drive pressure, increase the drive pressure to the next point

(2) gas flooding experiments (water-saturated cores): after the above 
step, cores are vacuumed to fully saturate the brine, and then repeat the 
step 1.

The flow rate of the dry cores increases linearly with the increase of the 
gas drive pressure (Figure 21.2), indicating that the gas percolation in the 
dry cores is linear percolation.

3

1

7

2

4 6 5

8

1 - core gripper, 2 - gas cylinder, 3 - multi-stage plunger pump,
4 and 5 - pressure sensors, 6 - high linearity differential pressure sensor,

7 - pressure-regulating valve, 8 - soap-film gas meter  

Figure 21.1  Experimental equipment diagram.

Table 21.1  Cores physical parameters.

Core number Length/cm Diameter/cm Porosity/%
Permeability/ 

×10-3μm2

GA110-1 3.60 2.55 15.0 7.41

GA110-2 6.48 2.55 14.2 4.71

GA111-5 3.61 2.56 10.9 0.628

GA110-3 4.41 2.55 8.18 0.048
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21.3	 Results and Discussion

21.3.1	 Change of the Saturated Water

Under the same gas drive pressure, the gas flow rate passing through the 
fully saturated water cores is much smaller than the flow rate through the 
dry cores (Figure 21.3), indicating that the water inside the core has a resis-
tance to the gas flow, the gas cannot flow as the drive pressure is too low to 
overcome the capillary force of water. The efficient flow may happen only 
when the pressure is high enough to drive the water in the maximum pore 
throat, and the pressure is the pseudo starting pressure.

The change of the water saturation in the core under various drive pres-
sure difference is shown in Figure 21.4. According to Darcy’s law, on the 
same core, the seepage velocity is proportional to the drive pressure dif-
ference, so the pressure difference is actually a reflection of the seepage 
velocity. As shown in Figure 21.3 and Figure 21.4, when a certain initial 
pressure difference is reached, the water in the core begins to flow, and the 
water saturation decreases drastically. After that, the displacement pres-
sure difference increases (that is, the airflow velocity increase), there is 
a small drop in water saturation. This phenomenon indicates that when 
the displacement pressure is low, the water in the relatively large pores 
is driven first. As the displacement pressure increases, the water in the 
smaller pores starts to flow. And the pressure continues to increase, the 
water production is no longer increased, the remaining water in the pores 
is the residual water.

This indicates that for the reservoir which has good conditions of phys-
ical character, when the water saturation is high, the gas starts to flow, 
which will drive part of the water flow in the pores under a certain pres-
sure difference. And the larger the production pressure difference (the 
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higher the gas well production), the more water is produced, when it is 
below a certain production pressure difference (the output is reduced), 
the water in the pores stops flowing, and the gas well stops producing 
water. This indicates that the irreducible water saturation of the low per-
meability gas reservoir is not a fixed value in the development process, 
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but a physical quantity relative to the gas seepage velocity. As the gas 
flow velocity increases, the water saturation decreases gradually, which 
increases the gas phase permeability. Therefore, in some low permeability 
gas reservoirs, the gas phase permeability may increase with the develop-
ment of the gas field.

The relationship between residual water saturation and flow pressure 
difference is shown in Figure 21.4, which can be adopted to determine 
whether a certain type of gas layer produces water under various produc-
tion pressure difference. For example, the sample 2-43/92-3(Φ=12.58%, 
K=1.51mD), if the initial water saturation is 50%, the water will not flow 
when the production pressure difference is less than 0.5MPa, and the 
water in the pores begins to flow when the production pressure difference 
is above 0.5MPa. The upper part the curve is in the figure, the worse the 
physical properties of the sample is, indicating that under the same pro-
duction pressure difference, the physical properties are poorer, the immov-
able water saturation is higher in the reservoir. From the perspective of 
accumulation, the water in the tight reservoir is not easily discharged in 
the process of accumulation, so the residual water saturation is high. (The 
physical properties of the cores in the figure: porosity is 7.75% to 14.45%, 
permeability is 0.049 to 20.8mD.)

21.3.2	 Test of the Movable Water 

In conventional reservoir assessment, porosity and permeability are 
generally used as characterizations of reservoir properties. The test of 
the movable water and the core flooding experiments show that for the 
low-permeability and ultra-low-permeability reservoirs, it is deficient to 
evaluate the reservoir physical properties only by porosity and permea-
bility. As a supplementary parameter, the content of movable water can 
better characterize the physical properties and seepage characteristics of 
tight sandstone gas reservoirs.

To study the movable water in the rock pores, a combination of gas 
flooding experiments and nuclear magnetic resonance (NMR) technique 
are adopted in this paper. After each gas flooding experiment, the core is 
weighed, and NMR is used to test the water distribution.

Figure 21.5 shows the water saturation profiles of the four cores (GA110-1, 
GA110-2, GA111-5, and GA110-3) under different gas flooding pressures. 
It can be seen that the permeability of GA110-1 and GA110-2 is relatively 
high (greater than 1.0mD), the water saturation begins to decrease when 
the gas flooding pressure is 0.05MPa. But the permeability of GA111-5, 
GA110-3 is small (less than 1.0mD), the gas flooding pressure at which the 
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water saturation begins to decrease is relatively large, the pressure at which 
the water saturation of GA111-5 begins to decrease reaches 0.4MPa, and 
GA110-3 reaches 0.8 MPa. It can also be seen from the figure that the water 
saturation decreases greatly in the initial stage of gas flooding. As the gas 
flooding pressure increases, the decreasing extent of the water saturation is 
reduced. And the eventual decreasing extent of the water saturation is pro-
portional to the permeability of cores. For low permeability gas fields, it is 
difficult to drive water out when the gas flooding pressure is low, indicating 
that the water in the small pores is difficult to drive out as the binding force 
(capillary force) is strong.

21.4	 Conclusion

(1) The water inside the core has a resistance to the gas flow, the gas can-
not flow as the drive pressure is too low to overcome the capillary force 
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of water. The efficient flow may happen only when the pressure is high 
enough to drive the water in the maximum pore throat.

(2) The irreducible water saturation of the low permeability gas reservoir 
is not a fixed value in the development process, but a physical quantity rela-
tive to the gas seepage velocity. As the gas flow velocity increases, the water 
saturation decreases gradually, which increase the gas phase permeability. 

(3) For low permeability gas fields, it is difficult to drive water out when 
the gas flooding pressure is low, the water in the small pores is difficult to 
drive out as the binding force (capillary force) is strong.
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Probabilistic Petroleum Portfolio 
Options Evaluation Model (POEM)

Darryl Burns*

TAQA North, Calgary, AB, Canada 

Abstract
The purpose of this project is to provide petroleum engineers and management 
teams with a probabilistic model for evaluating projects and portfolios to iden-
tify optimal investment options that meet or exceed desired return criteria while 
remaining within acceptable risk and capital budget. This project would not have 
been possible without the Probability Management Enterprise SIPmath add-in 
tools, and mentorship from Dr. Sam Savage. Thank you. 

The model consists of an individual Project Economic Evaluation Tool (PEET), 
and a Portfolio Options Evaluation Tool (POET), both constructed in Microsoft 
Excel with Enterprise SIPmath add-in available from Probability Management. 
These tools are provided as a ‘beta version’. At this stage of development, these tools 
are suitable for use by an experienced petroleum engineer who is also familiar with 
Microsoft Excel and Probability Management Enterprise SIPMath add-in tools. 
Commodity pricing and royalty calculations built into the tools are specific to the 
Province of Alberta, Canada. Since the tools are constructed in Microsoft Excel, the 
libraries and calculations can easily be modified to include additional jurisdictions.

Keywords:  Project economic evaluation tool, portfolio options evaluation tool 

22.1	 Project Economic Evaluation Tool (PEET)

PEET calculates cash flows and reports key profitability indicators for an 
input individual oil or gas well project. The production forecast, however, 
is input as a statistical distribution, not as a single forecast. Resulting cash 
flows and profitability indicators are calculated by Monte Carlo simulation, 

*Email: Darryl.Burns@taqa.ca
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and reported as statistical distributions, not single numbers, under a vari-
ety of price forecast scenarios. This interactive tool provides investment 
decision makers with key information including the range of possible 
outcomes and the statistical distribution, or in other words, the ‘chance of 
whatever’ occurring. 

PEET results for multiple projects under multiple price forecast scenar-
ios are saved into a library for POET.

22.2	 Portfolio Options Evaluation Tool (POET)

POET accepts libraries of projects generated by PEET, and graphically dis-
plays risk vs. return and cost of all portfolio combinations under a number 
of scenarios. The intent is to identify a number of portfolio investment 
options that meet or exceed desired return criteria while remaining within 
acceptable risk and budget. Since there are many measures and visualiza-
tions of return and risk, steps for constructing POET from a blank Excel 
workbook are included in the Operating Instructions.

22.3	 Program Calculation Procedures

22.3.1	 General Cash Flow Calculation and Profitability 
Indicators

All calculations in PEET are done on a Gross 100% Working Interest basis.
PEET is structured to accept inputs and calculate monthly cash flows as 

follows:

22.3.1.1	 General Cash Flow Calculation

Gross Revenue
	 - Royalties
	 - Operating Costs
Operating Cash Income Before Tax (OCIBT)
	 - Income Tax
Operating Cash Income After Tax (OCIAT)
	 - Exploration Capital
	 - Development Capital
Cash Flow After Tax (CFAT)
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Profitability indicators are defined as:
Payout = time for accumulated Cash Flow After Tax = 0. Note time 

value of money ignored.

Profit to Investment Ratio =
Cash Flow After Tax undisc( oounted

investment Capital undiscounted

)

( ) ( )
∑
∑

NPV = Σ CFAT discounted to time 0 using the discount rate.
Internal Rate of Return (IRR) = discount rate at which Σ CFAT=0 (ie 

rate that makes NPV=0)

	

Value to Investment Ratio =
Cash Flow After Tax discoun( tted

investment Capital discounted

)

( )( )
∑
∑

22.4	 General Calculation Steps

The PEET worksheet is structured to complete calculations in the follow-
ing order;

1.	 Production forecast distribution
2.	 Trial Raw production forecast 
3.	 Random Walk Price Forecast 
4.	 Gross Revenue before D&A and shut in evaluation
5.	 Royalty before D&A and shut in evaluation
6.	 Operating Cost before D&A and shut in evaluation
7.	 Income Tax before D&A and shut in evaluation
8.	 Shut In Check
9.	 Capital Cost (success and D&A cases)
10.	D&A and Shut In Corrected Cash Flows
11.	Financial Calculations from Corrected Cash Flows

Prospect Number
Prospect number is used for tracking individual projects when evaluat-
ing portfolios in POET. Prospect number is also used for incrementing 
the HDR seed for the D&A distribution, and the production forecast 
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distribution to avoid coherence in D&A events and production forecast 
factors between projects.

Shut In Evaluation
Once all components of the General Cash Flow calculation are completed, 
PEET completes a Shut In Evaluation in each producing month to test 
whether or not OCIAT, less fixed opex, is positive. If OCIAT, less fixed 
opex, is negative, production and cash flow calculations are corrected 
to reflect a shut in condition for that month. Production volume, Gross 
Revenue, and Royalty are set to 0. Opex is set to reflect fixed operating 
costs only. 

Commodity Price Library
A commodity price library has been constructed to ensure price 
coherence amongst the individual project and portfolio evaluations. 
The Chief Probability Officer is the steward of this master file, and 
is responsible for updating and distributing the Master Commodity 
Price Forecast and Master Commodity Price History worksheet tables 
quarterly. 

The library contains the following gas, NGL, and oil price forecasts

A) Sproule Escalating
B) Sproule Constant (flat forward)
C) GLJ Petroleum Consultants Escalating
D) Deloitte Escalating

Random Walk Commodity Price Change Distribution and Forecast
Random walk commodity price change distribution and forecast is gener-
ated as follows:

1.	 Monthly oil, gas, and NGL commodity price history from 
the previous ten years (2009-01 to 2018-12) were collected 
and entered into the “Price History” tab of the project 
spreadsheet tool (PEET). 

2.	 Monthly price changes for each commodity were calculated.
3.	 The monthly price change distribution type for each com-

modity was evaluated by ordering the price changes from 
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smallest to largest, dividing the range into 5 equal ‘bins’, and 
counting the number of data points in each bin. The shape 
of the resulting histograms indicated that a normal type dis-
tribution would be an acceptable model.

4.	 Variance (VAR.S) of the commodities and covariance 
(COVARIANCE.S) amongst the commodities were calcu-
lated and entered into a covariance matrix. “Distributions”, 
“Means”, and “HDR” column headers were placed adjacent 
to the covariance matrix. 

5.	 A Correlated Normal distribution of the commodity price 
changes was generated by SIPmath Modeler Tools→Generate 
Input→Correlated Normal with inputs as shown on the 
screenshots below. Note that the Means were set at 0, and 
Start Var ID = 4362714:
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6.	 Covariance output distributions of the commodity price differ-
ences was then generated by SIPmath Modeler Tools→Define 
Output with inputs as shown on the screenshot below: 

7.	 A subset of cross plots of commodity price change pairs of 
the original data, and PMTable correlation results were com-
pared, and found to be in reasonable agreement.

8.	 For each month of the random walk price forecast section 
of cash flow calculations, a uniform input distribution was 
input, and the input distribution multiplied by the number 
of trials (500 for example) and rounded to the nearest inte-
ger so that an ‘index’ number between 1 and the number of 
trials (500 for example) is generated to look up a coherent 
set of commodity price changes. Note that Start Variable ID 
4362722 was used.
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9.	 This coherent set of commodity price changes is then added 
to the prior month’s commodity prices, and, if the calculated 
prices are below the maximum and above the minimum 
price limits, the calculation is carried, otherwise the price 
is set at minimum if the calculation is below minimum, and 
maximum if calculation is above maximum limit.

10.	Calculated commodity prices at months 1, 6, 12, and annu-
ally to production month 120 are defined as outputs, Low 
and high percentile values as dictated by user input are cal-
culated, and results displayed graphically for each of the 
commodities.

Production Forecast Statistical Distribution Calculations
PEET is designed to accept results of reservoir engineering evaluation of 
production data, including decline curve and statistical evaluation. These 
results are in the form of a multi-segment Arps decline curve fit to the 50th 
percentile (P50) production forecast, and the Estimated Ultimate Recovery 
(EUR) of the 90th percentile (P90) production forecast. PEET calculates 
the P50 EUR from the input decline parameters, and calculates the input 
lognormal distribution (“LgNrml_RAW_EUR”) of the EUR’s from the cal-
culated P50 EUR, and the input P90 EUR. The production forecast for each 
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trial in the Monte Carlo simulation is calculated by multiplying the P50 
production forecast by the ratio of trial EUR/P50 EUR, and plotted in a 
semilog Rate vs. Cumulative production chart for reference. 

Gross Revenue Calculations
Monthly Gross Revenue is calculated by multiplying volume x price for 
each sales product.

Royalty Calculations
Alberta Modernized Royalty Framework for new wells spud on or after 
January 1, 2017, formulas are used to estimate Crown royalties payable. 
Rigorous calculation of royalties by fluid recombination from gas and con-
densate analyses and volumes is outside the scope of this project, but could 
be added to the model. Sales gas gross heating value is used for heating 
value of the Gas+Ethane gas equivalent product, and 33%, 50%, and 100% 
recovery factors of propane, butane, and pentanes+ from the raw gas are 
assumed.

Operating Cost Calculations
Monthly operating cost consists of two components, fixed and variable. 
Operating cost is calculated by adding fixed cost to (unit volume cost x 
volume). Unit volume costs are on a raw gas basis for gas wells, and oil 
basis for oil wells.

Income Tax
Income tax for this project is assumed to be 0, although the model is struc-
tured to accept tax calculations.

Chance of Success Distribution Output
Drill and Abandon, or failure, risk is input, and a uniform input distribu-
tion is used to determine whether or not a trial in the Monte Carlo sim-
ulation is a D&A, or a success case. (Forecast Factor set to 0 if uniform 
distribution value for the trial is less than the % D&A chance entered.) The 
Chance of Success output is compared to the input D&A chance as a check. 
Chance of Success should equal 1- Chance of D&A.

Raw Cumulative Gas Distribution Output
Raw Cumulative Gas Distribution Output is calculated from the raw gas pro-
duction forecasts in the Monte Carlo simulation trials. D&A risk, and Shut 
In corrections are included in this calculation, so the output distribution will 
be lower than the (unrisked) production forecast distribution input.
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Total Sales MBOE Distribution Output
Total Sales MBOE Distribution Output is calculated from the sales prod-
uct volumes in the Monte Carlo simulation trials. D&A risk, and Shut In 
corrections are included in this calculation. A conversion factor of 1 boe:6 
mcf gas is used to convert MMSCF sales gas to MBOE.

Payout Month Distribution Output
Payout month is the project month that the undiscounted Cumulative 
Cash Flow After Tax becomes positive. To avoid calculation errors, the 
payout month is set to 240 in the event of a D&A outcome on a trial. Set the 
Chance of D&A=0 for accurate undiscounted payout month distribution 
for the success outcomes.
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absorber column, 22, 42
absorption, 31, 36, 38, 41, 42, 44, 46, 

49, 50, 51, 52, 86
alkanolamine (see amine)
amine, 41–53, 78, 117, 120, 122, 133
ammonia, 205, 206, 215
AQUAlibrium, 101, 153

benzene, 327
blowout, 245–257
brine, 13, 15, 16, 18, 28, 29, 177, 185, 

186, 187, 195, 196, 197, 218, 221, 
224, 225, 351

bubble point, 82, 83, 94, 141
butane, 357

capital cost, 115, 120, 211, 306, 349, 
350, 351

caprock, 150, 151, 162, 164, 168, 173, 177
carbon capture, 22, 41, 161, 183, 184, 

201, 202, 203, 218
carbonate ion, 9, 13, 17, 18, 19, 23, 29, 68
carbonate rock, 167, 169, 187, 217, 

218, 285
casing, 248, 250, 252
CCS (see carbon capture) 
cement, 201, 204, 205, 206, 207, 214, 

215
clathrate (see hydrates)
CMG GEM, 175, 179, 292, 326, 327
CMG Winprop, 230, 232
CO2 injection (see carbon capture)
CO2 storage (see carbon capture)
coal, 22, 162, 164, 165, 184, 202, 203, 

204, 205, 207, 210, 212, 214, 253

compression, 22, 38, 100, 115–120, 
121, 133, 154, 157, 162, 164, 201, 
213–216, 

compressor, 137–144
corrosion, 9, 10, 11, 12, 13, 14, 16, 

18, 19, 22, 77, 78, 97, 132, 
134, 157

dehydration, 120, 154, 155, 157, 159
density, 58, 59, 61, 119, 152, 154, 155, 

157, 196, 219, 285, 286, 317, 327, 
331–339

dew point, 82, 120, 138, 310, 311, 312, 
317

dolomite, 168, 169, 219

enchanced recovery (see EOR)
EOR, 161, 162, 164, 165, 170, 171, 

203, 206, 208, 209, 217–226, 
227–243

EOS (see equation of state) 
equation of state, 55, 56, 57, 59, 70, 79, 

89, 99, 175, 230, 232, 234
gas flow, 116, 121, 145, 252, 259, 260, 

261, 320, 321, 343

gas hydrate (see hydrate)
geological model, 291
GLEWpro, 145–159
glycol, 43, 44, 46, 50, 51

Henry constant, 25, 26, 37, 38, 88, 96, 
97, 111, 237 

hydrate, 77, 78, 83, 94, 98, 99, 115, 120, 
121, 122, 126, 130, 131, 143
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leak detection, 116, 259–282
limestone, 168, 169, 173 (also see 

carbonate rock) 

mass transfer, 311, 312, 313, 333, 337, 
339

MDEA, 147
mechanical properties, 137, 164, 194
methanol, 115, 120, 126
methyldiethanolamine (see MDEA)
minimum miscible pressure, 227, 228, 

230, 235, 236, 243
MMP (see minimum miscible 

pressure) 
molecular simulation, 41, 42, 43

nitrogen oxides, 21, 22, 24, 25, 29, 30, 
33, 35, 38

nitrogen, 3, 27, 55–71, 310, 337, 338, 339

PC-SAFT, 67
Peng-Robinson, 55–71, 79
permeability, 164, 171, 172, 173, 174, 

175, 176, 179, 184, 193, 194, 227, 
236, 237, 238, 240, 241, 242, 243, 
285, 286, 287, 288, 289, 292, 293, 
294, 295, 319, 320, 321, 323, 324, 
326, 328, 329, 334, 335, 341, 342, 
343, 345, 346, 347, 348

phase behavior (also see bubble point, 
dew point), 77, 78, 227, 229, 230, 
309, 310, 311, 312, 313

pipeline, 100, 145, 146, 148, 154, 155, 
158, 164, 206, 208, 209, 246, 251, 
259–282

plume, 175, 177, 180, 195, 217, 218, 
219, 221, 224, 245, 247, 250, 252

porosity, 164, 169, 171, 172, 173, 174, 
179, 184, 219, 236, 285, 286, 287, 
288, 289, 292, 321, 325, 326, 328, 
334, 341, 343, 346

PR (see Peng-Robinson) 

reciprocating compressor (see 
compressor) 

regenerator, 133

safety, 116, 123, 124, 125, 129, 130, 
131, 133, 137, 138, 139, 150, 159, 
245, 249, 255, 260

SAFT, (see PC-SAFT)
SAGD, 283–308
sandstone, 167, 170, 171, 173, 286, 321, 

341–348, 323
shale, 167, 168, 173, 285, 286
solubility, 9–19, 21–38, 50, 55–72, 

78, 79, 82, 83, 84, 86, 88, 89, 94, 
96, 97, 99, 100, 109, 112, 184, 
196, 237

sour gas, 2, 77, 115, 116, 138, 139, 141, 
151, 245, 249, 253

stripper, 42, 117
sulfur, 1–8, 115, 116, 135, 145, 147, 

148, 159
sulfur dioxide, 38

viscometer, 1–8
viscosity, 1–8, 44, 239, 284, 287, 288, 

294, 326, 328, 332, 335

water content, 77–112, 115, 119, 122, 
146, 157, 320

wellbore, 3, 100, 145–159, 183–199, 
247, 248, 272, 319
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Also Available in the Advances in Natural Gas Engineering Series: 

The Three Sisters: Acid Gas Injection, Carbon Capture and Sequestration, 
and Enhanced Oil Recovery, edited by Ying (Alice) Wu, John J. Carroll, 
and Yongle Hu, ISBN 9781119510062. This seventh volume in the series, 
Advances in Natural Gas Engineering, presents the “three sisters,” the 
three hottest and most important topics in the industry today, both inde-
pendently and how they’re interrelated: acid gas injection, carbon capture 
and sequestration, and enhanced oil recovery. NOW AVAILABLE!

Carbon Dioxide Capture and Acid Gas Injection, edited by Ying Wu and 
John J. Carroll, ISBN 9781118938669. This sixth volume in the series, 
Advances in Natural Gas Engineering, offers the most in-depth and up-to-
date treatment of CO2 capture and acid gas injection, two of the hottest 
topics in natural gas engineering. NOW AVAILABLE!

Acid Gas Extraction for Disposal and Related Topics, edited by Ying Wu, 
John Carroll, and Weiyao Zhu, ISBN 9781118938614. This fifth volume in 
the series, Advances in Natural Gas Engineering, offers the most in-depth 
and up-to-date treatment of acid gas extraction for disposal, an important 
innovation in natural gas engineering. NOW AVAILABLE!

Gas Injection for Disposal and Enhanced Recovery, edited by Ying Wu, John 
Carroll, and Qi Li, ISBN 9781118938560. This fourth volume in the series, 
Advances in Natural Gas Engineering, offers the most in-depth and up-to-
date treatment of the disposal and enhanced recovery of natural gas. NOW 
AVAILABLE!

Sour Gas and Related Technologies, edited by Ying Wu, John J. Carroll, and 
Weiyao Zhu, ISBN 9780470948149. Written by a group of the most well-
known and knowledgeable authors on the subject in the world, volume 
three focuses on one of the hottest topics in natural gas today, sour gas. 



This is a must for any engineer working in natural gas, the energy field, or 
process engineering. NOW AVAILABLE!

Acid Gas Injection and Related Technologies, edited by Ying Wu and John 
J. Carroll, ISBN 9781118016640. Focusing on the engineering of natural 
gas and its advancement as an increasingly important energy resource, 
this volume is a must-have for any engineer working in this field. NOW 
AVAILABLE!

Carbon Dioxide Sequestration and Related Technologies, edited by Ying Wu 
and John J. Carroll, ISBN 9780470938768. Volume two focuses on one of 
the hottest topics in any field of engineering, carbon dioxide sequestration. 
NOW AVAILABLE!

Other Titles from the Same Authors:

Acid Gas Injection and Carbon Dioxide Sequestration, by John J. Carroll, 
ISBN 9780470625934. Provides a complete overview and guide on the hot 
topics of acid gas injection and CO2 sequestration. NOW AVAILABLE!

Carbon Dioxide Thermodynamic Properties Handbook 2nd Edition, by Sara 
Anwar and John J. Carroll, ISBN 9781119083580. This second edition of a 
contemporary classic is the most comprehensive collection of carbon diox-
ide (CO2) data ever compiled, with new information added to the revi-
sion, a “one stop shop” for any engineer or scientist who works with carbon 
dioxide in any industry. NOW AVAILABLE!


